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Q. As a follow up to the response to CA-NP-186, please provide: 1 
 2 

(a)  details of the alternative rate designs considered by the company as a result 3 
of the 1984 and 1997 marginal cost studies; 4 

 5 
(b)  NP's analysis of those options; and 6 
 7 
(c)  the rate design changes that were implemented since then as a result of those 8 

studies. 9 
 10 
A. (a) Attachment A provides a review of marginal cost based rates completed in 11 

February 1985 based on the results on the 1984 marginal cost study.  12 
 13 
  Attachment B provides a review of marginal cost based rates completed in June 14 

1997 based on the results on the 1997 marginal cost study. 15 
 16 

(b) See the response to (a). 17 
 18 

(c) There were no rate design changes implemented as a result of the marginal cost 19 
pricing studies completed in 1985 and 1997. 20 
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EXECUTIVE SUMMARY 

In its report dated May 31, 1983, to the Minister of Mines and 

Energy, which dealt with Hydro's rate referral of March 1, 1983, the 
Board of Commissioners of Public Utilities decided that with respect to 
marginal cost pricing, a separate hearing should be held on the matter of 
rate structure. To this end, the Board directed Newfoundland and Labrador 

Hydro (hereafter referred to as Hydro) "to produce their best effort 
estimate of marginal based rates" and Newfoundland Light & Power Co. 

Limited (hereafter referred to as the Company) "to submit to the Board as 
soon as feasible after Hydro's marginal rates are received, [the 

Company's] best effort estimate of marginal based rates". The Board 
intended to ask the Federation of Municipalities to appear as an advocate 
of marginal cost pricing at the hearing and also to appoint a 
representative for domestic consumers. This directive resulted from 
continuing efforts by the Federation of Municipalities to have the 
feasibility of a marginal cost based tariff structure investigated. The 
marginal costs of electricity supply for the Company have been derived in 
Volume I of the study. In this second volume, rates based on these 

marginal costs are derived. In addition, the impact of such rates on 
customers and a preliminary comparison of the costs of implementing such 
rates together with the savings that might be realized are included. 

Marginal cost based rates for the year 1985, as derived in this 

report, are presented on page (vi). The rates shown on page (vi) would 
produce the same total revenue in 1985 for each of the indicated customer 
classes as the actual rates, including the fuel adjustment clause. Thus, 
on average, there would be no increase or decrease in the level of 

revenue collected from each of these classes as a result of the marginal 
cost based rates. However, it should be noted that no allowance has been 
made in these rates for the additional costs of implementing such rates or 

(iii) 



f o r  t h e  changes i n  revenue t h a t  would r e s u l t  i f  t h e i r  implementat ion were 

t o  r e s u l t  i n  a r e d u c t i o n  i n  t o t a l  energy sales o r  a t r a n s f e r  o f  energy 

usage f rom t h e  more expensive on-peak p e r i o d  t o  t h e  cheaper off-peak 

per iod .  

A second s e t  o f  marginal  cos t  based r a t e s  has been der ived t o  

i l l u s t r a t e  t h e  impact of a d i f f e r e n t  method of t rans forming marginal  cos ts  

i n t o  rates.  These r a t e s  as shown i n  Table 3-5 are based on c l a s s  revenue 

requi rements d e r i v e d  by a1 l o c a t i n g  t h e  t o t a l  1985 revenue requ i  rernent i n  

r e l a t i v e  p r o p o r t i o n  t o  t h e  t o t a l  marginal  cos ts  a l l oca ted  t o  each class. 

Each component o f  c l a s s  marginal  cos t  w i t h  t h e  except ion o f  customer cos ts  

was adjusted by an equal percentage r e s u l t i n g  i n  r a t e  components 

p r o p o r t i o n a l  t o  t h e  marginal  demand and energy costs. These r a t e s  would 

be u n l i k e l y  t o  g i v e  c l e a r  p r i c e  s igna ls  t o  customers and are o n l y  inc luded 

as an example o f  t h e  r e s u l t  produced by  a d i f f e r e n t  approach. 

The r e p o r t  dea ls  almost e x c l u s i v e l y  w i t h  t h e  i s o l a t e d  i s l a n d  

scenar io  because Hydro 's  proposed r a t e s  were based on t h i s  scenario. U n i t  

marginal  cos ts  by r a t e  c l a s s  have a lso  been ca l cu la ted  f o r  a Labrador 

i n f e e d  scenario. These cos ts  are shown i n  Table 4-1 and are inc luded t o  

i n d i c a t e  t h e  impact on marginal  cos ts  o f  a f u t u r e  supply o f  e l e c t r i c i t y  

f r o m  t h i s  source. 

The impact o f  t h e  marginal  cos t  based r a t e s  shown on page ( v i )  on 

va r ious  customer ca tego r ies  has been determined. Approximate increases o r  

decreases f o r  t h e  va r ious  customer ca tego r ies  are as f o l l o w s :  

Regular Domestic 
Domestic A1 1 - E l e c t r i c  
Regular  General Service, 0-lOkW 

10-100 kW . - . - - . . . . 
Over 100 kW 

E l e c t r i c  Heat General Se rv i ce  +16% 
A l l - E l e c t r i c  General Serv ice  0-100 kW + 1% 

Over 100 kW - 3% 



However, i t  should be noted t h a t  wide f l u c t u a t i o n s  from these averages 

cou ld  be expected i n  t h e  case o f  i n d i v i d u a l  customers as i l l u s t r a t e d  by 

t h e  r e s u l t s  shown on Table 5-3 where very l i m i t e d  data i nd i ca tes  

v a r i a t i o n s  rang ing  f rom -25% t o  t30% f o r  domestic customers. The 

v a r i a t i o n s  f rom t h e  annual average f o r  an e n t i r e  customer category are 

even wider when considered on a month ly  bas is  as shown i n  Tables 5-1 and 

5-2. 

The c a p i t a l  cos t  o f  implementing marginal  cos t  based r a t e s  f o r  a l l  

customers i s  est imated t o  r e q u i r e  a ne t  c a p i t a l  expendi ture o f  about $60 

m i l l i o n .  The annual charges on t h i s  amount together  w i t h  an increase i n  

annual ope ra t i ng  expenses r e s u l t  i n  an increase i n  annual cos ts  o f  about 

$12.7 m i l l i o n .  



NEWFOUNDLAND LIGHT & POWER CO. LIMITED ...................................... 
MARGINAL COST P R I C I N G  STUDY 

SUMMARY TABLE OF RATES 

............................................................................ ............................................................................ 
DOMESTIC ----------- GENERAL SERVICE----------- 

SMALL MEDIUM LARGE 

Minimum B i l l  $lO.OO/cust. $lO.OO/cust. $l.OO/kW $l.OO/kW 

Demand Charge: 
Winter On-Peak - - $3.50/kW $3.00/kW 

Energy Charge: 
Winter On-Peak 

F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $@.0200/kWh 
-Size 300 kwh 150 kwh 600 kwh 9,000 kwh 

End Block $0.1174/kWh $0.1174/kWh $0.1024/kWh $0.0950/kWh 

Winter Off-Peak 
F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $0.0200/kWh 

-Size 200kWh 100 kwh 400 kwh 6,000 kwh 

End Block $0.0728/kWh 0.0728/kWh $0.0728/kWh $0.0500/kWh 

Summer 
F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $0.0200/kWh 

-Size 500 kwh 250 kwh 1,000 kwh 15,000 kwh 

End Block $0.0728/kWh $0.072B/kWh $0.0728/kWh $0.0500/kWh 

Winter On-Peak: 8:00 a.m. t o  9:00 p.m. dur ing November t o  March inc lus ive.  
Winter Off-Peak: 9:00 p.m. t o  8:00 a.m. dur ing November t o  March inc lus ive.  
Sumner: A l l  hours dur ing A p r i l  t o  October inc lus ive.  



1. INTRODUCTION 

1.1 Purpose of Study 

In its report dated May 31, 1983, to the Minister of Mines 

and Energy, which dealt with Hydro's rate referral of March 1, 
1983, the Board of Commissioners of Public Utilities decided that 

with respect to marginal cost pricing, a separate hearing should 
be held on the matter of rate structure. To this end, the Board 

directed Newfound1 and and Labrador Hydro (hereafter referred to 
as Hydro) "to produce their best effort estimate of marginal 

based rates" and Newfoundland Light & Power Co. Limited (here- 
after referred to as the Company) "to submit to the Board as soon 

as feasible after Hydro's marginal rates are received, [the 
Company's] best effort estimate of marginal based rates". The 

Board intended to ask the Federation of Municipalities to appear 
as an advocate of marginal cost pricing at the hearing and also 

to appoint a representative for domestic consumers. This 
directive resulted from continuing efforts by the Federation of 

Municipalities to have the feasibility of a marginal cost based 
tariff structure investigated. The marginal costs of electricity 

supply for the Company have been derived in Volume I of the 
study. In this second volume, rates based on these marginal 

costs are derived. In addition, the impact of such rates on 
customers and a preliminary comparison of the costs of 

implementating such rates together with the savings that might be 

realized are included. 

1.2 Theory 

The purpose of marginal rates is to reflect to the consumer 
as closely as possible, the marginal costs of electricity supply. 



If this is accomplished effectively, the consumer will be sent 
correct signals on the cost of providing him with electrical 

service at the margin and he can then make an economic choice 
with respect to his consumption patterns. 

In theory, if enough consumers choose to shift consumption 

from periods of high marginal costs (when the system is operating 
at high capacity) to periods of low marginal costs (when there is 
much excess capacity), annual capacity requirements will 
decrease, the system load factor will improve and expensive 
capacity additions to the system can be delayed. As a result, 
the system will incur lower costs in the long run. 

1.3 Approach Used 

Because 1985 is the year in which the rates are being 
considered, it has been chosen as the "test year" for which 
marginal rates will be derived. 

In Section 2 of this volume, the unit marginal costs at the 
production level derived in Volume I have been transformed into 
unit marginal costs at the customer level for a number of 
customer classes. These are, in effect, pure marginal cost based 

rates. 

In Section 3, the resulting rates of Section 2 have been 
adjusted to provide the Company with a level of revenue that is 

consistent with that allowed by the Board. Marginal cost based 
rates have been developed which reflect marginal costs to the 

extent practical while at the same time meeting the revenue 
requirement. In addition a set of marginal cost based rates, 
ref erred to as "alternate", have been determined to i 1 lustrate 



the rates that result from a more direct transformation of the 
marginal costs into rates that will produce the total revenue 
requirement but with restated .'ass revenue requirements. It 
should be noted that no allowance has been included in the 
marginal cost based rates for the cost of implementing such rates 
or adjustments in the rates required to offset revenue reductions 

arising from reductions in total use or changes in load patterns. 

In Section 4, unit marginal costs by rate class based on a 
Labrador Infeed assumption have been included to indicate the 

sensitivity of the marginal costs to the basic assumption of 
future power supply. 

Section 5 contains an analysis of the impact of the marginal 

cost based rates on the various customer classes. This analysis 
is limited by the lack of detailed load data for individual 

customers. 

A preliminary comparison of the direct costs of implementing 

marginal cost based rates with savings arising from such rates is 

given in Section 6. This section also includes a brief reference 
to elasticity of demand. 



2. MARGINAL COSTS AT THE CUSTOMER LEVEL 

2.1 General 

In Volume I of this study, the Company's unit marginal costs 

were derived and summarized in Table 6-2 of that volume. These 
costs were to be used as the basis for developing marginal cost 

based rates. However, it was found that the use of the rate 
proposed by Hydro, which would form the Company's marginal energy 

cost at the production level, resulted in unsatisfactory rates. 
Consequently, the marginal cost based rates developed in this 

second volume are based on Hydro's marginal costs rather than its 
proposed rate since marginal cost based retail rates should be 

based on marginal costs at all points in the overall system. 

The total unit marginal costs adjusted to 1985 by applying 
an escalation factor of 4% are summarized in Table 2.1. As seen 

in Table 2.1, these costs include: 

1. Marginal customer costs of $238 per customer annually as 
derived in Volume I and adjusted to 1985 dollars. 

2. Marginal demand costs of $44.73 per kW of system peak load 

annually as derived in Volume I and adjusted to 1985 
dollars. This unit cost is comprised of $23.66 per kW 

associated with transmission and substations and $21.07 per 
kW associated with distribution. 

3. Marginal production costs of 10.97 cents per kwh during the 

winter on-peak period, 10.07 cents per kwh during the winter 
off-peak period and 6.80 cents per kwh during the summer 

period. These unit costs are derived from those presented 



on page S-5 o f  Shawin igan-Laval inrs r e p o r t  t o  Hydro, "Marginal 

Time o f  Use Costs", dated September 1984. 

I t  should be noted t h a t  Hydro 's  marg ina l  costs, as presented 

i n  t h e  Shawinigan-Laval in repo r t ,  are expressed i n  terms o f  
energy s o l d  w i t h o u t  a s p e c i f i c  demand component. A t  Hydro 's  

request ,  Shawinigan-Laval in p rov ided  a demand-energy breakdown o f  
Hydro 's  marginal  cos ts  i n  a l e t t e r  dated November 6, 1984 t o  Mr .  

S.P. Spicoluk. However, t h i s  breakdown d i d  not  appear t o  be 

s u i t a b l e  f o r  t h e  development o f  r e t a i l  r a t e s  and t h e r e f o r e  was 

n o t  used. 

It should a l s o  be noted t h a t  t h e  r a t i n g  per iods  adopted f o r  

t h e  purpose o f  t h i s  s tudy d i f f e r  f rom those proposed by Hydro. 

Hydro 's  proposal  de f i ned  t h e  w i n t e r  on-peak pe r iod  as t h e  hours 

o f  0800 t o  1200 and 1600 t o  2100 d u r i n g  t h e  months o f  November t o  

March i n c l u s i v e .  The Company has mod i f i ed  t h e  w i n t e r  on-peak 

p e r i o d  t o  i n c l u d e  t h e  hours o f  1200 t o  1600 as we l l .  Thus, t h e  

w i n t e r  on-peak p e r i o d  f o r  t h e  purpose o f  t h i s  study i s  de f i ned  as 

t h e  hours o f  0800 t o  2100 du r ing  t h e  months o f  November t o  March 

i n c l u s i v e .  Whi le  t h e r e  i s  a drop i n  l oad  l e v e l  du r ing  t h e  hours 

1200 t o  1600, t h e  drop does no t  appear t o  be l a r g e  enough t o  

war ran t  a change i n  r a t e s  t h a t  might  encourage consumers t o  s h i f t  

consumption t o  t h i s  p a r t i c u l a r  per iod.  An examinat ion o f  t h e  

d a i l y  l o a d  curves d u r i n g  t h e  w i n t e r  p e r i o d  revealed t h a t  a 
r e l a t i v e l y  smal l  s h i f t  i n  l oad  t o  t h e  1200 t o  1600 hour pe r iod  

cou ld  cause t h e  establ ishment  o f  a new peak p e r i o d  du r ing  these 

hours p a r t i c u l a r l y  d u r i n g  t h e  hours 1200 t o  1400. The f a c t  t h a t  

people a r e  g e n e r a l l y  q u i t e  a c t i v e  a t  t h i s  t i m e  o f  day and there- 

f o r e  a b l e  t o  change consumption p a t t e r n s  w i t h  r e l a t i v e  ease, 

inc reases t h e  p o s s i b i l i t y  o f  a s i g n i f i c a n t  load s h i f t  occur r ing .  

I f  t h i s  occurred a marked r e v i s i o n  o f  r a t e s  t o  conform w i t h  t h e  

new consumption p a t t e r n s  would be requi red.  Thus customers would 

be  faced w i t h  an undes i rab le  v o l a t i l i t y  i n  t h e  rates.  



As seen in Table 2-1, unit marginal costs are expressed in 
dollars per average customer, or in dollars per kilowatt-hour or 
per peak load kilowatt fed into the Company's system. As a first 
step in developing marginal cost based rates, these unit costs 

must be converted to dollars per kilowatt or kilowatt-hour 
delivered to the customer or, in the case of customer costs, to 

dollars per customer served under a specific rate category. 
Therefore, factors such as losses, diversity and relative 

customer size must be considered. In this section, marginal 
costs at the production level, as presented in Table 2.1, are 
adjusted such that unit marginal costs at the customer level for 
specific rate categories are derived. 

The rate classes chosen loosely follow the Company's present 

rate classifications. Some existing customer classes have been 
combined to keep this initial analysis of marginal rates as 
simple as possible and toward this end, street lighting rates 
which include charges for the use of street lighting facilities 
have not been included. The rate classes chosen are: 

Domestic 
Small General Service (0-10 kW) 

Medium General Service (10-100 kW) 
Large General Service (Over 100 kW) 

2.2 Estimates of Quantities 

In order to estimate the revenues that marginal rates will 
produce (that is, if customers do not change their consumption 
patterns as a result of the new rates), it is necessary to have 
data for each customer classification concerning numbers of 

customers during the year, the sum of kilowatts delivered to 



customers within each rating period and the number of kilowatt- 
hours delivered within each rating period. This data has been 
estimated and is summarized in Table 2-2 .  

The number of customers for each rate class, shown in Table 
2 - 2 ,  is an estimate of the average number of customers during 

1985 and is calculated from 1984 actual data and 1985 budget 
estimates. 

The number of kilowatt-hours delivered to each customer 

class by rating period in 1985 is also shown in Table 2-2 under 
the title "Energy Quantities". Estimates of consumptions during 

the winter and summer periods in 1983 were made after an 
examination of the Company's monthly production and sales 

reports. It was found that November to March total sales from 
customer billing data closely matched estimates made for total 

sales from production reports for the calendar period November to 
March, even though the billing cycle period does not coincide 

with the calendar period. Therefore, November to March billed 
kilowatt-hours were used as a proxy for actual November to March 

consumption in 1983, i.e. the winter period, with the remainder 
of billed kilowatt-hours in 1983 repre;enting the summer period. 

From the Company's load research data, it was estimated that 62% 
of all winter consumption for domestic customers is during 

on-peak hours. For general service customers, the corresponding 
number is 60%. The 1985 estimates of energy quantities shown in 

Table 2-2 are based on this analysis. 

In order to properly assess demand costs on a per unit 
basis, they must be expressed in terms of kilowatts delivered. 

However, this is possible only for classes where individual 
customer demands are metered. 



For customers with no demand meters, i .e.,  t he  domestic and 
small general service groups, customer demand data i s  not avail-  

able,  and i s  not l i ke ly  t o  be measured on time-of-use meters 
should time-of-use r a t e s  be implemented. Demand costs  must 
therefore  be charged on the  bas i s  of energy consumption f o r  these 
two customer groups, as  seen i n  Table 2-2 under the  t i t l e  "Demand 

Quant i t i es" .  

For customers w i t h  demand meters, i.e., the  medium and large 

general se rv ice  groups, estimates of current demands i n  1983 f o r  

each ra t ing  period were made a f t e r  an examination of the  

Company's load survey data  and customer b i l l i ng  data. Because of 

t he  timing difference between calendar months and b i l l i n g  months, 

i t  was necessary t o  make an estimate of current  demands f o r  t he  

calendar period November t o  March, since t h i s  information i s  not 

readi ly  available.  Recognizing the  time difference,  as  well as 

t h e  time a t  which most customers' peak loads will  occur within 
each month, i t  was estimated t h a t  the  sum of current  demands f o r  

t he  calendar months November t o  March i s  higher than the  sum of 
current  demands f o r  the  h i l l i n g  months of December t o  March by a 

f a c t o r  of 1.25. This f a c t o r  was applied t o  the  data f o r  the 
b i l l i n g  months December t o  March which had been obtained f o r  a 

previous analysis.  From t h e  Company's load data,  i t  was 
estimated t h a t  t he  sum of winter on-peak current demands i s  equal 

t o  98% of t o t a l  current  demand during the November t o  March 

period and t h a t  the  sum of winter off-peak current  demands i s  

equal t o  75% of t o t a l  current  demand during the November t o  March 

period. The 1985 estimates of demand quant i t i es  shown i n  Table 

2-2 a r e  based on t h i s  analysis. 

2.3 Marginal Customer Costs 

As seen i n  Table 2.1, t he  incremental cost  t o  the  Company of 

an addit ional customer, independent of h i s  consumption o r  demand, 



i s  $238 per  yea r  i n  1985 d o l l a r s .  Th i s  i s  t h e  annual marginal  

c o s t  p e r  average customer. Because customers vary w i t h  respect  

t o  s i z e  and i n d i v i d u a l  requirements, customer cos ts  vary. For  
example, meter ing  cos ts  a r e  h igher  f o r  c lasses  con ta in ing  l a r g e r  

customers. Hence, t hese  c lasses  should a t t r a c t  a  g rea te r  p o r t i o n  
o f  these costs.  

Customer we igh t ing  f a c t o r s  have been developed i n  t h e  

Company's c o s t  a l l o c a t i o n  s tudy  f o r  t h e  purpose o f  d i f f e r e n t -  
i a t i n g  between customer-re lated cos ts  f o r  d i f f e r e n t  r a t e  

ca tegor ies .  By app ly ing  these same we ight ing  f a c t o r s  t o  t h e  
marg ina l  c o s t  o f  $238 annua l ly  p e r  average customer, t h e  

f o l l o w i n g  marginal  customer costs, expressed i n  1985 d o l l a r s ,  
have been d e r i v e d  f o r  each r a t e  c l a s s i f i c a t i o n :  

Annual Marginal  Month ly  Marginal  
Customer Cost Customer Cost 

Domestic $ 214 6 18 

Small  General Se rv i ce  $ 214 $ 18 

Medium General Se rv i ce  $ 642 $ 54 

Large .General Se rv i ce  $1,583 $132 

The above cos ts  fo rm t h e  customer component o f  t h e  u n i t  

marg ina l  c o s t  f o r  each c lass .  

2.4 Marg ina l  Demand Costs 

As seen i n  Table 2.1, t h e  t o t a l  demand c o s t  o f  $44.73 per  
k i l o w a t t  o f  system peak i s  composed o f  two components: i )  a  

demand c o s t  o f  $23.66/kW a t t r i b u t a b l e  t o  t ransmiss ion  l i n e s  and 

subs ta t i ons  and i i )  a  demand c o s t  o f  $21.07/kW a t t r i b u t a b l e  t o  

t h e  d i s t r i b u t i o n  system. These two components have been t r e a t e d  



s e p a r a t e l y  i n  t h e  development o f  u n i t  marginal  cos ts  a t  t h e  

customer l e v e l .  

2.4.1 Transmiss ion and S u b s t a t i o n  Costs 

Peak usage o f  t ransmiss ion  and s u b s t a t i o n  f a c i l i t i e s  occurs 

a t  t h e  t i m e  o f  system peak, o r  w i t h i n  very  c l o s e  p r o x i m i t y  t o  it, 

as these f a c i l i t i e s  t e n d  t o  be l oca ted  r e l a t i v e l y  c l o s e  t o  p o i n t s  

where power i s  generated. Thus, t ransmiss ion  and subs ta t i on  

demand cos ts  are r e l a t e d  t o  t h e  peak usage o f  e l e c t r i c  power on 

t h e  system. Therefore, t h e  a l l o c a t i o n  o f  these cos ts  t o  s p e c i f i c  

customer c lasses  can be made on a  co inc ident ,  o r  "peak responsi-  
b i l i t y "  basis.  Under t h i s  method, marginal  demand cos ts  a r i s i n g  

f r o m  t ransmiss ion  and s u b s t a t i o n  f a c i l i t i e s  a r e  a l l o c a t e d  t o  each 
customer c l a s s  i n  p r o p o r t i o n  t o  i t s  c o n t r i b u t i o n  t o  t h e  system 

peak load. T h i s  i s  shown i n  Tab le  2-3. 

The c o n t r i b u t i o n  o f  each c l a s s  t o  t h e  system peak load has 

been determined us ing  d a t a  f rom t h e  Company's c o n t i n u i n g  load 

research  program. D a i l y  l oad  curves f o r  a  sample group o f  
domestic customers d u r i n g  t h e  week o f  t h e  system peak load have 

been sca led  upwards t o  o b t a i n  a  t o t a l  domestic l oad  curve  f o r  t h e  

system. The d i f f e r e n c e  between t h i s  curve  and t h e  system load 

cu rve  i s ,  by  d e f i n i t i o n ,  a t t r i b u t a b l e  t o  general se rv i ce  

customers, s t r e e t  l i g h t i n g  and losses. These remain ing components 

have been f u r t h e r  broken ou t  us ing  l o s s  data, general se rv i ce  

b i l l i n g  data, Bary curves  and s t r e e t  l i g h t i n g  l oad  data. Thus, 

t h e  peak r e s p o n s i b i l i t y  breakdown shown i n  Table 2.3 has been 

der ived.  

' A s  seen i n  Table 2.3, t o t a l  marginal  demand cos ts  a t t r i b u t -  

a b l e  t o  t ransmiss ion  and substat ions,  expressed i n  1985 d o l l a r s ,  



amounted t o  $19,614,000 i n  t h e  year  1985. Th i s  number i s  equal 

t o  t h e  corresponding marginal  u n i t  demand cos t  o f  $23.66/kW 

m u l t i p l i e d  by a "smoothed' 1985 peak load o f  829 MW. The 

smoothing p r i n c i p l e  recognizes t h e  f a c t  t h a t  ac tua l  peak loads 

f l u c t u a t e  f rom yea r  t o  yea r  i n  t h e  s h o r t  term, w h i l e  demand cos ts  
i n  t o t a l  r i s e  w i t h  peak load growth over t h e  long-term. Since 

sho r t - t e rm f l u c t u a t i o n s  do n o t  a f f e c t  t h e  long-term growth o f  

demand costs, i t  i s  more appropr ia te  t o  use a p o i n t  on t h e  t r e n d  

l i n e  r a t h e r  than t h e  peak l oad  est imated f o r  1985 as a b a s i s  f o r  

e s t i m a t i n g  t o t a l  demand cos ts  f o r  t h a t  year. 

The t i m e  p e r i o d  t o  which t ransmiss ion  and subs ta t i on  cos ts  

have been a l l o c a t e d  i s  t h e  w i n t e r  on-peak period; i.e. November 
t o  March f rom 8:00 AM t o  9:00 PM. The system peak w i l l  almost 

c e r t a i n l y  occur  d u r i n g  t h i s  per iod.  

I t  can be seen i n  Table 2.3 t h a t  t h e  cos ts  a l l o c a t e d  t o  each 
customer c l a s s  have been d i v i d e d  by t h e  number o f  u n i t s  d e l i v e r e d  

t o  customers d u r i n g  t h e  w i n t e r  on-peak p e r i o d  (GWh o r  MW), taken 

f r o m  Table 2-2, and then ad jus ted  by a " l o s s  adjustment f a c t o r "  

b e f o r e  t h e  f i n a l  u n i t  charge i s  derived. T h i s  f a c t o r  a d j u s t s  f o r  

r e l a t i v e  d i f f e r e n c e s  i n  t h e  amount o f  peak load losses between 

t h e  classes. Thus, t h e  domestic, smal l  general se rv i ce  and 

medium general s e r v i c e  customers, who are served a t  secondary 

vol tage,  have s l i g h t l y  h ighe r  losses than t h e  Company average, 

w h i l e  l a r g e  general  s e r v i c e  customers, who are served a t  h igher  

v o l t a g e  l e v e l s ,  have losses  t h a t  a r e  s l i g h t l y  below average. 

2.4.2 D i s t r i b u t i o n  Costs 

Whi le  peak usage o f  t ransmiss ion  and subs ta t ion  f a c i l i t i e s  

occurs a t  t h e  t i m e  o f  system peak, peak usage o f  t h e  d i s t r i b u t i o n  



system i s  more dependent on t h e  consumption p a t t e r n s  o f  customers 

o r  groups o f  customers served b y  s p e c i f i c  d i s t r i b u t i o n  

f a c i l i t i e s .  The peak load  on an i n d i v i d u a l  l i n e  can occur a t  any 
t ime  o f  t he  year. Therefore, d i s t r i b u t i o n  demand cos ts  have been 

a l l o c a t e d  t o  customer c lasses on t h e  b a s i s  o f  non-coinc ident  peak 
loads. For  each c lass ,  t h i s  c o s t  has been a l l o c a t e d  across t h e  

r a t i n g  pe r iods  du r ing  t h e  year on t h e  bas is  o f  k i l o w a t t s  o r  

k i l owa t t -hou rs  d e l i v e r e d  such t h a t  t h e  charge i s  equ iva len t  

throughout  t h e  year. 

Table 2.4 summarizes marginal  d i s t r i b u t i o n  demand cos ts  by 

c l a s s  o f  s e r v i c e  and by r a t i n g  per iod.  As shown i n  Table 2.4, a  

t o t a l  marginal  d i s t r i b u t i o n  demand c o s t  o f  $17,467,000, which has 

been de r i ved  by m u l t i p l y i n g  t h e  smoothed peak load i n  1985 o f  829 

MW by t h e  marg ina l  d i s t r i b u t i o n  demand cos t  o f  $21.07/MW, has 

been a l l o c a t e d  t o  customer c lasses on t h e  bas is  o f  est imated non- 

c o i n c i d e n t  peak loads. As w i t h  t h e  peak r e s p o n s i b i l i t y  breakdown 

i n  Table 2.3, es t imates  o f  non-coinc ident  peak loads i n  Table 

2.4, as w e l l  as consumptions and demands f o r  each r a t i n g  per iod,  

have been made f o r  1983 us ing t h e  Company's load research da ta  

and Bary curves and then ex t rapo la ted  t o  1985. The cos ts  f o r  
each customer c l a s s  have then  been a l l oca ted  across r a t i n g  

pe r iods  on t h e  bas is  o f  k i l o w a t t s  o r  k i lowat t -hours  consumed. As 

i n  Table 2.3, a peak l o a d  l o s s  adjustment f a c t o r  i s  app l i ed  t o  

each o f  t h e  u n i t  c o s t s  i n  Table 2.4. 

2.5 Marg ina l  Energy Costs 

The marginal  energy c o s t  a t t r i b u t a b l e  t o  a  customer i s  equal 

t o  Hydro's marginal  energy-based c o s t s  adjusted f o r  losses. 

Hydro 's  marginal  costs,  r e s t a t e d  i n  1985 d o l l a r s ,  as presented i n  

Table 2.1, have been ad jus ted f o r  each customer c lass  i n  t h e  
f o l l o w i n g  manner: 



F o r  Oamestic, Small General Service, Medium General Serv ice:  

Hydro 's  Loss Adjustment Marg ina l  Cost a t  
.- Factor  Customer Level  

(mi l ls/kWh) 

Winter  On-Peak 109.7 1.070 117.4 

Winter  Off-Peak 100.7 1.070 107.7 

Summer 68.0 1.070 72.8 

For  Large General Service: 

Hydro' s  Loss Adjustment Marginal  Cost a t  
Ma;;;;;;,h;; Fac to r  Customer Level  

(mi l ls/kWh) 

Winter  On-Peak 109.7 1.057 116.0 

Win ter  Off-Peak 100.7 1.057 106.4 

Summer 68.0 1.057 71.9 

The a l l o c a t i o n  o f  a l l  marg ina l  cos ts  t o  r a t e  c lasses 

expressed i n  u n i t  cos ts  i s  s u n a r i z e d  i n  Table 2.5. 



3. RATES - 

3.1 General 

Two separate sets of marginal cost based rates are developed 
in this section. One set of rates is suggested as marginal cost 
based rates for comparison with the existing rates. The other 
will be a set of "alternate" rates intended to illustrate the 
result that would be obtained if the marginal costs were 

transferred as directly as possible into rates. 

Since total revenue calculated from unit marginal costs will 
not equal the Company's revenue requirement, the unit costs 

derived in Section 2 must be adjusted to accommodate this 
constraint. The adjustment must be made so that the least amount 
of distortion occurs to the unit costs shown in Table 2-5. The 
greater the distortion, the more likely is the possibility that 
the final rates will send customers the wrong signals on the 
marginal c o s t s  of electricity supply. 

Total revenues shown in Table 3-1, resulting from the direct 

conversion of unit marginal costs to rates, have been calculated 
by multiplying the unit costs shown in Table 2-5 by the corres- 

ponding quantities in Table 2-2. As seen in Table 3-1, the 
Company's total revenues in 1985, if based solely on marginal 

costs, would have been equal to $378 million in 1985 dollars. 

As shown in Table 3-2, 1985 revenue from the customer 
classes included in this study is estimated to be $221 million. 
This amount includes revenue from basic rates and fuel adjustment 
only and is equal to the 1985 final budget revenue estimate 



r e v i s e d  f o r  Hydro 's  mid-January 1985 es t imate  o f  1985 f u e l  cos ts  
and t h e  r e s u l t i n g  f u e l  adjustment charges. The bas ic  r a t e  

revenue inc luded  i n  t h i s  es t ima te  i s  equal t o  t h e  f o r e c a s t  bas i c  

r a t e  revenue used i n  t h e  f i n a n c i a l  f o r e c a s t  f i l e d  w i t h  t h e  Board 

on November 19, 1984 d u r i n g  t h e  recen t  r a t e  case. 

Table 3-2 a l s o  shows t h a t  t h e  revenues based on u n i t  

marg ina l  c o s t s  a re  $157 m i l l i o n  i n  excess o f  t h e  revenue 

requi rement .  T h i s  excess must be e l im ina ted  through adjustments 

t o  t h e  marginal  c o s t  based r a t e s  so t h a t  t o t a l  revenue produced 

by  these  r a t e s  i s  equal t o  t h e  revenue requirement.  

3.2 Customer Class Revenue Targets  

There are a number o f  ways o f  s e t t i n g  c l a s s  revenue t a r g e t s  

so t h a t  t h e  t o t a l  revenue f r o m  t h e  marginal  r a t e s  i s  equal t o  t h e  
1985 revenue l e v e l .  From t h e  standpoint  o f  economic e f f i c i e n c y ,  

c l a s s  revenue t a r g e t s  should be s e t  so t h a t  any r e a c t i o n  by a 
customer c l a s s  w i l l  n o t  be a f f e c t e d  s i g n i f i c a n t l y  by v a r i a t i o n s  

i n  t h e  marg ina l  c o s t  based r a t e s  f rom marginal  costs. 

I n  t h i s  study, customer c l a s s  revenues have been s e t  a t  t h e  

es t ima ted  1985 l eve l s .  T h i s  avoids increases o r  decreases i n  

p r i c e s  f o r  customer c lasses  as a whole from c u r r e n t  r a t e  leve ls .  

The Company proposes a comple te ly  revenue n e u t r a l  approach t o  t h e  

de te rm ina t i on  o f  marg ina l  c o s t  based rates,  so t h a t  no t  on l y  w i l l  

t o t a l  revenue under t h e  proposed r a t e s  equal t h e  t o t a l  revenue 

requirement,  b u t  t h e  revenue c o l l e c t e d  f rom each c l a s s  w i l l  a l so  

remain unchanged. 

Other  methods o f  s e t t i n g  c l a s s  revenues, such as an equal 

percentage decrease i n  t h e  marginal  c o s t  based revenues f o r  each 



customer c lass,  would r e s u l t  i n  s i g n i f i c a n t  r a t e  changes f o r  t h e  

va r ious  customer classes. 

The " a l t e r n a t e "  marg ina l  c o s t  based r a t e s  developed i n  

Sec t ion  3-5 use a  d i f f e r e n t  approach which i s  n o t  n e u t r a l  w i t h  

respec t  t o  c l a s s  revenues. The c l a s s  revenue requirement i s  

based e n t i r e l y  on c l a s s  marg ina l  cos ts  w i t h o u t  re ference t o  1985 

c l a s s  revenues under e x i s t i n g  ra tes .  The c l a s s  marginal cos ts  

a re  scaled down by an equal percentage f o r  each c l a s s  w i t h  t h e  
percentage adjustment be ing t h e  percentage t h a t  t he  t o t a l  revenue 

requirement i s  o f  t h e  t o t a l  marginal  costs. 

The development o f  t h e  f i r s t  se t  o f  r a t e s  i s  descr ibed i n  
d e t a i l  i n  Sect ions 3.3 and 3.4. The " a l t e r n a t e "  r a t e s  are 

developed i n  Sect ion  3.5. 

3.3 Marg ina l  Cost Based Rates - C r i t e r i a  

As seen i n  Table 3-2, t o t a l  revenues c o l l e c t e d  by app ly ing  

t h e  u n i t  marginal  c o s t s  o f  Table 2-5 t o  1985 q u a n t i t i e s  would 

amount o f  $378 m i l l i o n ,  compared t o  a  revenue requirement o f  o n l y  

$221 m i l l i o n .  A  s i g n i f i c a n t  adjustment must t h e r e f o r e  be made t o  
t h e  u n i t  cos ts  o f  Table 2-5 so t h a t  t h e  r e s u l t i n g  r a t e s  p rov ide  

t h e  r e q u i r e d  revenue l e v e l  f o r  each c lass  w h i l e  main ta in ing  an 

approp r ia te  p r i c e  s igna l .  The f o l l o w i n g  descr ibes the  c r i t e r i a  

used t o  make t h i s  adjustment. 

3.3.1 I n v e r s e  E l a s t i c i t y  Ru le  

The inve rse  e l a s t i c i t y  r u l e  proposes t h a t  dev ia t i ons  f rom 

marginal  c o s t  based r a t e s  should be l a r g e s t  where demand i s  l e a s t  



price elast ic .  Therefore, the least amount of distortion t o  
economic efficiency will result.  

In the absence of any hard data on the relative price elas- 
t i c i t i e s  of customer, demand and energy ra te  components, so that 
each ra te  component could otherwise be reduced in inverse 

proportion t o  i t s  relat ive e las t ic i ty ,  a sequenti a1 reduction 

approach in the ra te  components i s  frequently adopted. Using th is  

approach, the ra te  component thought to  be the least e las t ic  i s  

adjusted f i r s t ,  the next least  e las t ic  component i s  adjusted 

second and so on,  until  the desired revenue level i s  attained. 

The customer component i s  generally accepted as being the 

l eas t  price e l a s t i c  component of a rate. A customer charge i s  a 

f l a t  sum that  every customer pays for  the right t o  be connected 
t o  and supplied from the system. Demand and energy consumption 

i s  not likely t o  be affected by changes in the customer charge. 
After the customer component, the next least e las t ic  rate 

component i s  the demand charge with the energy charge being the 
most price e las t i c  ra te  component. 

In view of the lack of specific data on the price elastic- 

i t i e s  of each component, a more general c r i t e r ia  was established 
t o  provide a consistent approach for  dealing with the excess 

revenue for  each ra te  class. The c r i t e r i a  are intended t o  

incorporate the most essential elements of marginal cost based 

rates w i t h  general ra te  making objectives such as fairness, 

equity, revenue s tab i l i ty  and ra te  stabil i ty.  

3.3.2 Customer Charge Component 

As previously stated, the customer charge component has 

l i t t l e  effect on customers' usage patterns. Therefore any 



m o d i f i c a t i o n  made t o  t h e  customer charge should n o t  s e r i o u s l y  

a f fec t  t h e  customer 's  pe rcep t i on  o f  t h e  in tended p r i c e  s ignals.  

As seen i n  Tab le  3.1, revenue f rom t h e  customer charges accounts 
f o r  almost $40 m i l l i o n  o f  t h e  t o t a l  marginal  c o s t  o f  $378 

m i l l i o n .  The e l i m i n a t i o n  o f  t h i s  charge reduces t h e  excess 
revenue o f  $157 m i l l i o n  by  25%. 

However, t o  p reven t  customers f rom pay ing  l i t t l e  o r  no th ing  

f o r  e l e c t r i c  se rv i ce ,  minimum monthly  b i l l s  were es tab l ished.  

These minimum b i l l s  at tempt t o  e s t a b l i s h  a  minimum payment i n  t h e  

o r d e r  o f  magnitude o f  marg ina l  customer costs. T h i s  charge 
p rov ides  an i n d i c a t i o n  t o  t h e  customer o f  t h e  cos t  o f  supp ly ing  

e l e c t r i c  s e r v i c e  and would a l s o  p rov ide  some revenue f rom 
customers w i t h  min imal  consumptions. 

3.3.3 Demand Charge Component 

The demand charge component i s  g e n e r a l l y  regarded as being 

l e s s  p r i c e  e l a s t i c  than energy and t h i s  element o f  c o s t  was 

considered next. However, t h e  u n i t  demand cos ts  shown i n  Table 

2-5 r e f l e c t  o n l y  t h e  t ransmiss ion  and d i s t r i b u t i o n  cos ts  on t h e  

Company's system. Hydro 's  demand cos ts  are inc luded i n  a  t o t a l  

c o s t  expressed i n  cen ts  p e r  kwh. There fore  marginal  demand c o s t s  

a r e  o n l y  $41 m i l l i o n .  

It i s  g e n e r a l l y  regarded t h a t  d i s t r i b u t i o n  cos ts  may n o t  
va ry  s i g n i f i c a n t l y  w i t h  l e v e l s  o f  consumption. There fore  t h e  

demand charges were e l i m i n a t e d  comple te ly  f rom t h e  domestic and 
smal l  general  s e r v i c e  r a t e s  and i n  t h e  w i n t e r  o f f -peak  and s u m e r  

p e r i o d s  f o r  t h e  medium and l a r g e  general  s e r v i c e  customers. The 
w i n t e r  on-peak demand charge f o r  t h e  medium and l a r g e  general  



s e r v i c e  customers was r e t a i n e d  t o  p rov ide  an i n d i c a t i o n  t o  

customers t h a t  demand l e v e l s ,  e s p e c i a l l y  du r ing  peak periods, do 

a f fec t  t h e  system c o n f i g u r a t i o n  and t h e r e f o r e  i t s  cos t .  Th i s  
charge a1 so prov ides  some revenue s t a b i  1  i t y .  However, t o  remove 

t h e  demand cos ts  f rom these r a t e s  t h e  on-peak energy charge was 
reduced by  an amount per  k i l o w a t t - h o u r  equ iva len t  t o  t h e  demand 

charge. 

3.3.4 Energy Charge Component 

F o l l o w i n g  t h e  adjustments t o  t h e  customer and demand 

components, approximate ly  50% o f  t h e  excess revenue shown on 
Tab le  3-2 remains t o  be e l i m i n a t e d  through r a t e  adjustments. 

Therefore, f a i r l y  s u b s t a n t i a l  adjustments must be made t o  t h e  

energy charges f o r  each t i m e  pe r iod .  

Energy charges should be kept  as c l o s e  as p o s s i b l e  t o  t h e  

marginal  energy c o s t  i f  they  a r e  t o  p rov ide  t h e  r i g h t  s igna l  t o  

customers. S ince t h e  w i n t e r  of f -peak r a t e  was considered l ess  

c r i t i c a l  t h a n  t h e  on-peak ra te ,  t h e  w i n t e r  off-peak r a t e  was 
reduced t o  t h e  sumner p e r i o d  l e v e l .  Whi le these adjustments 

reduce revenue somewhat, t h e r e  s t i l l  remains a  l a r g e  amount o f  

excess revenue. Rather than f u r t h e r  reduce t h e  energy charges 

o v e r a l l ,  it was decided t o  u t i l i z e  a  lower p r i c e d  f i r s t  b lock  o f  

energy t o  e l i m i n a t e  t h e  remain ing excess revenue as suggested by 

Dr .  Turvey i n  d iscuss ions  w i t h  him. I n  c a l c u l a t i n g  t h e  block 

s i zes  and r a t e s  f o r  each r a t e  class, var ious  op t i ons  o f  s i z e  

versus r a t e  were evaluated i n  o rder  t h a t  o n l y  a  r e l a t i v e l y  smal l  

p r o p o r t i o n  o f  b i l l s  would be p r i c e d  t o t a l l y  w i t h i n  t h i s  b lock  

w h i l e  r e t a i n i n g  a  reasonable r a t e  l e v e l .  



3.4 Marginal Cost Based Rates 

The marginal cost based rates, together with the resulting 

revenue expressed in 1985 dollars,  derived in accordance with the 
revenue requirement constraints described in Sections 3.1 and 3.2 

and using the design c r i t e r i a  described in Section 3.3, i s  
presented in Table 3-3. A summary of the rates by themselves i s  

presented in Table 3-4. I t  i s  assumed for the purpose of t h i s  

section that  customers would not have changed their  consumption 

patterns as a result  of the new ra te  structure. 

As seen in Table 3-3 the rates for  the domestic and large 

general service classes result  in revenue levels equal to  thei r  

respective revenue requirements. However rates for  the small and 

medium general service classes result  in revenue levels t h a t  are 

different from thei r  respective revenue requirements. The total 

revenue requirement i s  only met when their  marginal cost based 

revenues are combined. This was done t o  reduce the rate for  the 

small general service class t o  a level that  i s  more in line with 

the domestic and medium general service classes. The method used 

was t o  average the energy charges of the small and medium general 

service rates. These charges were then adjusted to  reflect  their  

different block sizes and t o  provide a more logical progression 

of charges from small t o  large general service customers. 

The s ize  of the f i r s t  block of energy in each ra te  i s  l is ted 

in Table 3-4 and in the notes t o  Table 3-3. Each rate has a 
different f i r s t  block size; domestic - 500 kwh; small general 

service - 250 kwh; medium general service - 1,000 kwh and large 

general service - 15,000 kwh. F o r  the winter months these blocks 

have been sp l i t  into two separate smaller blocks with 60% 

allocated t o  the on-peak period and 40% t o  the off-peak period t o  



be s i m i l a r  t o  t h e  general  consumption p a t t e r n s  o f  customers as 

i n d i c a t e d  i n  sec t i on  2.2. The p r o p o r t i o n  o f  b i l l s  w i t h  t o t a l  

consumption e n t i r e l y  w i t h i n  t h e  f i r s t  b lock  v a r i e s  w i t h  t h e  r a t e  

c lass .  

I n  t h e  domestic c l a s s  about 25% o f  t h e  w i n t e r  pe r iod  b i l l s  

w i l l  have consumptions o f  l e s s  than t h e  500 kwh f i r s t  b lock bu t  

t h e s e  b i l l s ,  o n e - f i f t h  o f  which are f o r  zero consumption, w i l l  

account f o r  l e s s  than 10% of t h e  t o t a l  kwh b i l l e d .  A f u r t h e r  10% 

o f  w i n t e r  p e r i o d  b i l l s  have consumptions l ess  than 275 kwh which 

i s  equ iva len t  t o  t h e  minimum charge. Many o f  t h e  low b i l l s  are 

f o r  summer co t tages  and o t h e r  seldom used loca t ions .  Dur ing t h e  

non-winter  p e r i o d  about 35% o f  t h e  b i l l s  a re  f o r  l ess  than 500 

kwh. 

Approximate ly  5% of t h e  smal l  general se rv i ce  c lass  b i l l s  

d u r i n g  t h e  w i n t e r  p e r i o d  have consumptions t h a t  a re  l e s s  than  t h e  

250 kwh f i r s t  b lock s ize.  However these b i l l s  account f o r  l e s s  

than 10% of t h e  kwh consumption f o r  t h e  c lass ,  Almost h a l f  o f  

these b i l l s  have consumption o f  l e s s  than 50 kwh. Therefore t h e  

m a j o r i t y  o f  these customers w i l l  pay t h e  minimum monthly charge. 

These p r o p o r t i o n s  remain t h e  same du r ing  t h e  non-winter per iod.  

The medium general  se rv i ce  c lass  inc ludes  a1 1 - e l e c t r i c  

general  s e r v i c e  customers of t h e  same s i z e  as t h e  small general 

s e r v i c e  c lass.  Th is  i s  unavoidable due t o  t h e  u n a v a i l a b i l i t y  o f  

l o a d  da ta  f o r  t h i s  sub-group. As a  consequence about 16% o f  t h e  

w i n t e r  b i l l s  f o r  t h e  medium general s e r v i c e  group have 

consumptions t h a t  are l e s s  than t h e  1,000 kwh f i r s t  block size. 

However, l e s s  than 2% of t h e  t o t a l  energy use i s  i n  these b i l l s .  

Th i s  r e f l e c t s  t h e  f a c t  t h a t  approximately 2,000 o f  t h e  8,000 

customers i n  t h i s  c l a s s  have demands o f  l e s s  t h a n  10 kW. 



There i s  no d a t a  a v a i l a b l e  on l a r g e  general s e r v i c e  

customers by kwh l e v e l s .  However t h e  15,000 kwh l e v e l  r e f l e c t s  

150 hours use f o r  customers w i t h  t h e  sma l l es t  l oad  i n  t h i s  c l a s s  

which represents  a 20% l o a d  f a c t o r .  Customers i n  t h i s  s i z e  range 

would tend t o  have l oad  f a c t o r s  t h i s  low o n l y  i f  they  were 

o p e r a t i n g  a t  reduced capac i t y .  

I n  general,  t h e  d a t a  shows t h a t  most o f  t h e  b i l l s  which a r e  

comple te ly  w i t h i n  t h e  f i r s t  b lock  i n  each r a t e  are f o r  s i t u a t i o n s  

o f  p a r t i a l  o r  seasonal operat ion.  Therefore, i t  i s  u n l i k e l y  t h a t  

pay ing  f o r  energy a t  t h e  marginal  r a t e  w i l l  cause t h i s  type o f  

customer t o  change h i s  consumption p a t t e r n  s i g n i f i c a n t l y .  

3.5 A l t e r n a t e  Marg ina l  Cost Based Rates 

An a l t e r n a t e  method o f  de termin ing  revenue requirement f o r  

each c l a s s  was descr ibed i n  Sect ion  3.2. Table 3-5 shows t h e  

1985 c l a s s  revenues d e r i v e d  us ing  t h i s  method and t h e  excess o f  

marg ina l  c o s t  over  t h e  revenue requirement i n  t h e  amount o f  $157 

m i l l i o n .  A s i g n i f i c a n t  adjustment must be made t o  t h e  u n i t  cos ts  

shown on Tab le  2-5 so t h a t  t h e  r a t e s  w i l l  p rov ide  t h e  requ i red  

revenue w h i l e  m a i n t a i n i n g  t h e  r e l a t i v e  l e v e l s  o f  t h e  marginal  

cos ts .  

The adjustment was made i n  two steps. I n i t i a l l y  t h e  

customer charge was removed and a nominal minimum monthly b i l l  

inc luded.  The second s tep  was t o  reduce t h e  u n i t  charges (demand 

and energy) f o r  each c l a s s  by t h e  percentage t h a t  t h e  c l a s s  

marg ina l  cost ,  a f t e r  adjustment f o r  t h e  charges i n  t h e  f i r s t  

step, was i n  excess o f  t h e  c l a s s  revenue requirement.  



The r e s u l t i n g  ra tes ,  shown on Table 3-6, p rov ide  an. 

i l l u s t r a t i o n  o f  a r a t e  de r i ved  more d i r e c t l y  f rom t h e  u n i t  

marginal  costs. 

3.6 General Comment on Der ived Rates 

The revenue c a l c u l a t e d  under t h e  marginal  c o s t  based r a t e s  

determined i n  t h i s  s tudy i s  con t i ngen t  on a c o n t i n u a t i o n  o f  the  

present  l e v e l  o f  sa les and load and consumption p a t t e r n s  o f  t h e  

Company's customers, i.e., no al lowance has been made f o r  a 

reduc t i on  i n  revenue t h a t  might  r e s u l t  f r om poss ib le  t r a n s f e r s  o f  

e l e c t r i c i t y  usage f rom t h e  more expensive peak pe r iod  t o  t h e  l ess  

expensive of f -peak p e r i o d  or, f o r  an abso lu te  reduc t i on  i n  t o t a l  

consumption. The amount o f  any such t r a n s f e r  o r  reduc t i on  under 

a marginal  c o s t  based r a t e  i s  d i f f i c u l t  t o  determine i n  advance, 

and a r e l i a b l e  es t imate  cou ld  o n l y  be made a f t e r  ac tua l  

experience i n  t h e  a p p l i c a t i o n  o f  t h e  r a t e  t o  a t  l e a s t  a 

reasonable sample o f  t h e  customers. However, rough est imates 

cou ld  be made based on t h e  r e s u l t s  o f  t e s t s  such as t h e  Wisconsin 

experiment which was c a r r i e d  o u t  over  a t h r e e  year  period, 1977 

t o  1980. I n  general, t h i s  experiment i n d i c a t e d  tha t ,  i n  winter ,  

domestic customers reduced t h e i r  peak p e r i o d  usage by about 8% 

and t o t a l  usage by about 7% w i t h  a 2 : l  peak t o  off-peak p r i c e  

r a t i o  and a 12 hour peak period. However, i t i s  poss ib le  t h a t  

t h e  absolute d o l l a r  amount o f  t h e  d i f f e r e n c e  between peak and 

of f -peak p r i c e s  may be more s i g n i f i c a n t  than t h e  r a t i o .  

I t  should be noted t h a t  t h e  marg ina l  c o s t  based r a t e s  have 

n o t  been increased t o  a l e v e l  s u f f i c i e n t  t o  produce revenues t h a t  

would be equal t o  t h e  c u r r e n t  revenue requirement p l u s  t h e  c o s t  

o f  implementing these rates. C a p i t a l  cos ts  i n  t h e  order  o f  $60 

m i l l i o n  ( s e c t i o n  6.1) would increase r a t e  base by about 20%. 



It should also be noted that the marginal cost based rates 

derived in this study are preliminary in nature and only 
indicative of the rates that might be expected from a study based 
on more precise data. Before such rates could be implemented, it 
would be necessary to prepare cost data and calculate the rates 
using more accurate estimates of basic factors such as the daily 
and seasonal patterns of customers' energy consumption and peak 
demand. 

This study has adopted fairly general rate classes in order 

to avoid unduly complicated calculations and results. If a more 
precise study were to be carried out prior to implementing 
marginal cost based rates, the rate schedule might be composed of 

customer classes different from those used in this study and from 
those contained in the current rate schedules. 

The marginal cost based rates presented in this report are 

designed to produce the total revenue requirement including fuel 
adjustment charges. Consequently they are equivalent to basic 

rates that have been rebased to average 1985 fuel costs. Should 
the fuel costs for 1985 change or if the fuel cost in future 
years is different from the amount included in the 1985 revenue 

requirement, the marginal cost based rates will have to be 
revised to reflect this new revenue requirement. Alternately, a 
fuel adjustment clause could be included with the rates to permit 
this adjustment to operate automatically. 

The rates determined in this study are based on estimates of 

energy use and kilowatt demand for the actual diurnal and 
seasonal periods defined in the rates. In practice, kilowatt- 
hours and kilowatts in each diurnal period would be determined by 
installing special meters which would record the required data 



f o r  each p a r t  o f  t h e  day. However, consumptions du r ing  t h e  

seasonal per iods,  w i n t e r  and summer, would be der ived f rom meter 

read ings  taken throughout  t h e  normal b i l l i n g  cyc le,  and t h i s  

would r e s u l t  i n  b i l l i n g  da ta  t h a t  was ou t  o f  phase w i t h  t h e  

de f i ned  seasonal per iods.  F o r  example, a meter read on t h e  f i r s t  

day o f  a month would have recorded consumption almost e n t i r e l y  

a t t r i b u t a b l e  t o  t h e  preceeding month w h i l e  a reading taken 

towards t h e  end o f  a month would show consumption t h a t  was 

p r i m a r i l y  i n  t h a t  month. On average, approximately h a l f  o f  t h e  

energy recorded i n  a month would a c t u a l l y  be used i n  t h e  prev ious  

month. The quest ion  i s  open as t o  which o f  t h e  f i v e  month 

b i l l i n g  per iods,  November t o  March o r  December t o  A p r i l ,  more 

accu ra te l y  r e f l e c t s  Hydro 's  peak calendar months. 



4. LABRADOR INFEED 

The costs analyzed in Section 2 and the marginal cost based rates 
developed in Section 3 of this report are based on Hydro's costs for the 
isolated island scenario since this was the basis of Hydro's proposed 

rate to the Company. Hydro also provided costs for a Labrador infeed 
scenario and unit marginal costs at the retail level have been calculated 

on the basis of these costs following the procedures used earlier in this 
report. The results are summarized in Table 4-1 which shows the unit 

marginal costs in 1985 dollars for each rate class. 

A comparison of this table with Table 2-5 shows that the unit 
marginal costs are substantially lower than those developed under the 
isolated island scenario. For example, the domestic class shows total 
unit' costs that are lower by 40% in the winter on-peak period, by 57% in 
the winter off-peak period and by 87% in the summer period. In addition 
the seasonal pattern of marginal costs is significantly different in the 
two cases. 

Table 4-2 shows a comparison of the marginal costs for each rate 
class with the corresponding revenue requirement. The total class 
marginal costs are substantially lower than the revenue requirement for 
each class, a complete reversal of the results under the isolated island 
scenario. The total marginal cost is 23% lower than the revenue 
requirement. 



5. IMPACT ON CUSTOMERS' BILLS 

5.1 General 

The impact on i n d i v i d u a l  customers' b i l l s  o f  t h e  marginal  

c o s t  based r a t e s  developed i n  t h i s  s tudy cannot be determined 

w i t h  any c e r t a i n t y  because o f  t h e  l ack  o f  load data  f o r  

i n d i v i d u a l  customers. The load surveys c a r r i e d  out  have been 

based on r e l a t i v e l y  l a r g e  groups o f  domestic customers p l u s  a  few 

i n d i v i d u a l  domestic and general se rv i ce  customers. Load data on 

a  number o f  a d d i t i o n a l  i n d i v i d u a l  general serv ice  customers 

should be a v a i l a b l e  a t  t h e  end o f  March. 

An i n d i c a t i o n  o f  t h e  average impact o f  the  marginal cos t  

based r a t e s  on t h e  r a t e  c l a s s i f i c a t i o n s  comprising t h e  c u r r e n t  

r a t e  schedule has been obta ined by c a l c u l a t i n g  1985 c lass  revenue 

under t h e  marginal  c o s t  based r a t e s  and comparing t h e  r e s u l t  w i t h  

1985 c l a s s  revenue under t h e  e x i s t i n g  rates.  The r e a l  impact 

w i l l  be g r e a t e r  because no allowance has been made i n  these r a t e s  

f o r  t h e  a d d i t i o n a l  cos ts  o f  implementing such ra tes  o r  f o r  t h e  

changes i n  revenue t h a t  would r e s u l t  i f  t h e i r  implementat ion were 

t o  r e s u l t  i n  a  r e d u c t i o n  i n  t o t a l  energy sales o r  a  t r a n s f e r  o f  

energy usage f rom t h e  more expensive on-peak p e r i o d  t o  t h e  

cheaper of f -peak per iod.  

It should be noted t h a t  t h e  revenue d i f f e rences  r e s u l t i n g  

f r o m  t h i s  comparison are  o v e r a l l  d i f f e r e n c e s  f o r  t h e  e n t i r e  r a t e  

c l a s s  and t h a t  i n d i v i d u a l  customer 's  b i l l  cou ld  e x h i b i t  

d i f f e r e n c e s  s i g n i f i c a n t l y  l a r g e r  o r  smal le r  than t h i s  o v e r a l l  

d i f f e rence .  T h i s  i s  i l l u s t r a t e d  t o  some ex ten t  by a  comparison 

o f  b i l l s  f o r  t h e  l i m i t e d  number o f  i n d i v i d u a l  customers f o r  which 

d e t a i l e d  l oad  survey da ta  i s  a v a i l a b l e  and f o r  t h e  average 

consumption o f  t h e  r e g u l a r  and a l l - e l e c t r i c  domestic customers 

i nc luded  i n  t h e  t e s t s  i n  which t h e  load c h a r a c t e r i s t i c s  o f  l a r g e  

groups o f  customers were recorded on a  s i n g l e  meter. 



5.2 Domestic 

The marginal  c o s t  based r a t e s  would produce revenue about 

20% l e s s  than t h e  revenue produced by t h e  e x i s t i n g  r a t e s  when 

a p p l i e d  t o  t h e  r e g u l a r  domestic customers as a group. In t h e  

case o f  t h e  a l l - e l e c t r i c  domestic customers t h e  marginal  c o s t  

based r a t e  revenue would be about 12% g r e a t e r  than t h a t  under t h e  

e x i s t i n g  ra tes .  

W i th in  these groups, however, t h e r e  i s  a very broad range o f  

impacts on customers' annual and monthly c o s t s  depending on t h e  

customer's t o t a l  consumption and, t o  a l e s s e r  extent ,  on t h e  

customer's usage pat te rn .  Tables 5-1 and 5-2 show t h e  percentage 

d i f f e r e n c e s  i n  monthly b i l l s  based on t h e  average monthly 

consumption f o r  several  r e g u l a r  and a l l - e l e c t r i c  domestic 

customer t e s t  groups t h a t  have been moni to red f o r  several  years  

as p a r t  o f  t h e  Company's load research a c t i v i t i e s .  Table 5-3 

shows t h e  percentage d i f f e r e n c e  on t h e  annual costs o f  va r ious  

i n d i v i d u a l  a l l - e l e c t r i c  domestic customers t h a t  have a lso  been 

monitored. 

These t a b l e s  show t h a t  t h e  annual c o s t s  f o r  customers w i t h  

consumption s l i g h t l y  g r e a t e r  than t h e  r e g u l a r  domestic average 
use o f  7800 kwh w i l l  decrease by almost 30% i f  marginal c o s t  

based r a t e s  are app l i ed  i ns tead  o f  t h e  e x i s t i n g  ra tes .  On t h e  

o t h e r  hand, customers w i t h  consumption l e v e l s  t y p i c a l  o f  a 3 

bedroom bungalow w i t h  e l e c t r i c  heat w i l l  experience an increase 
o f  30% i n  t h e i r  annual costs. 

The impact on t h e  monthly b i l l  r e f l e c t  t h e  extreme changes 

t h a t  customers w i l l  f a c e  du r ing  t h e  y e a r  regard less  o f  t h e  change 

i n  t h e  annual cost .  Fo r  example, w h i l e  s i n g l e  dwel l ings  i n  St. 

John's show a decrease i n  annual c o s t s  o f  about 16%, some months 

have reduc t ions  o f  39% and one month has an increase o f  8%. 



Large townhouses i n  S t .  John's have an o v e r a l l  inc rease o f  22% 
y e t  December's b i l l  w i l l  i nc rease by 47% w h i l e  J u l y  w i l l  decrease 

b y  7%. 

These f i g u r e s  s imply r e f l e c t  t h e  h igh  degree o f  s e n s i t i v i t y  

o f  the  change i n  t h e  b i l l  t o  t h e  consumption l eve l .  Th i s  i s  

i l l u s t r a t e d  i n  t h e  t a b l e s  below which show t h e  average cos t  per  

kwh f o r  va r i ous  consumption l e v e l s  f o r  bo th  t h e  e x i s t i n g  and t h e  

marg ina l  r a t e s  and t h e  percentage d i f f e rence .  

Average Cost-Cents/kWh 
t x i  s t i n g  M a r g i n a l  % 

Rates Rates Change 

January 1985 (FAC 1.836t/kWh) 

September 1985 (Est .  FAC 0.039ClkWh) 

Tab le  5-4 shows t h e  p r o p o r t i o n  o f  monthly b i l l s  a t  va r i ous  
consumption l eve l s .  

5.3 Small  and Medium General Se rv i ce  

The marg ina l  c o s t  based revenue f o r  smal l  general se rv i ce  

would, on average, be about 19% l e s s  than revenue under t h e  

e x i s t i n g  rates.  



For the medium general service classification the marginal 
cost based rates would produce revenue about 3% greater than the 
revenue produced by the existing rates when applied to  the 
regular general service 10-100 kW customers as a group. In the 
case of the e lect r ic  heat general service and al l-electr ic  
general service 0-100 kW ra te  classes, the marginal cost based 
revenue would be about 16% and 1% greater than that  under thei r  
respective existing rates. 

Table 5-5 shows to ta l  annual b i l l s  under existing and 
marginal cost based rates fo r  a number of customers. The 
differences between the b i  11s range from -48.5% for  smaller 

customers (3.9 kW) t o  +29.1% (30.9 kW) for  larger customers. 

5.4 Large General Service 

The marginal cost based revenues would be about 2% greater 

fo r  the regular general service over 110 k V A  and about 3% less 
fo r  the a l l -e lect r ic  general service over 110 k V A  than on the i r  
existing rate. 

The Company has been gathering load data on several large 
general service customers over the past year or so. We expect t o  
have sufficient  data by the end of March so that  the impact of 
these marginal cost based rates can be determined d u r i n g  April. 



6 .  COMPARISON OF COSTS AN0 S A V I N G S  

6.1 Cost o f  Implementinq Marg ina l  Cost Based Rates 

The c o s t s  of implementing marginal  c o s t  based r a t e s  

cons idered i n  t h i s  s e c t i o n  are  t h e  cos ts  t h a t  would be borne by 

t h e  Company d i r e c t l y  and would be r e f l e c t e d  i n  t h e  r a t e s  charged 

t o  t h e  Company's customers. The main element o f  cos t  would be 

t h e  c o s t  o f  purchasing and i n s t a l l i n g  t h e  spec ia l  meters requ i red  

t o  r e c o r d  energy and demand q u a n t i t i e s  du r ing  t h e  var ious  t ime  

pe r iods  s p e c i f i e d  i n  t h e  ra tes .  

The c o s t  o f  new meter ing  i s  est imated t o  be about 

$61,200,000, w i t h  t h e  n e t  expend i tu re  being $59,900,000 a f t e r  an 
al lowance o f  $1,300,000 f o r  n e t  salvage t h a t  might  be r e a l i z e d  

f rom t h e  meters being rep laced by t h e  new equipment, assuming 
t h a t  t hese  meters have r e s a l e  value. I n  a d d i t i o n  t o  equipment 

costs, t h e  c a p i t a l  cos ts  i n c l u d e  an amount o f  about $250,000 t o  
cover  r e v i s i o n s  t o  t h e  meter read ing  and b i l l i n g  systems 

r e s u l t i n g  i n  a t o t a l  n e t  c a p i t a l  expend i tu re  o f  about $60,150,000. 

No al lowance has been made f o r  t h e  undepreciated c a p i t a l  

cos t  o f  t h e  meters t h a t  would be r e t i r e d  i f  they  were rep laced by 

t h e  t y p e  o f  meters r e q u i r e d  under t h e  marginal  c o s t  based ra tes .  

The amount o f  undepreciated c a p i t a l  cos t  would depend p a r t l y  on 

t h e  amount o f  n e t  salvage r e a l i z e d  and would cont inue t o  be 

i nc luded  i n  r a t e  base i n  t h e  normal course o f  events. 

The annual cos t  o f  implementat ion i s  est imated t o  be 

$12,750,000. O f  t h i s  amount t h e  annual f i x e d  cos ts  ( re tu rn ,  

d e p r e c i a t i o n  and income t a x )  associated w i t h  t h e  net  c a p i t a l  

expend i tu re  a r e  $11,728,000, based on a weighted average cos t  o f  



capi ta l  of 12.9% and 25 year service  l i f e ,  and increases in 

expenses f o r  meter reading, b i l l i ng  and customer information 

services  t o t a l i ng  $1,022,000. The annual cost  of $12,750,000 is 
5.6% of estimated 1985 e l e c t r i c  revenue. 

6.2 Estimated Savings 

The savings tha t  could be realized through reductions i n  
peak load as a r e s u l t  of t he  implementation of marginal cost  

based r a t e s  could probably be estimated most accurately by 
running f u l l y  costed simulations of a system expansion plan a t  

various loads t o  determine t h e  change i n  cos t  w i t h  var ia t ions  in 

1 oad . 

In the absence of such an analysis,  t he  difference between 

winter on-peak and off-peak marginal energy cos t s  f o r  domestic 

customers has been used as a preliminary estimate of the saving 

resu l t ing  from a s h i f t  of energy consumption from one period t o  

t he  other. As shown on Table 2-5: winter on-peak marginal cost  

i s  14.61 cen ts  per kwh and t h e  off-peak cos t  i s  11.35 cents  per 
kwh indicat ing a saving of 3.26 cents  per kwh. 

6.3 Equalizing Costs and Savings 

The marginal cost  based r a t e s  would be cos t  e f fec t ive  i f  a 
su f f i c i en t ly  large proportion of the  energy used during the  

winter on-peak period were t ransferred t o  t he  off-peak period. 
The percentage of winter on-peak energy use t h a t  must be 

t ransfer red  t o  t h e  off-peak period t o  make savings equal t o  cost  
has been calculated on the  bas i s  of the  cos t s  and savings noted 

above with t h e  following r e s u l t :  



Winter  
Annual Cost On-Peak Req'd T rans fe r  
t o  Implement Energy % o f  Winter  

($000' s) GWh On-Peak Enerqy 

A l l  r a t e  c l a s s i f i c a t i o n s  12,750 1,008.9 3 9  

Domestic & Small G.S. 12,034 628.2 59 

Medium General Se rv i ce  659 142.9 14 

Large General Se rv i ce  132 237.8 2  

The t a b l e  above i s  based s o l e l y  on t h e  t r a n s f e r  o f  w in te r  

on-peak energy usage t o  t h e  of f -peak p e r i o d  i f  t h e  implementat ion 

o f  marg ina l  cos t  based r a t e s  i s  t o  be c a r r i e d  o u t  w i thou t  

r e q u i r i n g  customers t o  bear a d d i t i o n a l  d i r e c t  cos ts  associated 

w i t h  such implementation. I t  i s  n o t  p o s s i b l e  t o  determine w i t h  

any c e r t a i n t y  t h e  r e a c t i o n  o f  t h e  Company's customers t o  marginal  

c o s t  based r a t e s  b u t  i t  may be p o s s i b l e  t o  draw general 

i n fe rences  f r o m  r e s u l t s  ob ta ined elsewhere. 

The Wisconsin experiment p r e v i o u s l y  r e f e r r e d  t o  i n d i c a t e s  

t h a t  domestic customer: f a c i n g  a  peak t o  of f -peak p r i c e  r a t i o  o f  

2 : l  and a  12 hour peak p e r i o d  reduced t h e i r  peak p e r i o d  energy 

usage by 8% and t o t a l  month ly  energy usage by 7% dur ing  t h e  

w i n t e r  peak months o f  December and January. 

The r e a c t i o n  o f  general  s e r v i c e  customers i s  i n d i c a t e d  i n  

The Rand Corpora t ion  p u b l i c a t i o n  Time-of-Day E l e c t r i c i t y  Rates i n  

t h e  Un i ted  States, by  Jan Paul Acton, B r i d g e r  M. M i t c h e l l ,  R o l l a  

Edward Park and Mary E. Vaiana, dated November 1983. The f o l l o w i n g  

q u o t a t i o n  i s  taken f rom t h e  s e c t i o n  headed Basic F indings:  

We can summarize ou r  bas i c  f i n d i n g s  as f o l l o w s :  

. On average, business f i r m s  respond t o  TOD r a t e s  by  
reduc ing  r e l a t i v e  consumption i n  peak p r i c i n g  pe r iods  
and i nc reas ing  r e 1  a t i v e  consumption i n  o f f -  peak 



. periods. Although the magnitude of change i s  small - 
abou a one percent reduction in r e l a t i ve  peak 
load$ - i t  i s  r e l i ab ly  estimated and not due t o  
chance. 

. Industr ia l  customers account f o r  a l l  of t he  observed 
reduction t o  date. As a -group, commercial customers 
have not ye t  responded t o  TOO r a t e s  in any measurable 
way. 

. Par t icu la r  indus t r ies  - notably wood products, 
primary metals, and machinery manufacturing - respond 
much more than others.  The average response in these 
industr ies  ranges from 5 t o  9 percent reduction i n  
r e l a t i v e  peak load. 

. Within a s ing le  industry, firms d i f f e r  i n  t h e i r  
responsiveness, and most f i rms  do not appear t o  
respond a t  a l l .  Firms t h a t  do respond do so 
energet ical ly .  Only about four  percent of a l l  
indus t r ia l  customers respond i n  t he  f i r s t  year of TOO 
ra tes ,  but on average, these firms reduce t h e i r  
r e l a t i v e  peak loads by about 35 percentage points.  

. Pr ice  plays a major ro l e  i n  response. Higher peak 
pr ices  are  s ign i f i can t ly  associated with la rger  
reductions in peak load. This reduction occurs f o r  
both peak energy and peak demand prices.  

. Larger customers respond more. This re la t ionship 
between s i z e  and response i s  apparent a f t e r  adjusting 
f o r  pr ices ,  weather, region of t h e  country, and 
indus t r ia l  c l a s s i f i ca t ion .  

. Extremely hot o r  extremely cold weather decreases t he  
response t o  TOO ra tes .  

Relat ive peak load i s  t he  r a t i o  of average hourly use during t h e  
peak period divided by average hourly use over a 24-hour period. 
This measure focuses on the  da i ly  pat tern of demand and averages 
out t h e  f ac to r s  t h a t  s h i f t  overall  consumption u p  or  down. 

The general service  customers served by the Company are  

primarily lfcomnercialll ra ther  than " indus t r ia l "  and are  generally 
small w i t h  only th ree  general service  customers having maximum 

demands over 5,000 kVA of which only one has a maximum demand over 
10,000 kVA. 



NEWFOUNDLAND LIGHT & POWER CO. LIMITED ...................................... 
MARGINAL COST STUDY ------------------- 

TABLE 2-1 - ANNUAL MARGINAL COSTS BY TIME-OF-USE ................................................ 
1985 DOLLARS ------------ 

................................................................................. ................................................................................. 
CUSTOMER DEMAND (TOTAL = $44.73/KW) ENERGY .......................... 

DISTRIBUTION TRANSMISSION 
& SUBSTATIONS 

................................................................................. 
($/customer) ($/system peak kW) ($/kwh purchased) 

Annual Costs 238 21.07 23.66 - 
Win ter  On-peak Costs - - - .I097 

Winter  Off-Peak Costs - - - .lo07 

Summer Costs - - - .0680 

Win ter  p e r i o d  November 1 t o  March 31 
Sumner p e r i o d  A p r i l  1 t o  October 31 

On-peak p e r i o d  0800 t o  2100 hours 
Off-peak p e r i o d  balance o f  hours 

Energy cos ts  est imated by Newfoundland and Labrador Hydro. 



NEUFOUNDLAIID LIGHT I POUER CO, L IH ITEC 

HARGINAL COST F'f i lCItIG STUDY 

TABLE 2-? - E"JTIBTES OF OUANTITIES - 1985 

SL--ZE---~=====~~C===CCCC=i:iiiiii===::5===--==E==z=----------=::====~I=====I--------------I--~===I:I:-C=EEEz====-----------==---------- 

AVERAGE - - DEHAN[l QUANTITIES --------- -- - -- - - ENERGY OUANTITIES 
tNHCER OF UIN lER UINTER WINTER MINTER 
CUSTOHERS ON-FEAK OFF-PEAK SUHHER ON-PEAK OFF-PEAK SUHHER 

SHALL CEIERAL SEfiVICE - GMH 81924 16.1 10,8 30.9 16,l 10,8 30e9 

HEDIUH GENERAL SERVICE - GUH 81616 (1) (1) 11) 142.9 95.3 230a2 
- 1 813aO 62L5 1100ln2 

LARGE GENERAL SERVICE - GUN 720 (1) (1) (1) 237,8 158,6 458,2 
- HY l1115m4 854,O 11476,3 

UINTER ON-PEAK: 8:OO AH TO 9:00 FH nURllIG NOVEHAER TO HARCH INCLUSIVE 
MINTER OFF-PECK: 9:00 PH TO B:00 AH BURltlG GUEHEIIR TO HARCH INCLUSIVE 
SUHtiER: ALL HOURS RURING APRIL TO OCTODER INCLUSIVE 



-- - - --- ---- --- 
t19'61 

(b) 
LCZ 

IUYI OCZO'OI SOO'l lull I'ZlP L86'LI 

ill 33111335 iVYYID BWl 

SYVllOll SObl HI 51503 OW31 NOllVl5tfl5 I IMISSIUSHVYI 1V111OW JO NO11V30lN - C-E 3lEV1 



H L K W H N M O  L l W l l  I FOMR CO. L lH l IED 

l W l i l N N  COSl FRlClllG STUDl 

_____ .... - __ -..---w---s==7---..------- ---- - ---------====&=--. ..................................................................... --- - 
1?05 I O l N  LOSS -2- S ~ R  ulnlm W-FEN; UIHIER OFF-FE~K 

IIOHCOINCINHI NLOCAIEO RDUSIIYI I I  N L K A I E D  COSl RLLOCAIED COSl ALLOChlED COSl 
PW LMD c w s  FKIOR COSIS UHITS KR UHII COSIS UHIIG FER MII COSIS MIIS PER UNII 

I I I IOW'SI l l l r W 0 ' 5 1  lI1,WO'SI l l 1 ~ 0 O O ' S l  

nomsrlc 

S W L  GCNERAL SERVICE 

NnIui GEIKRRL SERVICE 

LMGC GFHERU SEWICE 

UlNlER ON-PERK: 8:00 M 1 0  9:00 PH W I N G  NOWIILR 10 W C l i  INCLUSIVE 
Y l l l E R  PCF-FEW: 9100 PI( 10 0:OO M OUfilffi NWEHBER 10 W 1  INCLUSIVE 
S W R :  I L L  IYURS W I N G  WRIL 10 OCI0t.U INCLUSIVE 

Ill ESIIIMIED Ui OF I W N l l t l  CUSIOIIER OEMNfiS 

121 IIgNIHLl COSl CIISIOIKR 

I J I  l O l K  &UGIlV& l l l?lh' l l?l l lWI BEllMb COSl = 1?I107/l iU Y 8 ? 9 ~ 0 0 0  kU ( I N  19851 
= 117rU7r000  



IIIRLE 2-5 - flWWil ff Wl l l  lUlROlHAL COSTS IY I985 WLLMS 

AHHWU. NHMO E W E S  --- MROI WWGES NUAH0 S ENERG1 CWLRGES --- 
cusrwn UIHLR YINIER UIUIER UIWIER UINIER UIHIER 

MAAGE 0 n - n ~  OFF- EM SUMER OH-PEM WF-PEM SUH~ER OH-PERK (YF-EAK s u n m  
IIICUSI) 

LHGE EHEAkl SERVICE - IlhYII 1583 Oa1160 a.10b4 0~0719 0.1160 0.1064 0.0719 
- IILUIIIOHIH 3.39 0.79 1.37 3.39 0,70 1-31 

UlHlER OH-FVY(I BIOO Rn I 0  PI00 PII WRlHG WOVBER 10 YAOl  IWCLUSIVf 
UIHIER IWF-~EMI P:PO FII 10 8100 nn I~RIHO I I O W I I ~  ro YRCH IWCLUSIM 
S W R I  ALL M S  URlMi  MRlL  TO OClOlIR IHCLUSIK 
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NEUFOUN~LAIID LIGIIT L FOUER CO, LlHlTEtl 

tiARGINAL C051 PfiICING STUDY 

TlibLE 3-7 - COAPARISO1I OF HARGIHAL COST IrASED REVENUES UITll  FORECAST 1985 REVENUES BY CLASS 

HMGINAL REOUIRED 
COSTS I N  1985 

1905 $ REVENUES EXCESS 
(TAPLE 3-1) 

IOHESTIC 

5 H L L  GENERAL SERVICE 

HEDlUH GEllERAL SERVICE 

LARGE GENERAL SERVICE 



T A W  3-3 - ADJUElED WIffiGIIItL COSl BASE11 RAlES RHO REWUES I N  1985 DOLLARS 
............................... ...... - 

iiiii_ii _== ii__5=__ ...................................................................... -= ====== = ====L-=.7=====s=====s=: ....................... ----------- ..................... 
...... MK3"IIC .... s n w  GEHERN IRVICE ~YDIU~ GEMRRL SERVICE LWOE GEERAL SERVICE -------- 

ILlHllQY R E W E S  I(OIII1ILY REYEMS UOHl lLI  EVEHUES nOHl lKI  REMHUES 
ClUllifiE UHl lS 111,000'5l CIIMGE M I I S  111~000'51 CHMGE W l l S  1 l l tO00 '5 l  CIUIRGE W l l l S  01.000'51 

E l IRGl  CIlilbGE 
Ul l l lE l i  011-PEN; 
I 15.i~ IU m IO,OJM n u 1 1  
RDUIIIIDLR 8001171 l K U l  

U I I IEE  OTF-FM 
FIYSI  I R K  l0 .03M l K Y l  
REIiRINPER 10+0728 IKUU 

SUMR 
r r r 5 1  QRK IO,OISO AMI 
BEMll l l l fR 1000728 1)iUII 

10,0440 hull 9.7 Gull 427 10.0320 IKul I  51.3 Gull 
10.0728 IhYH 21.2 GUH 1,543 1000728 IKUII 17B67 GUH 

12) 
4,432 

- - --- .-. 

494 tO.0200 IKUH 21.b GUH 412 
5,007 10.0500 IKUII 137.0 Gull 4 ~ 0 3 0  

UIIII~R ~H-PEW: 8:oo ~ l l m  7:oo FU nuFInc a w n H m  TO nAmH IIIILUGIVE 
UINIER OFF-IIAK; 9:OO i* TO 8:00 IVI DK l l lG  IMWlAEli TO MEUI IUCLUSIVE 
S W Y l l  ALL IIOrnS M R l a  M R I L  10 OCIOICR IIILIUCII~C 

(?I SJIRLL 1tPU HEDlllfl G[IIERRL SERVICE RAIES MERE COIIAILD SUCH IHAT IHElR Sun 
nF I i i ~ F ~ I I l h L  CUSr YLEfB FEVEHULE E9UNS I l lC lK SUH Ot RE8UlREU REVEllUES 

---- FIRS1 RLRI; SIZES IhYIII ---- 
UlHlLR UINIER SUnKR 

ON - PEAK OFF-PEAK 

liUHESllC 300 200 500 
S M L  GCNERkL SERUICE E O  100 250 
nFll lUl l  GCllCHN SERVICE 600 400 Is000 



NEWFOUNDLAND LIGHT & POWER CO. LIMITED ...................................... 
MARGINAL COST P R I C I N G  STUDY ........................... 

TABLE 3-4 - SUMMARY OF MARGINAL COST BASED RATES ................................................ 

DOMESTIC --- -------- GENERAL SERVICE----------- 
SMALL MEDIUM LARGE 

Minimum B i l l  $lO.OO/cust. $lO.OO/cust. $1.00/kW $l.OO/kW 

Demand Charge: 
Winter On-Peak - 

Energy Charge: 
Winter On-Peak 

F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $0.0200/kWh 
-Size 300 kwh 150 kwh 600 kwh 9,000 kwh 

End Block $0.1174/kWh $0.1174/kWh $0.1024/kWh $0.0950/kWh 

Winter  Off-Peak 
F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $0.0200/kWh 

-Size 200 kwh 100 kwh 400 kwh 6,000 kwh 

End Block $0.0728/kWh 0.0728/kWh $0.0728/kWh $0.0500/kWh 

S ummer 
F i r s t  Block-Rate $0.0350/kWh $0.0440/kWh $0.0320/kWh $0.0200/kWh 

-Size 500 kwh 250 kwh 1,000 kwh 15,000 kwh 

End Block $0.0728/kWh $0.0728/kWh $0.0728/kWh $0.0500/kWh 

Winter  On-Peak: 8:00 a.m. t o  9:00 p.m. dur ing November t o  March inc lus ive.  
Winter  Off-Peak: 9:00 p.m. t o  8:00 a.m. dur ing November t o  March inc lus ive.  
Sumner: A1 1 hours dur ing A p r i l  t o  October inc lusive.  



NEUFOUNLLANL LIGHT I FOUER CO, L IH ITED 

HARGItlAL COSl PRICING SlULY 

TABLE 3-5 - ADJUSTHENT OF IiAFiGINkL COST DASCtI FiEVEtiUES TO 1985 REVENUE REOUIREHENT - ALTERNATE 

HdPGlllAL PRO-RATED HARGlNAL REVENUES REDUCTION TOTAL OF REOUICED X 
COSTS IN TO 1985 CUSTOHER TH~'OUGH IN HMGINAL DEHAND AND REDUCTION I N  
1985 1 REVENUE EXCESS COSTS HINIHU~ CUSTOHER EXCESS ENERGY COSTS LEHAND AND 

(TABLE 3-1 REOUIREHENT (TABLE 3-1) RILLS COSTS (TABLE 3-11 ENERGY CORS 

---------- ((l,OOO'$) ---------- 

HEOIUH GENERAL SERVICE 941176 311615 221561 51531 108 51423 171138 481644 35,2 

LIFiGE GEliERAL SERVICE 851032 491621 35,411 11140 80 11060 341351 831892 40.9 
-- -- --- - -- - - - - - - - -- -- - -- --- --- -- - - -- ------ 
37a1 154 2201675 1571479 39 1 600 856 - - - -- -- ----- -- - - - - - - - - - - 381744 1181735 3381554 - - --- -- - --- -- --- --- ----- -------- -------- -------- -------- -------- - - -- -- -- --- ----- 



- --- --- ..--- -. .- ---.- - -- ---- -- 
SlP'lC h0S1t 
.-- -. ... ---- -- - 

IMYI SZIO'OI two1 IM zqocz I~YI z~to-01 010'1 IW 
IIIIYI 8~~0'01 0t9'9 11119 C'S~ IlnYl BhPO'OI Elh IUD 8'01 
II~YI SBPO'OI PVO'OI !Ins b-rtl nou/ onoaol 16~~1 IAB I'PI 

1m9 z'vw MIYI UZEO'OI Y~UUOS 
IM~ Z'YC ~YI ZPLO'OI W~-JM MIWIR 
IA9 I'ZlP RYI 1060'01 W3d-HO U3lrllil 
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TABLE 4-1 - SWVIRRY OF UII11 HXGlllAL COSTS 111 I905 DOLLAKS 

= _ i _ i i _ i _ i i _ - - - - - - - - - i = = i = ~ - - - - - - ~ = = = = ~ ~ = = = = = = = ~ = = = = = = = = = 7 ~ = = = = - = = = z = = ~ - ~ = = = = = = = : = ~ - ~ = ~ ~ ~ . ~ ~ ~ ~ ~ ~ z . ~ ~ ~ ~ ~ : ~ ~ = ~ = = = = = = = = = = ~ = =  

fflllw. Em@ CIIAfiGES MEfiGY CHAfiUS ----.. DLlMllll. 1 EHEROY CI!XCES ------ 
CUSlOllER UINIER YIHLR UINIER UIHTEA YINIER YIHTEP 
Ol AfiGL OH-PEAK OFF-PEPX SUlWR W-RAK OFF-F€AK S U M  ON-FIRK OFF-FEW SUllllEfi 

IIICUSI) 

M S I I C  - I I K W  214 0~0207 010050 0.0050 0.0500 0.0435 O1004b O.OOb7 OQ0493 O.OIO4 

SllALL WRAL W I C E  - I IKMI  214 0~0243 0~00.52 0400h? 0~0500 0.0435 0.W4.5 O10021 0,0497 0.0100 

iEDIU(I GLWllY W I C E  - I lWI  h42 
- OKU/MW(III 





tIEHFOUNOLAN0 LIGHT h POHER CO. LIMITED 

MARGINAL COST PRICING STUDY ........................... 

TABLE 5-1 - IMPACT OF MARGINAL COST OASEO RATES - REGULAR DOMESTIC 

AVERAGE MONTHLY USE - LOAD RESEARCII CUSTOMER GROUPS ................................................... 

--SINGLE DWELLINGS. ST.JOHN'S-- ----SINGLE OHELLINGS. GAIIOER---- ------ TOHNHOUSES, ST. JOHN IS----- 

EXISTING MARGINAL EXISTING MRRGINAL EXISTING MARGINAL 
MONTH KHll RATE RATE I O I F F  KWH RATE RATE 4 0 I F F  KWH RATE RATE XOlFF 

JNI 1109 81 

FED 1004  75 

MAR 1023 76 

A PR 830  6 4  

MAY 757 53 

JUN 663  4 8  

JUL 599  4 0  

AUG 627  39 

SEP 6 7 0  4 0  

OCT 786 5 0  

NOV 908  6 3  

OEC 1095 73 

------ ------ --- --- 

TOTAL 10,079 702 



HEWFOUNDLAND LIGHT h POWER CO. L lM lTED ...................................... 

MRRGINAL COST PRICING STUDY ........................... 

TADLE 5-2 - IMPACT OF IMRGINAL COST BASED RATES - OOHESTIC ALL-ELECTRIC ....................................................................... 
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EXECUTIVE SUMMARY 

The attached report summarizes the investigation and analysis of marginal costs for 

I Newfoundland Power and the design of time-of-use rates based on those marginal costs. The 

report is not intended to address all of the implementation details and issues surrounding the 

I enclosed rate designs. 

" I Analysis of the load profile for the Island Interconnected System shows that the on-peak 

season is December through March, and the off-peak season is April through November. The 

I daily peak period during the winter season is quite wide (7:00 A.M. - 10:OO P.M for weekdays, 

and 9:00 A.M. - 10:OO P.M. for weekends). 

The marginal cost for Newfoundland Power's customers is the sum of Newfoundland 

I Power's own marginal costs and the marginal costs of that portion of Hydro's system that is 

utilized by Newfoundland Power. The resulting marginal costs form the underlying basis upon 

) which the marginal cost based rates described in the report are designed. The marginal energy 

costs are primarily the costs of the Holyrood generation plant until the requirement for the next 

1 generation source. The marginal generation capacity cost in 1997 is assumed to be the cost of 

deferring a gas turbine for a year. The marginal costs of transmission and distribution are 1 relatively low. We feel that the rnarginal cost projections are reasonable for the next several 

years; but due to potential developments on the generation side, the costs beyond the year 2000 

. should be used cautiously. 

I A review of Canadian electrical utilities showed that none of the utilities offer residential 

I seasonal rates, and the vast majority do not offer general service seasonal rates. Time-of-day 

rates are more frequently available for large .general service customers than for small general 

I service and residential customers. However, only a small percentage of customers take 

advantage of time-of-day rates when given the opportunity. 



C Time-of-use rates (specifically time-of-day and seasonal rates) accomplish the same goals 

I as many of the innovative rates that are offered across North America. Consequently, time-of- 

day and seasonal rates were designed for each rate class in this report. Other rates such as load 

I retention rates, stand-by rates, and buy-back rates may be worth further investigation if 
- 

circumstances warrant. 

Rates set at the full marginal costs will overcollect the revenue requirement for 

I Newfoundland Power, and therefore must be reconciled back to the embedded revenue 

requirement. We chose to set the energy price at marginal cost, and reconcile using the demand 

I and customer charges. 

I Time-of-day rates andlor seasonal rates should only be implemented on a voluntary basis. 

One of the principal objectives of such rates would be to provide customers with rate options. 

I Making these rates mandatory would not accomplish this objective. Customer impacts are also 

easier to manage with voluntary rates. 

The introduction of voluntary time-of-day or seasonal rates almost always create revenue 

shortfalls because only customers who can save money go on the rates. Assuming that all 

customers that will save money on seasonal rates take advantage of these rates, we estimate the 

revenue shortfall from the implementation of voluntary seasonal rates for Newfoundland Power 

to be approximately $7 million. 

If such rates were to be implemented, some interim mechanism to recover the revenue 

loss should be implemented until Sufficient experience is obtained to accurately estimate the 

revenue impact and build it into the revenue requirement at a future rate hearing. Limiting entry 

to the rates will also provide time to evaluate the impact of these rates on overall rates. 

Finally, due to the nature of the Company's winter electrical load, the impact of time-of- 

day and seasonal rates on overall future rates should be considered before a decision to 

implement these rates on a large scale is made. 
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A STUDY OF INNOVATIVE APPROACHES TO 

RATE DESIGN BASED ON MARGINAL COSTS 

AND TIME-OF-USE DESIGN PRINCIPLES 

1.0 Background and Purpose 

In Order No. P.U. 7 (1996-1997) ("the Order"), the Board of Commissioners of Public 

Utilities of Newfoundland and Labrador ("the Board") considered time-of-day rate design 

methods and marginal costs. The Board ordered Newfoundland Power to conduct a study of 

marginal costs and innovative rate designs based on those marginal costs in the following terms: 

Marginal cost and time of use design methods should be pursued and will direct the 

Applicant to pursue innovative approaches based on such methodology. 

l%e Board also agrees with the advice that a study mustfirst be undertaken, and that the 

study must be well focused aid presented to the Board no later than July 1.1997. The Board 

expects that the study will include an examination of the utility's load projile as well as its costs. 

The Board will not direct the Applicant to any specific innovations (that will be the 

Applicant's decision) which will be based on its recognized andlor projected problems, its 

knowledge of existing customerpatterns, or its general knowledge of its industry. [Order No. 

P.U. 7 (1996-1997), pp. 98-99]. 

"37. A study shall be conducted by July 1, 1997 to evaluate rate designs based upon 

marginal cost, time-of-day design principles and other innovative rate options .... " [Order No. 

P.U. 7 (1996-1997), p. 107.1 

The purpose of this report is to respond to the Board's Order and also to provide a 

framework for future determinations of marginal costs and rate design decisions by 

Newfoundland Power. This report is not intended to address all of the many implementation 

details and issues surrounding the rate designs. 



2.0 Approach and Organization of Report 

The report follows the same order in which we analyzed marginal costs and time-of-use 

rate designs. The first task was to perform a load profile analysis to determine what seasonal and 

on and off-peak time-of-day time periods might be appropriate for Newfoundland Power. The 

next task was to calculate the marginal costs. Once the marginal costs were calculated, a 

preliminary review of a wide range of "innovative" rate structures was conducted to determine 

the types of rates that might be suitable for Newfoundland Power. For the most promising rate 

types, we then designed and examined specific rate designs in detail. Critical implementation 

issues, such as revenue reconciliation and rate availability were also examined. The final section 

summarizes our conclusions and observations. 

3.0 Load Profile Analysis 

In order to perform marginal cost analysis, and to design time-of-use rates, a load profile 

analysis is necessary. The load profile analysis identifies periods of the day, week or year when 

the system is either on or off-peak. Analysis of the load curves, and how the load is served by 

existing and anticipated new generation, gives insights into the marginal costs of the system and 

whether there are seasonal and time-of-day differences in the demand on the system. If 

significant differences do exist, then seasonal and time-of-day rates can be designed. 

We have chosen the simple method of defining the peak periods as those hours when 

load, on average, meets or exceeds 85% of the maximum peak load for the year. The detailed 

analysis and rationale which led to the selection of these time periods is described in 

Appendix A. 



Based on the analysis, the following time periods were chosen for the marginal cost 

analysis and time-of-use rate designs: 

/ Seasonal Time Periods 

Winter season: December through March (inclusive) 

( Non-winter season: April through November (inclusive) 

) Daily Time Periods 

Winter weekdays on-peak: 7:00 a.m. - 10:OO p.m. 

( Winter weekends on-peak: 9:M) a.m. - 10:OO p.m. 

Winter weekdays off-peak: 10:M) p.m. - 7:00 a,m. 

( Winter weekends off-peak: 10:00 p.m. - 9:00 a.m. 

I 
Non-winter - April through November (inclusive): all hours off-peak 

m 4.0 Marginal Cost 

The calculation of marginal costs for an electric utility is complex. The methods are well 

dcscriW in the NARUC Electric Utility Cost Allocation Manual (January, 1992, Secrion III) In 

general, we have followed the methods described in the NARUC cost allocation manual, an 

excerpt of which is attached as Appendix I3 of this report The exact methodology and details of 

I the calculation determining the marginal cost of supplying electrical power to the customers of 

Newfoundland Power is shown in Appendix C. 

I 
The calculation was based'on the following principles and assumptions: 

I 
1. The calculation assumes that the marginal cost of Newfoundland Power's purchased power 

I is Newfoundland and Labrador Hydro's ("Hydro's") marginal cost of supplying 

Newfoundland Power's load. 



C - 

2. The calculation of marginal costs excludes all impacts of Voisey Bay Nickel's (VBN) 

I proposed smelterirefinery. It is assumed that VBN will pay all the incremental costs 

associated with their supply of power. Therefore, the marginal costs to serve existing 

I customers should not be impacted by the VBN load. 

I 3. The marginal cost should reflect the causal relationship between a change in utility cost and 

a change in either the customer's energy requirements, the customer's peak demand or the 

I total number of customers. 

I 4. The marginal cost should be determined by focusing on future costs as opposed to historic 

costs. A projection of marginal cost should be incorporated into rate designs so that rate 

I designs can reflect both current and future trends to the extent possible. 

I The following table summarizes the results of the marginal cost analysis projected to the year 2005. 

D 
Table 1 

Island Interconnected System 
Newfoundland Power's Marginal Costs 

I 
Short RuqMarginal 

Energy Cost 

Generation 
Year On-Peak Off-Peak Capacity 

; 

1997 4.24 4.03 NIA 1 1998 / 4-25 / 4.04 / NIA 

Long-Run Marginal Demand Cost On-Peak 

Hydro I Newfoundland Distribution 
Transmission Power Transmission Primary I Distribution 

Secondary 

I$kW-yr) 

2.0 

2.0 

2.0 

2.1 

.2.1 

2.2 

2.3 

2.3 

2.4 

Long-Run 
Marginal 

($/Weighted 

Customer) 

b ' NIA - Not Available. 



C The on-peak long-run marginal generation demand-related costs shown in Table 1 have 

I been calculated for the years in which a capacity shortfall is forecasted, which is currently 

estimated to be in 2001 and beyond. While capacity additions are not required for the years prior 

I to 2001, there is clearly some value toxapacity in those years, because there is always a 

possibility of losing load due to capacity being forced out of service. In the past, Newfoundland 

*I Power has used the National Energy Research Associates (NERA) probabilistic methods, which 

attempt to capture this effect. However, the Loss of Load Probability (LOLP) data used for its 

I application has proven to be unstable. As a result, an estimate of the value of generation capacity 

for 1997 to 2000 is not available. To develop marginal cost-based rates, we need to assign a 

I generation capacity cost for 1997. We have assumed that the value of generation capacity in 

1997 is the full cost of deferring a gas turbine for a year ($83.1 per kW in 1997 dollars). 

I 
The 1997 system marginal costs from Table 1 are converted to marginal costs by voltage 

) level and customer type in Table 2. The numbers are different for each customer type because 

there are different loss factors, and different portions of the system are used by each. There are 

D no off-peak demand costs. The costs from Table 2 are used to design marginal cost based rates. 

Table 2 
Marginal Cost By Customer Type 

Transmission 
Customer 

4.42 
4.16 

4.33 
. 4.16 

103.2 

- 
- 
.. 

2,858 
1,90 1 

Primary 
Customer 

4.55 
4.24 

4.45 
4.23 

1 10.0 

- 
- 
- 

2,611 
3,007 

Category 
Energy Cost 

On-Peak (@/kwh) 
Off-Peak (@/kwh) 

Winter (@/kwh) 
Summer (@/kwh) 

Demand Cost 
&-Peak ($/kW-yr) 

Customer Cost 
Domestic ($/yr) 
Rate 2.1 ($/yr) 
Rate 2.2 ($/yr) 
Rate 2.3 ($/yr) 
Rate 2.4 ($/yr) 

Secondary 
Customer 

4.67 
4.32 

4.55 
4.3 1 

1 15.5 

330 
364 
636 

2,508 
7,939 



5.0 Marginal Cost and Embedded Rates 

Most experts agree that to achieve economically efficient pricing it is important to price 

as close as possible to marginal costs. The extent to which marginal costs are reflected in the . 

embedded rates varies from utility to utility. It is not usually practical to set all rates at marginal 

cost, so many rate designers try to set at least the run-out rates (or end blocks) as close to 

marginal costs as seems fair and practical. 

5.1 Marginal Cost Compared to Embedded Rates for Newfoundland Power 

Tables 3,4 and 5 compare the marginal costs to the current embedded rates for 

Newfoundland Power. To make such a comparison meaningful, it is necessary to convert the 

system costs to rate class costs. 

Table 3 
Comparison of Existing Basic Customer Charges 

to 1997 Marginal Costs 

Embedded Rate(July 1,1997) 
Basic Customer Charge 

($/month) 

16.56 

18.85 

20.32 

91.45 

182.89 

Domestic Rate 1.1 

General Service Rate 2.1 

General Service Rate 2.2 

General Service Rate 2.3 

General Service Rate 2.4 

Marginal Customer Cost 
($/month) 

27.50 

30.32 

52.97 

209.85 

-297.61 



Table 4 
Comparison of Existing End block Energy Rates 

to 1997 Marginal Costs 

Table 5 

I Existing General Service Demand Charges 
(Embedded Rate July 1,1997) 

Domestic Rate 1.1 

General Service Rate 2.1 

General Service Rate 2.2 

General Service Rate 2.3 

General Service Rate 2.4 

We can draw several conclusions from Tables 3 to 5: 

Marginal Energy Cost 
(dkwh) 

On-Pea k Off-Peak 

4.67 4.32 

4.67 4.32 

4.67 4.32 

4.62 4,29 

4.58 4.26 

General Service Rate 2.2 ($/kW/rnth) 

General Service Rate 2.3 ($/kVA/mth) 

General Service Rate 2.4 ($/kVA/mth) 

1. The end block energy rates are set at or above the off-peak marginal cost of energy for all of 

I the existing rates with the exception of Rate 2.3 and Rate 2.4 which are slightly below. The 

Embedded Rate (July 1,1997) 
End block Energy Charge 

(dkWh) 

6.751 

8.828 

4.380 

4.274 

4.178 

end block energy rates are somewhat below the on-peak marginal' cost 'of energy for Rates 

2.2,2.3 and 2.4. 

Demand Charge 
Winter Summer 

t 2. The existing customer charges are substantially below the marginal customer costs. 

7.75 

6.73 

6.45 

7.00 

5.98 

5.70 



3. The difference between the existing winter and non-winter demand charges in the 

embedded rates does not reflect marginal costs. The yearly on-peak demand cost of $103 - 
$1 161 kW from Table 2 would be recovered over the 4 winter months, so the marginal on- 

peak demand cost is between $26-29/kW/month for the winter months, and $O/kW/month 

for the non-winter months. The current seasonal difference of $0.75/kVA in the embedded 

rates is nominal acknowledgment that there is a seasonal difference in demand costs. 

6.0 Time-of-Use and Other Innovative Rates in Practice 

6.1 Canadian Utility Survey of Innovative Rates 

In February 1997, Newfoundland Power did a survey to collect information on the use of 

marginal costs in rate design, the availability of marginal cost based rates, and the level of 

customer participation in marginal cost based rates. A questionnaire was sent to 21 Canadian 

electrical utilities, 17 of whom responded. 

The following conclusions were made from the responses provided. 

1. Most utilities (88%) do not give marginal costs significant consideration when deriving 

the endblock energy prices for their standard (non-marginal cost based) rates. 

2. None of the respondents offer residential seasonal rates, and the majority (82%) do not 

offer general service seasonal rates. 

3. Time of day ("TOD) rates are more frequently available for large general service 

customers than for small general service customers and residential .customers. 

Residential TOD rates are available at four, or 24%, of the utilities that responded and 

TOD rates for general service customers are available at seven, or 41%, of the utilities 

that responded. 



4. A small percentage of customers take advantage of TOD rates when given the opportunity 

(i.e., less than 0.1% participation rate for residential customers and less than 2% for 

general service customers). 

I 5.  Curtailable rates are offered by the majority of the utilities (82%) that responded, while 

real-time pricing, stand-by-rates, and surplus energy rates are offered by 59%,53% and 

4 1 % of the utilities respectively. 

A more detailed analysis of the survey responses is provided in Appendix D. 

The Company has also included as Appendix E the results of a residential TOD survey of 

I U.S. and Canadian utilities conducted in late 1993 by Virginia Power. Ninety-two utilities 

responded to the survey. Sixty-three, or two-thirds, of the utilities have TOD rates available to 

I residential customers. Of the utilities offering TOD rates, fourteen mandate TOD rates to a 

segment of their residential customers. The median customers on TOD rates at those utilities 

) with voluntary TOD rates is 120 customers which is equivalent to 0.2% of the total residential 

class. In other words, one-half of the utilities responding have more than 120 customers on TOD 

1 rates, and one-half of the utilities responding have less that 120 c u s t o m  on TOD rates. 

I The results of both surveys indicate that voluntary residential time-of-day rates, while 

available at significantly more utilities in the U.S. than in Canada, generally do not attract I significant customer participation. The Canadian survey reveals that none of the responding 

utilities in Canada offer residential seasonal rates, and the majority do not offer general service 

seasonal rates. 

6.2 Potential Innovative Rates for Newfoundland Power . 

Newfoundland Power conducted a preliminary review of the innovative rates offered by 

IC other electrical utilities. Appendix F summarizes the results of this review. 



A properly designed time-of-use rate which reflects marginal costs is superior to the 

technology specific and other special use rates. Time-of-use rates will accomplish the same 

goals as these other innovative rates without having to target specific end uses. Specifically, 

time-of-day rates and seasonal rates offer the greatest potential to the largest number of 

customers. Time-of-day rates and seasonal rates were designed for each rate class, and are 

presented in the next section. 

Other rates worthy of further consideration include buy-back rates, load retention rates, 

and stand-by rates. Buy-back rates are rate arrangements whereby the utility pays customers for 

power supplied by the customer (i.e., a purchased power rate). Standby rates are for the 

provision of standby power to customers that have their own generation. Load retention rates 

encourage the deferral of customers' plans to install their own generation where the loss of such 

loads would result in higher overall rates to customers. These types of rates have not been 

designed as part of this study but may be desirable in the future if circumstances warrant. The 

marginal cost study and methodology in this report provides a framework for future 

B determinations of marginal costs and rate desigos by Newfoundland Power. 

I 7.0 Time-of-Use Rate Designs for Newfoundland Power 

I We used the following guidelines in designing time-of-use rates: 

I .  Rates must be reconciled to the revenue requirement. Rates set at marginal costs will 

I over or under collect the revenue requirement. 

I 2. We cannot set all rate components to the marginal cost so we have decided to set the 

energy charge at the short-run marginal energy-cost. 

3. Rates must be designed to promote efficiency. For example, rates must not be designed 

so that customers can increase their demands for very short periods simply to gain 

admission to another class and a lower rate. 



4. Rates must be practical when compared to the existing embedded rates. Rates should not 

be designed whereby virtually aU customers in a class would have lower bills by moving 

to a different rate option. 

5. The price of a kilowatt or kilowatt-hour for general service customers should only vary on 

the basis of whether the customer is served at secondary, primary, or transmission 

voltage. The rate class should not be a factor in determining the price. 

7.1 Revenue Reconciliation Methods 

If all consumption is priced at marginal costs, the utility will either over or under collect 

revenues. Rates based on marginal costs must therefore be reconciled to collect the approved 

revenue requirement. There are several methods mentioned in the NARUC Cost Allocation 

Manual (Chapter 11) which are commonly used to reconcile marginal cost based rates to 

embedded revenue requirements. They are: 

. Rarnsey Pricing (Inverse Elasticity Method) 

Differential Adjustment of Marginal Cost Components 

Equi-proportional Adjustment of Class Marginal Cost Assignments 

Lump Sum Transfer Adjustment 

The Rarnsey Pricing method uses estimates of elasticity by class and rate component to 

adjust the marginal cost based rate to yield the proper revenue requirements. Prices for 

components and rate classes that &e the least elastic are adjusted the most. The proper 

application of Ramsey requires a great deal of elasticity data that is not available. 
+ 

The Differential Adjustment of Marginal Cost Components makes differential 

adjustments to the demand, energy and customer components based on judgements about the 

relative importance of their elasticities of demand. It is a coarser form of Ramsey Pricing. 



L Equi-proportional Adjustment of Class Marginal Cost Assignments adjusts the marginal 

I cost rates to each class in proportion to the overall amount that marginal cost based rates would 

over or under collect embedded revenue requirements. It is sometimes viewed as being more fair 

I than the other methods. However, the resulting rates often bear no relation to marginal cost. 

The Lump Sum Transfer Adjustment sets all rates to marginal costs and makes up any 

difference in revenue requirements through a surcharge or rebate on the bill. We did not deem 

this method practical in Newfoundland. 

We have chosen to reconcile rates based on a variation of the Differential Adjustment of 

Marginal Cost Component method. The method used was to set the energy prices at the short- 

run marginal cost of energy, and adjust the customer and demand charges according to the 

guidelines outlined on pages 10 and 11. 

Revenue reconciliation from the marginal cost based rates to the embedded cost based 

rates was performed on the general service classes in total. Revenue reconciliation for each 

individual rate class was initially attempted, but resulted in differing rate components by rate 

class that would promote customers to increase usage to reduce cost ( by way of moving to a 

different class with a lower price). We concluded that the most effective pricing structure for 

general service customers would be achieved through revenue reconciliation of all the general 

service rate classes (i.e., Rates 2.1,2.2,2.3, and 2,4) in total. Because residential customers 

cannot move betwikn the residential and the general service classes, revenue reconciliation from 

I the marginal cost based rates to the embedded cost based rates was performed separately on the 

residential class. 

The details of the rate design revenue reconciliations are shown in Appendix G. 

7.2 Time-of-Use Rates 

Two different time-of-use rates were designed: time-of-day rates and seasonal rates. 



C 7.2.1 Time-of-Day Rates 

I The time-of-day rates are shown in Tables 6 and 7. 

Table 6 
Energy-Only Time-of-Day Rates 

In the standard rates (i.e., our existing embedded rates), there are no demand charges for 

the domestic and the general service Rate 2.1 rates. Table 6 shows the domestic and the Rate 2.1 

I time-of-day rates. The demand costs are recovered in the on-peak energy charge rather than 

through demand charges. 

I 
We also designed an optional energy-only time-of-day rate for general service Rate 2.2 

I customers. This rate is also shown in Table 6. Some smaller customers have indicated that they 

do not like paying a demand charge. An energy-only rate will offer these customers the option of 

I not having to pay a demand charge. The on-peak energy charge for the optional energy-only rate 

is designed to recover the same revenue as the on-peak demand and on-peak energy charges for 

I the Rate 2.2 demandenergy TOD rate. If a customer is billed on this time-of-day energy-only 

rate, they are paying their-demand costs through a higher on-peak energy charge. As long as the 

I customer is paying the on-peak demand cost, it doesn't matter whether the demand cost is 

1 

Rate 2.2 

$41.00 

16.270 

4.320 

$2.25 

recovered through an on-peak demand charge or an on-peak energy charge. 

1 

Rate 2.1 

$25.00 

16.270 

4.320 

$2.25 

Basic Customer Charge ($/mth) 

On-Peak Energy Charge ($/kwh) 

Off-Peak Energy(@/kWh) 

TOD Metering Surcharge ($/mth) 

Domestic 

$1 6.16 

10.990 

4.320 

$2.25 



The Rate 2.1 on-peak energy charge was set at the same price as the on-peak energy 

charge for Rate 2.2 in the optional energy-only rate. This approach provides a smooth transition 

for customers that move from one class to another. The only difference between the Rate 2.1 and 

the Rate 2.2 energy-only time-of-day rates is in the higher basic customer charge for Rate 2.2. 

Both customer charges were set to recover approximately 80% of the marginal customer costs. 

Table 7 shows the demandenergy rate for the general service TOD rate. The on-peak and 

off-peak energy charges were set at the marginal cost of energy when designing the rates. The 

demand and customer charges were adjusted to reconcile the revenue requirement. A metering 

surcharge was also included in all of the TOD rates to cover the incremental cost of a TOD 

meter. We have also included Rate 2.1 on Table 7 for any Rate 2.1 customer who prefers to be 

billed on a demandknergy time-of-day rate instead of an energy-only rate. 

As mentioned earlier, we treated all of the general service rate classes as one rate category 

for revenue reconciliation purposes. However, the demand and energy charges do vary 

depending on whether the customer is served at secondary, primary or transmission voltage. The 

energy charges differ as a result of differences in losses. The demand charges reflect differences 

in losses, as well as the different components of the system used by secondary, primary and 

transmission customers. There are also different demand charges for a customer billed on 

kilovolt-amperes (kVA) than for a customer billed on kilowatts (kW). The demand charges for a 

customer billed on kilovolt-amperes (kVA) equals 90% of the demand charge for a customer 

billed on kilowatts (kW). The customer charges differ significantly by customer class to reflect 

the marginal customer cost differences. 



Table 7 
General Service Time-of-Day Rates (DemandEnergy) 

Basic Customer Charge 
$/month 

Rate 2.1 $25.00 
Rate 2.2 $4 1.00 
Rate 2.3 $89.1 1 
Rate 2.4 $178.22 

TOD Metering Surcharge $2.25 

Demand Charges 
$1 k W  $kVA 

Secondary Voltage On-Peak $23.52 $21.17 
Off-Peak $0.00 $0.00 

Primary Voltage On-Peak $22.39 $20.15 
Off-Peak $0.00 $0.00 

Transmission Voltage On-Peak $20.99 $18.89 
Off-Peak $0.00 $0.00 

Energy Charges 
/kWh 

Secondary Voltage On-Peak 4.670 
Off-Peak 4.320 

Primary Voltage On-Peak 4.550 
Off-Peak 4.240 

Transmission Voltage On-Peak 4.420 
Off-Peak 4.160 

Time-of-Day Periods 

Winter weekdays on-peak: 7:00 a.m. - 10:OO p.m. 
Winter weekends on-peak: 9:00 a.m. - 10:OO p.m. 
Winter weekdays off-peak: 10:00 p.m. - 7:00 a.m. 
Winter weekends off-peak: 10:OO p.m. - 9:00 a.m. 
Non-winter - April through November (inclusive): all hours off-peak 



C 7.2.2 Seasonal Rates 

I The seasonal rates are: found in Tables 8 and 9. 

Table 8 
Energy-Only Seasonal Rates 

The principal difference between the seasonal rates and the TOD rates is that the on-peak 

period for the seasonal rates is the entire winter period of December through March. There is no 

demand charge for the off-peak season of April to November. Also, there is no metering 

surcharge since a TOD meter is not necessary. 

Basic Customer Charge($/mth) 

Winter Season Energy Charge ($/kWh) 

Non-Winter Season Energy Charge ($/kwh) 

The advantage of a seasonal rate over a time-of-day rate is that there is no special 

metering required. The disadvantage is that the seasonal rate doesn't track marginal costs as well 

as the time-of-day rate. The seasonal rate treats all of the winter season as ~ n - ~ e a k ,  and doesn't 

recognize the off-peak period which occurs during the night in the winter. 

Domestic 

$16.16 

8,916 

4.3 10 

Rate 2.1 

$25.00 

12.164 

4.3 10 



Table 9 
General Service Seasonal (Demanmnergy) , 

Basic Customer Charge 
$/month 

Rate 2.1 $25.00 
Rate 2.2 $4 1 .OO 
Rate 2.3 $89.1 1 
Rate 2.4 $178.22 

Demand Charges 
$1 kW $/kVA 

Secondary Voltage Winter $23.58 $2 1.22 
Non-Winter $0.00 $0.00 

Primary Voltage Winter $22,45 $20.20 
Non-Winter $0.00 $0.00 

Transmission Voltage Winter $21.04 $18.94 
Non-Winter $0.00 $0.00 

Energy Charges 
e m h  

Secondary Voltage Winter 4.550 
Non-Winter 4.3 10 

Primary Voltage Winter 4.450 
Non-Winter 4,230 

Transmission Voltage Winter 4.330 
Non-Winter 4.160 

Seasons 

Winter season: December through March (inclusive) 
Non-Winter season: April through November (inclusive) 



7.3 Optional or Mandatory Rates 

Whenever innovative rates are designed for existing customers, they may be implemented 

on either a voluntary or a mandatory basis. There are advantages and disadvantages to each 

method. 

Mandatory rates make it is easier to ensure that everyone is treated equally. They are 

currently the predominant rate form at Newfoundland Power. The disadvantage of mandatory 

rates is that they are usually designed to be fair to the average customer, and may not handle 

special circumstances well. More importantly, they do not give customers choices. 

The impact of introducing the seasonal and time-of-day rates on a mandatory basis is 

revenue neutral to the Company in the short-term. However, the impact on some individual 

customers is severe. Graph 1 shows the impacts of imposing a mandatory seasonal rate on a 

sample of approximately 2,100 residential customers. The impact is more severe for a significant 

number of general service customers. For example, approximately half of Rate 2.4 customers, 

15% of Rate 2.2 customers, and 10% of Rate 2.3 customers would receive annual increases 

greater than 10%. Many of the increases to general service customers are in the range of 30% to 

40%. 

Voluntary rates give customers choices. They can also be designed so that customers 

who are unfairly treated by the standard rates are treated more fairly under the voluntary rate. 

With voluntary rates, only customers who are better off go on the rate, so negative customer 

impacts are avoided. 

Newfoundland Power has designed several new time-of-day and seasond rates which 

could be implemented on either a mandatory or a voluntary basis. The fact that both rates are 

time-differentiated means they both reflect marginal cost better than the existing non-time - 
differentiated rates. We favor voluntary rates since one of the principal objectives with these 

rates would be to provide rate options, and making these rates mandatory would not accomplish 



this objective. Also, customer impacts are easier to manage on a voluntary basis, and customers 

volunteering to take these rates can bear the cost of special metering. 

Graph 1 
Impact of Mandatory Seasonal Rates on 

Domestic Customers Annual Bills 

% Change in Bills 

7.4 Revenue Recovery Mechanisms 

The introduction of voluntary time-of-day or seasonal rates almost always creates revenue 

shortfalls because only customers who can save money will opt for'them. The revenue shortfall 

in the case of seasonal rates is substantial if the take-up rate is high. An estimate of the revenue 

shortfall for the residential class alone is $3.5 million, if all customers who will benefit from the 

seasonal rate take advantage of it. Table 10 shows an estimate of the lost revenue by rate class if 

all customers who benefit from the seasonal rate go on the rate. This analysis is based solely on 



C historical usage patterns. It does not take into account the changes in usage patterns that may 

I occur if such a rate is made available. 

* Table 10 
Revenue Loss From Seasonal Rates 

I There are several ways of dealing with such a revenue shortfall. First, a utility can simply 

try to estimate who will opt for the new rate and how much revenue they will contribute. Total 

) revenue requirements from the remainder of the class can then be increased to avoid any shortfall 

in revenue. This method can only be used as part of a rate application. The problem with this 

method is that it is difficult to estimate the behavior of customers on a time-of-use rate that is 

dramatically different than existing rates. Also, it is impossible to forecast the revenue shortfall 

from time-of-day rater without time-of-day meters on a large sample of customer;. Any 

estimates of revenue shortfall may be incorrect by a wide margin. The risks of this method can 

be reduced by limiting entry on the new rates to a maximum number of customers between rate 

hearings. This provides time for both the utility and the customer to gain experience with the 

rates. 

Revenue Loss ($000~) 

3,492 
535 

1,566 
1,121 

86 
6,800 

Rate Class 

Domestic Rate 1.1 
General Service Rate 2.1 
General Service Rate 2.2 
General Service Rate 2,3 
General Service Rate 2.4 
Total 

Another method-for dealing with the revenue shortfall from voluntary rates is to institute 

Revenue Loss as a 
% Class Revenue 

1.7% 
5.3% 
3.4% 
2.2% 
0.5% 

i a revenue recovery clause. This clause would operate as a rider on the rates and would be 

applied on a yearly basis by comparing the revenues from customers on the new rates to what 

they would have contributed under the old rates, and applying the shortfall to the other customers 

in the class. 

20 



I 
Newfoundland Power's Customer Service System (CSS) will need to be modified to 

I enable billing of customers on time-of-day rates. The two major changes required are: 

i) , 
an upgrade to the handheld meter reading system, and 

ii) the billing module programming changes. 

B The cost of the upgrade to the handheld system will be approximately $100,000, and the 

cost of the required programming changes will be approximately $200,000. 

Newfoundland Power will have to purchase TOD meters for all participants. We propose 

to recover the incremental cost of purchasing TOD meters (compared to non-TOD meters) 

through a surcharge on participants' monthly customer charge. The TOD surcharge would be 

$2,25/month for all rate classes. For purposes of presentation on the customers' bills, this TOD 

surcharge could be included in the customer charge on the bill. 

7.5.2 Impact on Customers' Rates 

There are mechanisms to deal with revenue recovery. However, the implementation of 

time-of-day andlor seasonal rates can have implications for overall rates. For example, time-of- 

use rates can have an impact on end uses such as electric heat because time-of-use prices are 

higher in the winter period. This, 'in turn, could impact overall sales levels which would have a 

tendency to increase rates. Before the implementation of the rates discussed in this report to 

customers on a large scale, the impact on overall rates must be considered. Initially limiting 

entry on any rates that are implemented can serve both to limit impacts and provide an 

experience base to more reliably evaluate the future impact on overall rates. 



8.0 Conclusions 

After reviewing the marginal costs and potential rate designs available for Newfoundland 

( Power between 1997 and 2005, we have reached the following conclusions: 

I 1. The marginal costs of transmission and distribution are relatively low for most areas of the 

system for many years into the future. 

2. The marginal energy costs of generation are primarily those of Holyrood until the 

requirement for the next generation source. 

1 3. The on-peak marginal costs for Newfoundland Power are higher than the existing 

embedded end block rates; and the off-peak marginal costs are lower than the existing end 

block rates. 

4. Time-of-use rates (specifically, optional time-of-day rates and seasonal rates) are superior 

I 
to the technology specific and other special use rates. The implementation of time-of-use 

rates accomplishes the same goals as these other rates. Therefore, we have designed 

I optional time-of-day and seasonal rates for each rate class. However, other rates such as 

buy-back rates, stand-by rates, and load retention rates may be worth further investigation if 

1 the circumstances warrant. 

5.  The preferred method of revenue reconciliation at this time is a variation of the Differential 

Adjustment of Marginal Cost Components. The revenue reconciliation from marginal cost 

revenue to embedded cost revenue must be done in total for the general service classes in 

order to develop rates that reflect marginal costs and promote efficiency. 

6 If innovative marginal cost based rates are to be implemented, they should be done on a - - 

voluntary basis. The implementation of marginal cost based rates on a voluntary basis will 

create customer choices while improving the economic efficiency of the system. Offering 



b voluntary time-of-day andlor seasonal rates will result in substantial revenue shortfalls 

I (particularly in the case of seasonal rates). 

I 7. Some mechanism to recpver the revenue losses shod& be provided until sufficient 

experience is obtained to accurately estimate the revenue impact, and build this impact into 

I the revenue requirement at a future rate hearing. Limiting entry to the rates will also 

provide time to evaluate the impact of these rates. 

I 
8, The introduction of time-of-day andlor seasonal rates may impact the level of overall rates. 

I Before the implementation of these rates to customers on a large scale, the impact on 

overall rates should be considered. 
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Appendix A 

LOAD PROFILE ANALYSIS 

1.0 Introduction 

I 
The load profile analysis is necessary to perform marginal cost analysis, and to design time-of- 

1 use rates. The load profile analysis identifies periods of the day, week or year when the system is either 

on or off-peak. Analysis of the load curves and how the load is served by current and anticipated new 

generation gives insights into the marginal costs of the system and whether there are appropriate 

I seasonal and time-of-day differences on the system. If significant differences do exist, then seasonal and 

time-of-day rates can be designed. 

I 
There are a number of ways used to determine appropriate on-peak and off-peak time periods. 

( The simplest method is to choose hours where the load is expected to exceed a certain fraction of the 

peak, say 85% for example. Another method is to choose hours where the marginal costs are expected to 

b rise appreciably; whenever intermediate generating units might be expected to run, for example. Some 

analysts prefer to establish time periods by looking at probabilities that load might be lost in any given 

I hour and designating peak periods as those hours which have loss of load probabilities that are close to 

the peak hour. All of these methods require judgment. The probability methods require sophisticated 

I computer modeling of the generation system, which is not available to Newfoundland Power at this time. 

I If rate design is the final object, as it is here, selection of time periods should consider whether 

rate designs based on the selected time periods are practical to administer and easy for customers to 

I remember and understand. Since Holyrood is the marginal unit for almost every hour of the year, there 

is currently little difference in short-run marginal energy costs between on-peak and off-peak hours. I This rules out using appreciable time differences in energy costs as a method for time period selection. 

I The primary difference in costs between on-peak-and off-peak are the demand related fixed costs. These 

are usually associated with on-peak periods, but there is no clear demarcation as to when they begin and 

end. We have therefore chosen the simple method of defining the peak periods as those hours when load 

i meets or exceeds 85% of the maximum peak load for the year. 
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t We analyzed the load profiles for the Island Interconnected System for the years 1992-1996 

by month to determine what seasonal patterns exist. 

I 2.0 Seasonal Peak Periods 

,Graph 1 shows the typical daily load curve for December through March and April through 

November periods. As can be seen from Graph 1, the peak season defined as December through 

March has significantly higher loads than the April through November off-peak season. The average 

demands during the hours of lowest usage during the on-peak season are higher than average 

demands during the hours of highest usage during the off-peak season. We have therefore defined 

December through March as the on-peak season. This definition of seasonal peak period is also 

convenient as it is consistent with the current definition of winter season used in the standard 

demandlenergy rates. 

Graph 1 - Average Hourly Demands 1992-1 996 
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) 3.0 Peak Season Weekend versus Weekday Usage 

Appendix A 

Graph 2 compares the average on-peak season demands for weekend (i.e., Saturday and 

( Sunday) to weekday usage. The data indicates slightly higher loads during the evening hours for the 

weekdays; but the differences are not significant enough to justify treating the weekend loads any 

I different than the weekday loads, except to consider delaying the start of the peak period a few hours 

I on weekends. 

I Graph 2 - Average Winter Loads - Weekends vs Weekdays 

Hour 

I 4.0 Saturday versus Sunday Usage 

I An additional analysis was performed to compare Saturday usage to Sunday usage during 

( the peak season (see Graph 3). This was done to determine if either day could be treated as off-peak 

or shoulder-peak. The results indicated that Sunday has a slightly higher peak on average during the 

1 morning to noon hours, whereas Saturday has a slightly higher peak during the evening hours. 
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There is not a sufficient difference in the customers' peak season load requirements on 

Saturdays versus Sundays to justify treating these days differently. 

Graph 3 - Saturday vs Sunday Hourly Loads during the Winter Period 
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5.0 Winter Season On-Peak and Off-Peak Hours 

Graph 4 shows the winter period weekday and weekend time-of-day usage pattern that was 

shown on Graph 2. Because the weekday usage at 8 a.m. is on average 95% of peak load and the 

system occasionally peaks at 8 a.m., it is necessary to start the peak period before 8 a.m. At 7 a.m. 

the load is on average 85% of peak. The customers' usage ramps up very quickly between 7 a.m. and 

8 a.m. It is therefore recommended the weekday peak period start at 7 a.m. 

The winter weekday load generally does not drop below 85% of peak again until after 11 

p.m. However, because of the sharp decline in usage between 10 p.m. and 11 p.m., there is very 

little risk that the system will peak after 10 p.m. It is recommended that the weekday peak period 

end at 10 p.m. The usage on winter weekends climbs rapidly towards the morning peak about 2 
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hours later than during the weekdays. For this reason, and to give the customers a chance to shift 

more load during the weekends, we have delayed the winter weekend peak period until 9 AM. 

I Graph 4 - Hourly Loads as a % of Peak Hourly Loads 

Hour 

80% - -  
of Peak Period 

The decline of usage during the evening on weekends follows the same pattern as on 

weekdays. It is therefore recommended that the winter peak period end at the same time for both 

weekdays and weekends. 
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6.0 General Discussion of Costs of Serving the Load Curve 

Although we have chosen the simple method of choosing time periods when load exceeds 

85% of peak for defining on-peak and off-peak time periods, the real purpose of choosing time 

periods is to try to distinguish between times when costs are significantly higher than other times. 

The marginal costs of providing service in the selected time periods are discussed in detail in 

Appendix C. Marginal costs can be broken-down into marginal demand, marginal energy and 

marginal customer related costs. 

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 21 22 23 24 
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t As previously stated there is very little hourly difference in the marginal energy costs 

between on-peak and off-peak, because the Holyrood units supply the marginal energy during almost 

all hours of the year, Occasionally combustion turbines are run when there is a unit failure at 

( Holyrood; but this happens for less than 1 %  of the hours in a year. As load continues to grow, there 

I 
is more chance that higher operating cost combustion turbines will be used. 

Marginal demand costs are incurred because of the highest demands on the system. We 

1 have therefore assigned all marginal demand-related costs to the on-peak periods. 

Marginal customer-related costs occur whenever a new customer is added. They primarily 

I cover the fixed costs associated with the meters up to the portion of the distribution system that must 

be constructed anyway when a customer connects. Marginal customer costs apply to all time 

L '*O 
Summary of Recommended Time Periods 

I The following time periods were chosen for the marginal cost analysis and time-of-use rate 

designs. 

Seasonal Time Periods 

( Winter season: December through March (inclusive) 

8 
Non-winter season: April through November (inclusive) 

Daily Time Periods 

1 Winter weekdays on-peak: 7:00 a.m. - 10:00 p.m. 

Winter weekends on-peak: 9:00 a.m. - 10:00 p.m. 1 Winter weekdays off-peak: 10:M p-m - 7100 a.m. 

Winter weekends off-peak: 10:OO p.m. - 9:00 a.m. 

Non-winter - April through November (inclusive): d l  hours off-peak 



APPENDIX B 

EXCERPT FROM 1992 NARUC 
COST ALLOCATION MANUAL ON 

MARGINAL COSTS 



ELECTRIC UTILITY 
COST ALLOCATION MANUAL 

January, 1992 

NATIONAL ASSOCLATION OF 
REGULATORY UTILITY COMMISSIONERS 

1102 Interstate Commerce Commission Building 
Constitution Avenue and Twelfth Street, NW 

Post Office Box 684 
Washington, DC 20044-0684 

Telephone No. (202) 898-2200 
Facsimile No. (202) 898-2213 

Price: $25.00 

A 



SECTION 111 

MARGINAL COST STUDIES 

SECTION reviews marginal cost of service studies. As noted in Chaptcr 2, 
in contrast to embedded studies where the issues primarily involve the allocation of costs 
taken from the company's books, the practical and theoretical debates in marginal cost 
studies center around the devcloprnent of the costs themselves. 

Chapter 9 discusses marginal production costs, including the costing methodolo- 
gies and allocation to time periods and customer classes of the energy ahd capacity com- 
ponents. 

Chapter 10 discusses the costing methodologies and allocation issues for mar- 
ginal transmission. dismbution and customer charges. 

Use of marginal cost methodologics in ratemaking is based on argumenB of eco- 
nomic efficiency. Pricing a utility's output at marginal cosr however, will only by rare 
coincidence recover the allowed revenue requirement 

Chapter 11 discusses the major approaches used to reconcile the marginal cost re- 
sults to the revenue requirement. 



CHAPTER 9 

MARGINAL PRODUCTION COST 

M a r g i n a l  production cost is the change in the cost of producing clcc~ciry in 
response to a small change in customer usage. Marginal production cost includes an 
energy production component, referred to as marginal energy cost, and a 
generation-related reliability component refemd to as marginal capacity cost Marginal 
capacity cost is one rdhbiliry-related component of the marginal costs associated with a 
change in customer usage. The other components, marginal transmission cost and 
marginal distribution cost, are discussed in Chapter 10. Together, these three 
reliability-related marginal costs are sometimes refemd to as marginal demand cost. 
These marginal costs arc used to calculate marginal cost =venues, which are used in cost 
allocation, as discussed in Chapter 11. 

Marginal costs are commonly time-differentiated to reflect variations in the cost 
of serving additional customer usage during the course of a day or across seasons. Mar- 
ginal production costs tend to be highest during peak load periods when generating units 
with the highest operating costs are on line and when the potential for generation-related 
load curtailments or intemprions is greatest. A costing period is a unit of time in which 
costs are separately identified and causally attributed to different classes of customers. 
Costing periods are often disaggregared hourly in marginal cost studies, particularly for 
determining marginal capacity costs which are usually strongly related to hourly system 
load levels. A rating period is a unit of time over which costs are averaged for the pur- 
pose of setting rates or prices. Rating periods are selected to group together periods with 
similar costs, while giving consideration to the administrative cost of time-differentiated 
rate structures. Where time-differentiated rates are employed, typical rate stn~cturts 
might bc an on-peak and off-peak period, differentiated between a summer and winter 
season. 

Two separate measures of marginal cost, long-run marginal cost and short-run 
marginal cost, can-be employed in cost allocation studies. In economic terms, long-run 
marginal cost refers to the cost of serving a change in customer usage when all factors of 
production (i.e.. capital facilities, fuel stock, personnel. etc.) can be varied to achieve 
least-cost production. Shon-run marginal cost nfers to the cost of scrving a change in 
customer usage when some factors of production, usually capital facilities, are fixed. For 
example, if load rises unexpectedly, shon-run marginal cost could be high as the utility 
seeks to meet this load with existing resources (i-e., the short-run perspective). Similarly, 



if a utility has surplus capacity, short-run marginal cost could be low, since capacity ad&- 
rions \%. :,uld provide relatively few benefits to the utility. When a utility system is upti- 
mally designed (utility facilities meet customer n d s  at lowest total cost), long-run and 
short-run marginal costs are equal. 

A common source of confusion in marginal cost studies arises in considering the 
economic time frame of investment decisions. There is an incorrect tendency to equate 
long-run marginal cost with the economic lifc of new facilities, suggesting that long-run 
marginal cost has a multi-year character. In actuality, both short-run and long-run mar- 

l 
ginal costs arc measured at a single point in time, such as a rate proceeding test year. 

There is considerable difference of opinion as to whether short-run or long-run 
marginal cost is appropriate for use in cost allocation. In competitive markets, prices 
tend to reflect short-run marginal costs, suggesting that this may be the appropriate basis 
for cost allocation. However, long-run marginal costs tend to be more stable and may 
send bctrer price si als to customers making capital investment decisions than do short- 9 run marginal costs. 

I. MARGINAL ENERGY COSTS 

Margina l  energy cost refers to the change in costs of operating and maintaining 
the utility generating system in response to a change in customer usage. Marginal energy 

3 costs consist of incremental fuel or purchased power costs and variable operation and 
maintenance expenses incurred to meet the change in customer usage. Fixed fuel costs 
associated with committing generating units to operation are also a component of 
marginal ene rp  costs when a change in customer usage results in a change in unit 
cornmi tment. 

'h contrast, analysis of investment decisions properly requires a pmjdm of short-run marginal 
cost over the economic life of the investment. Long-run marginal cost is sometimes used to estimate pro- 
jected shon-run marginal cost (ignoring factors such as productivity change Which may muse long-run mar- 
ginal cost to vary over time), which perhaps contributes to the mistaken views regarding the economic time 
frame of long-mn marginal cost. . 

. . 
2 ~ e e ,  for example, the discussion in A E. Kahn, A . . Instltutrons. 1970, particularly Volume 1, Chapter 3. 

3 ~ n c ~ m e n ~  fuel costs are sometimes referred to as system lambda costs. 

'~hese fixed fuel costs an: commonly associated with conventional fossil fuel units which ye used 
to follow load variations. These units often require a lengthy start-up period where a fuel input is required 
to bring the units to operational sta1u.r The cost of this fuel input is referred to as start-up fuel expenses. 
Also. at low levels of generation our,.& average fuel costs exceed incremental fuel costs bewuse there are 
cemin "ovehead" costs, such as iiictional loses and thermal losses. which =cur h p e c t i v e  of the level 
of the level of generator output. These costs are sometimes rtfernd to as "n&loadn fuel costs since they are 
unrelated to the amount of l a d  placed on the generating uniL  



T h e  ~rcdorninant methodology for developing marginal energy costs is the use 
of a costing model to simulate the effezt of a change in customer usage on the 
utility system production costs. Typically, a utility will operate its lower production cost 
resources whenever possible, relying on units with the highest energy production costs 
only when production potential from lower-cost resources has been fully utilized. Thus. 
the energy production costs for the most expensive generating units on line a e  indicative 
of marginal encrgy costs. However, utility generating systems are frequently complex. 
with physical operating constnints, conmctual obligations, and spinning reserve 
requirements, sometimes making it difficult in practice to easily d e ~ n n i n e  how costs 
change in response to a change in usage. A detailed simulation model reflecting the 
imponant charactexistics of a utility's generating system can be a very useful tool for 
making a reasonable determination of marginal encrgy costs. 

An al~mativc to using a production costing model is to develop an estimate of 
marginal energy costs for an historical period and apply this historical result to a test year 
forecast period. For historical studies, marginal energy costs can be expressed in terms 
of an equivalent incremental encrgy ratc (in BTU/KWH), which reflects aggregate sys- 
tem fuel use efficiency. Expressing marginal energy costs in these units nets out the ef- 
fect of changing fuel'prices on marginal energy costs '. The use of historical studies 
should be approached with caution, however, when there is a significant change in sys- 
tem configuration (e.g., addition of a large baseload generating station), or where there 
are sizable variations in hydro availabiliry. In these instances, system efficiency may 
change sufficiently to render historical studies unreliable as the basis for a test year fore- 
cast. 

 he incremental energy rate, or IER. is conceptually similar to an incremental heat rate, but meas- 
ures aggregate svstem efficiency rather than unitspcific efficiency. The IER is calculated by dividrng mar- 
ginal energy cosls by the price of the fuel predominantely used in meeting a change in usage. When the 
price of this predominant fuel changes, marginal energy cost can be qproximated as the fuel price (U/BTU) 
times the IER (BTU/KWH). 



1. Production Cost ModeIing 

T h e r c  are numerous computer mocicls suitable for performing a sirnu1a;ed urility 
dispatch and determining marginal energy costs that arc commercially available0. Thesc 

cost models require a considerable degree of technical sophistication on the 
part of the user. In general, results are highly sensitive both to the structural description 
of the utility system contained in the input data and the actual values of the input data. 
Verification or "benchmarking" of model performanct in measuring marginal energy 
costs is an important step which should be undertaken prior to relying on a model in 
regulatory proceedings. 

Typically, production cost models produce an output report showing marginal en- 
ergy costs by hour and month. These reported costs represent the incremental cost of 
changing the level of output from the most expensive generating unit on lint to meet a 
small change in customer usage. However, these costs do not include the effect of tempo- 
ral interdependencies which should be accounted for in marginal energy costs. For exarn- 
ple, if a unit with a lengthy start-up cycle is started on Sunday evening to be available for 
a Monday afternoon peak, the costs of starting up the unit arc properly ascribed to this 
Monday peak period. 

The effect of such temporal interdependencies can be measured with a production 
cost model using the incrementaldecremental load method. The production cost model 
is first run to establish a base case total production cost Then, for each costing period, 
two additional model runs are performed, adjusting the input load profile upward and 
downward by a.chosen amount The change in total production cost pcr KWH change in 
load is calculated for both the incremtntal and decrementd cases, and the results avtr- 
aged to give marginal energy costs by costing period. 

The results of a production cost model simulation for the utility case study are 
shown in Table 9-1. The analysis uses an incrementaVdecremental load method to ac- 
count for fixed fuel expenses associated with the additional unit commitment needed to 
meet a change in load during on-peak and mid-peak periods. Off-peak marginal energy 
costs are derived directly from the production cost model's reported marginal energy 
costs, since changes in off-peak usage are not anticipated to affect unit commitment. and 

'~o rnpu in~  and conasting the efficacy of different production costing models is a complex under- 
Chng that will not be attempted in this manual. The "state-f-the-art" in production cost modeling is en- 
volving rapidly, with existing models incming  in sophistication and new models being developed. 



mid-peak periods. Off-peak marginal energy costs are derived dnectly from the produc- 
tion cost model's reported marginal energy costs. since changes in off-peak usagc are not 
anticipated to affect unit comrnitmcnr 

TABLE 9-1 

W G I N A L  ENERGY COSI' CALCULATION USING AN 
mCREMPITA1IDECREMETdTa LOAD MGI710DOLOGY 

(Based on a Gas Price of $2.70/MMBTU) 

Note: These figures exclude viuiable operation and mainfenance expenses of 0.3(/KWH. 

Combined 
500 MW 

Decrement 
500 MW 
Increment 

Summer On-Peak I 

Change in Production Cost ($1 
Change in KWH Production (GWH) 
Marginal Cost 

In BTU/KWH 

Summer Mid -Peak 
Change in Production Cost (5) 
Channe in ?WH Production (GWH) - 
Marginal Cost ($/KWH 1 

In BTU/KWH 

Summer Off-Peak 
Marginal Cost ($/KWH 1 

In BTUIKWH 

Winter On-Peak 
Change in Production Cost 6) 
Channe in KWH Production (GWH) 
Marginal Cost ($/KWH ) 

In BTUIKWH 

Winter Mid-P& 
Change in Wuction Cost (%) 

Channe in KWH Wuction ( G m  

Marginal Cost I/KWH) 

In BTUPWH 

Winter Off-Peak 

Marginal Cost ( $ m H  1 
In BTU/KWH 

1 

+9.209 
+26 1 

+9,63 1 
+393 

- 

+11.479 
+348 

+19.411 
+785 

-9,120 
-26 1 

-9.613 
-393 

- 

-9.930 
-348 

-19.843 
-785 

J 

18.329 
522 . 
3.5 

12.993 

19.244 

786 
2.4 . 

9.089 

2.1 
8.129 

2 1.409 
696 - 
3.1 

1 1.393 

39.254 
1576 

2.5 
9.260 

2.4 

8.730 



2. Historical Marginal Energy Costs 

W h e n  production cost model results are not available. use of historical data as 
a pmxy to forecast future marginal energy costs may be considered. The starting point to 
estimating historical marginal energy costs is incremental fuel cost (system lambda) data. 
A number of adjustments to these system lambda costs may be necessary in order to 
properly calculate marginal energy costs. In low-load periods, production from baseload 
units or power purchases may be reduced below maximum output levels, while higher 
cost units are left in operation to respond to minute-to-minute changes in demand. In this 
instance, the cost of power from the baseload units or purchases with reduced output, not 
system lambda., represents marginal energy costs. Similarly, in a high-load period, the 
cost of power from on-line block-loaded peaking units would xcprcsent marginal energy 
cost, even though the cost of thesc units may not be reflected in the system lambda costs. r In a system dominated by pcaking hydm, but energy constrained, the cost of production 

- from non-hydro units which serve to "fill the reservoir" represents marginal energy costs. 

Another necessary adjustment would be to account for the fued fuel costs associ- 
ated with a change in unit commitment when there is a change in load. This fixed fuel 
cost can be estimated as follows. First, identify how an anticipated change in load affects 
production scheduling. For example, if production scheduling follows a weekly sched- 
ule, an increase in load might increase weekday unit commitment but not impact week- 
end operations. Second, identify what fraction of time different types of units would be 
next in line to be s m d  or shut down in response to a change in load. Thud, rely on en- 
gineering estimates to establish the fixed fuel costs for each rype of unit With this infor- 
mation, the fixed fuel cost adjustment can be estimated by taking the product of the 
probability of particular units being next in line times the fixed fuel cost for each unit. 
The fixed fuel cost can be allocated to time period by investigating how changes in load 
by costing period affect production scheduling. A simple approach would be to identify 
the probability of different costing periods being the peak, and using thesc probabilities 
to allocate fixed fuel costs to costing periods. 

Marginal  energy costs vary among customer groups as a result of differences in 
the amount of energy losses between generation level and the point in the 
transrnission/distribution system where power is provided to the customer. Energy losses 
tend to increase as power is msforrned to successively lower voltages, so energy losses 
(and thus marginal energy costs) are greatest for customer groups served at lower 
voltages. Ideally, energy losses should be timt-differentiated and should reflect 
incremental losses associattd with a change in customer usage, rather than average 
losses, although incremental losses are difficult to measure and are seldom available, 
Table 9-2 shows marginal energy costs by customer group, taking into account 



time-differentiated average energy losses for the utility case study. The variation in 
average marginal energy costs in Table 9-2 is due solely to differences in energy losses, 
reflecting differences in service voltage among the customer groups. 

TABLE 9-2 

MARGINAL ENERGY COSTS 
BY TIME PERIOD AND RETAIL CUSTOMER CROW 

(g/KWH, at Sales Level) 

It. MARGINAL CAPACITY COSTS 

Summer 

I n  most utility systems, generating facilities are added primarily to meet the 
reliability ~quirements of the utility's customers? These generating facilities must be 
capable of meeting the demands on the system with enough reserves to meet unexpected 
outages for some units. System planners employ deterministic criteria such as resme 
margin standards (e.g., 20 percent above the forccast peak demand) or probabilistic 
criteria such as loss of load probability (LOLP) standards (e.g., one outage occurrence in 
ten years). Whichever approach is used, these standards implicitly reflect how valuable 
reliabiIity is to utility customers. Customers are willing to pay for reliable service 
because of the costs that they incur as a result of an outagc. Moxe generally, this is 

Wmter 

referred to as shortage cost, including the cost of mitigating measures taken by the 
customer in addition to the direct cost of outages. Reasonable reliability standards 
balance the cost of improving reliability (marginal capacity cost) with the value of this 
additional reliability to customers (shortage cost). 

7 ~ n  some sysrems Uaat rely havily on hydro facilities. energy may be a constraining variable rather 
than capacity. New generating facilities ye added primarily to generate additional energy to conserve 
limited water supplies. In such circumstance. marginal capacity costs are essentially wo. 

I 

- Customer Croup 

-, Residential 
Commercial 

Industrial 

Agriculture 

Street Lighting 

Off-Peak 

2.86 

2.85 

2.80 

2.86 

2.83 

Mid-Peak 

3.05 

3.05 

2% 

3.05 

3.01 

On-Peak 

3.68 

3.68 

357 

3 -68 

3.63 

Off-Peak 

2.70 

269 

264 

2.70 

2.67 

On-Peak 

4.18 

4.17 

4.08 

4.18 

4.13 

Mid-Peak 

3.00 

2.99 

294 

3.00 

2.97 



T h e n  arc two mcthodologics in widespnad use for determining marginal 
capacity costs, the peaker deferral method and the generadon resource plan expansion 
method. The peaker defend method uses the annual cost of a combustion or gas turbine 
peakcr (or some other unit built solely for capacity) as the basis for marginal capacity 
c o s ~  The generation resource plan expansion method starts with a "base case" 
generation resource plan, makes an incremental or decrementd change in load, and 
investigates how costs change in response to the load change. 

1. Peaker Deferral Method 

Pcakers  are generating units that have relatively low capital cost and rclativcly 
high fuel costs and are generally run only a few hours per year. Since,peakers are 
typically added in order to meet capacity requinments, pcaker costs provide a measure of 
the cost of meeting additional capacity needs. If a udlity installs a baseload unit to meet 
capacity requirements, the capital cost of the bascload unit can be viewed as including a 
reliability component equivalent to the capital cost of a pcaker and an additional cost 
expended to lower operating costs. Thus, the peaker deferral method can be used even 
when a uality has no plans to add peakers to meet its reliability n&. The peaker 
deferral method measures long-run marginal cost, since it determines marginal capacity 
cost by adding new facilities to just meet an increase in load, without considering 
whether the existing utility system is optimally dtsigncd. The peaker deferral method 
compares the present worth cost of adding a peaker in the "test year" to the present wonh 
cost of adding a peaker one year later. The difference is the annual (first-year) cost of the 
peaker. This cost is adjusted upward since, for rcliabiiity considerations, more than one 
MW of peakcr capacity must be added for each MW of additional customer 
In the utility case study, the installed capital cost of the peaker is $615/KW. nsulting in a 
marginal capital cost of $BO/KW. Derails on the derivation of this latter figure are 
provided in Appendix 9-A. 

SThe peaker defend method is described in paler  detail in . .  National . Emornic Research Associ- 
ates. a* 
Electric Utility Rate Design Study. February 21, 1977. 



2. Generation Resource Plan Expansion Method 

A n  a~terntivc approach to developing marginal production cost is to take the 
utilion resource plan as a base case, and then increment or decrement the load forecast on 
which the plan was based. An alternate least-cost =source plan is then developed which 
account the modified load forecast. The resulting revision to the generation resource 
plan captures the effect of the change in customer usage. 9 

Similar to the pcaker deferral method, the annual costs of the base case and re- 
vised generation resource plans are calculated, and then discounted to present-worth val- 
ues. The annual revenue rtquirements include both capital-related and fuel-related costs, 
so fuel savings associated with high capital cost generating units are reflected in the 
analysis. 'Ihc difference between the present-worth value of the two cases is the marginal 
capacity cost of the specified change in customer usage. 

In the utility casc study, the least-cost rcsponst to an increase in customer load in 
the "test year" would result in returning a currently retired generating unit to service one 
year sooner. The incnasc in total production cost (capital and fuel costs) associated with 
this increased load case results in a marginal capacity cost of $21/KW. The derivation of 
this figure is provided in Appendix 9-A. In contrast to the peaker defwal method, the 
generation resource plan expansion method measms short-run marginal cost, since it ex- 
plicitly accounts for the current design of the utility system In the utility casc study, the 
presence of a temporarily out-of-servicc generating unit indicates surplus capacity, which 
accounts for the difference between short-run marginal capacity cost and long-run mar- 
ginal capacity cost 

LOLP refers to the likelihood that a generating system will be unable to serve 
some or all of the load at a particular moment in time due to outages of its generating 
units. LOLP tends to be greatest when customer usage is high. If LOLP in a period is 
0.01, there is a one perctnt probability of being unable to serve some or all customer 
load. Similarly, if load increases by 100 KW in this period, on average, the utility will be 
unable to serve one KW of the additional load. Summing LOLP over all periods in a 
year gives a measure of how reliably the utility can serve additional load. 

 he generation resource plan expansion method is + .  described in greater . . detaiI in C. J. Cicchetti. W. 
J. Gillen. and h u l  Smolensky, 
Ji lwAm 



If load increases in an on-peak period when usage is already high, the LOLP- 
weighted load is high and there is a relatively large impact on reliability which must be 
offset by an increase in generating resources. If load increases in an off-peak period 
when usage is low, the LOLP-weighted load is low and there may be relatively little im- 
pact on reliability. Similarly, when additional generating resourccs are added to a utility 
system, the incremental reliability improvement in each period is proportional to the 
LOLP in that period. Thus, LOLP's can be used to allocate marginal capacity costs to 
time periods. A simple example showing the derivation of LOLP and its application to al- 
locating marginal capacity costs to time periods is shown in Appendix 9-B. 

An actual allocation of marginal capacity costs to time periods is shown in Ta- 
ble 9-3, based on the utility cast study. The LX)LP's are based on a probabilistic outage 
model that takes into account historical forccd outage rates, scheduled unit maintenance, 
and the potential for emergency interconnection support. 

TABLE 9-3 

ALLOCATION OF MARGINAL CAPACITY COST TO TIME PERIOD 

C. AllQmnf C o o  to cus- 

Marginal capaciry costs vary by customer group, renccting differences in 
losses between generation level and the point where the power is provided to the 
customer (sales level). Ideally, the loss factors used to adjust from sales to generation 
ievel should reflect incremental losses rather than simply reflecting average energy 
losses, although incremental losses are difficult to measure and are seldom available. 

Marginal 
Capacity 

Cost 

$57.3 1 

9.93 

0.20 - 
4.37 

6.96 

1.17 

LOLP 

0.716949 

Time Period 

Summer On-Peak 
Mid-Peak 

Hours 

12:00 noon - 6:00 p.m. 

8:00 a.m. - 12:00 noon 

Off-Peak 

Winter On-Peak 
Mid-Peak 
Off-Peak 

6:00 p.m. - 11:OO p.m. 

11:OO ~ . m .  - 8:00 a.m. 
and all weekend hours 

8:00 a.m. - 5:00 p.m. 

5:00 p.m. - 9:00 p.m. 

9:00 p.m. - 8:00 a.m. 
and all weekend hours 

0.124160 

0.002532 

0.054633 
0.087076 

0.014650 



TABLE 9-4 

Table 9-4 shows marginal capacity costs by rating period, reflecting losses by customer 
group, based on the utility case study. This table is constructed for illustration only, by 
assuming that each customer group's usage is constant for all hours withn the rating 

AVERAGE MARGINAL C A P A C m  COSTS 
BY RATING PERIOD AND RETAIL CUSTOMER CROUP 

I 

($/K W month) 

periods shown. In actuality, the revenue allocation described in Chapter 11 uses hourly 
customer group loads and hourly LOLP data to calculate hourly marginal capacity costs 
by customer group. 

In general, all customers receive the same level of reliability from the generation 
system since it is seldom practical to provide service at different reliability levels. Some- 
times customers are served under intermptible tariffs or have installed load management 
devices, however, which effectively provide a lower reliability senice. The marginal ca- 
pacity cost for these customers may be zero if the utility does not plan for, or build, capac- 
ity to serve the incrtmental load of these customers. If the utility continues to plan for 
serving these customer loads, but with a lower level of reliability, the marginal capacity 
cost for these customers is related to the marginal capacity cost for regular customers by 
their relative LOLP's. 

r 

Summer (4 Months) Winter (8 Months) 

Annual 

88.32 

87.96 

86.1 2 

88.32 - 

87.36 

ORPeak 

0.16 

0.16 

0.16 

0.16 

0,16 

Mid-Peak 

0.96 

0.96 

0.94 

0,96 

0.95 

On-Peak 

0.60 

0.60 

0.59 

0.60 

0.60 

Off-Peak . 

0.06 

0.06 

0.06 

0.06 

. 0.06 

Mid-Pe;lk 

2.74 

2.72 

2.67 

2.74 

2.71 

Customer Group 

Residential 
Commercial 

Indusmd 

Agriculture 

Street Lighting 

On-Peak 

15.86 

15.79 

15.46 

15.86 

15.69 



APPENDIX 9-A 

DERIVATION OF MARGINAL CAPACITY COSTS 
USING THE PEAK DEFERRAL AND GENERATION 

RESOURCE PLAN EXPANSION METHODS 

T h i s  appendix provides an example of the application of the peaker deferral - - 
method and the generation resource plan expansion method to calculating marginal 
capacity cost 

T h e  peaker deferral method is dcscritec~ in greater detail in Topic 1.3 of tho 
Elecmc Utility Rate Design Study, A- MarPlnalost-Rascd 

e I m m m  (National Economic Research 
Associates, February 21, 1977). This method begins with a forecast of the capital and 
operating costs of a peaker. 

Based on the capital and operating costs of a pcaker, a f u m  stream of annual 
revenue requirements is forecast over the expected life of the peaker and its future re- 
placements. Next, this s m  of annual revenue uirements is discounted to a single 
present-wonh value using the utility cost of c a p i z O  Next, the annual stream of reve- 
nue requirements is shifted foward assuming that construction of the peaker and its fu- 
rure replacements is defernd one year, and the msulting stream of revenue requirements 
is discounted to a single present-worth value. The difference between these two present- 
worth values is the deferral value -- the "cost" of operating a peaker for one year. Finally, 
this deferral value must be scaled upward to reflect that a peaker is not perfectly reliable, 
and may not always be available to meet peak demands. This can be done by comparing 
the reliability improvement provided by a "perfect" msoum (one that is always avail- 
able) to the reliability improvement provided by a peaker. This ratio, sometimes called a 
capacity response ratio (CRR), is then multiplied by the peaker deferral value to calculate 
marginal capacity cost. 

''Arguably, a raeptygr discount rate may be more appropriate than the utility's cost of capital. 
Due to he difficulty of developing a ntepayer discount fate. utility cast of capital is commonly employed 
for discounling. The cost of capital should be based on the cost of acquiring capital. This will gencr- 
ally differ from be  authorized rite of return, which reflects [he embedded cost of debt financing. 



A calculation of marginal capacity cost using the peak deferral method is illus- 
uated inTable 9A-1, based on the utility case study. The calculation starts with the in- 
stalled capital cost of a combustion turbine, including interconnection and appurtenant 
facilities and capitalized financing costs, of S614.PIIKW. 

TABLE 9A-1 

DEVELOPMENT OF MARGINAL PRODUCTION COST 
USING THE PEAKER DEFERRAL METHOD 

This initial capital investment (line 1) is then multiplied by an economic carrying 
charge of 10.07 percent to give the annual deferral value of the peaker (iine 2). The eco- 
nomic carrying charge is conceptually similar to the levelized carrying charge which is 
frequently used in evaluating utility investments. While a levelized carrying charge pro- 
duces costs which an level in nominal dollars over the life of an asser the economic car- 
rying charge produces costs which are level in inflation-adjusted dollars.'' The 
economic carrying charge is the product of three components. as s h o w  in the following 
equation: 

Economic carrying charge = revenue requirement present-worth factor 
x infinite series factor 
x deferral value factor 

The revenue requirement present-worth factor is calculated based on the initial 
capital investment as follows. A projection of annual revenue pcquircmenta associated 
with the $614.97/KW initial investment is made for the life of the investment. Included 

"The development of the economic carrying charge in this sstion ignores the effect of tshnologi- 
d obsolescence. The effect of incopomdng technological obsolescence would b; costs that decline over 
time (in inflation-adjus~d dollan) at the nte of technological obsolesceme (se Attachment C. 'An Eco- 
nomic Concept of Annual Costs of Long-Lived Assets" in Natiod Economic Rurarch Arsociates, op. ch .). 



requirement present-worth factor. 

in these annual nvcnue requirements are depreciation, leturn (using the cost of obtaining 
capital). income taxes, property taxes, and other items which may be attributed to 

capital investment. These annual revenue requirements an then discounted using the util- 

The next component in the economic carrying charge calculation increases the dis- 
counted revenue requirements to reflect the discounted value of subsequent replace- 
ments. The simplest approach is to use an inflnite series factor. Assuming that capital 
costs rise at an escalation rate i, that the utility cost of capital is r, and that peakers have a 
life of n years, the formula is as follows: 

I 

lnfmite Series Factor = * 

iry's cost of capital, producing a result perhaps 30 to 40 pexent above the initial capital 
cost depending largely on the utility's debt-equity ratio and applicable tax rates. The ra- 
tio of the discounted revenue requirements to the initial capital investment is the revenue 

The final component of the economic carrying charge is the defend value factor. 
If the construction of the peaker is deferred by one year, each annual revenue require- 
ment is discounted an additional year, but is increased due to escalation in the capital cost 
of the peaker and its replacements. The value of defemng construction of the peaker for 
one year is given by the difference between the discount rate and the inflation rate, ex- 
pressed in original year dollars, as follows: 

Deferral Value Factor = a 
1 +r 

The next step in the calculation of marginal capacity cost is to add annual expendi- 
tures such as operation and maintenance expenses (line 3), and the cost of maintaining a 
fuel inventory (line 4). Finally, the subtoral of these expenses (Tine 5) is multiplied by a 
capacity response ratio, accounting for the reliability of the peaker compared with a per- 
fect capacity resource, to give the marginal capacity cost (line 6). 

The pcakcr deferral method produces a measure of long-mn marginal cost. sincc 
it measures the cost of changing the utility's fixed assets in rrsponse to a change in de- 
mand, without taking into account a utility's existing capital investments. 

Using a probabilistic outage model, loss of load probability (See Appendix 9-B) 
can be used to adjust long-run marginal costs developed from a peaker deferral method to 
reflect shon-run marginal costs. This is accomplished by multiplying the marginal capac- 
ity cost from the peaker deferral method times the ratio of forecast LOW to the LOLP 
planning standard. This can be seen in the following example. If the LOLP planning 
standard is 0.0002, then a 10,000 KW increase in demand will, on average, result in an 
expected 2 KW being unserved. Since this is the planning standard, the value to consum- 
ers of avoiding these 2 KW being unserved is just equal to the cost of adding an addi- 



in demand will, on average, result in 1 KW being unservcd Adding an additional re- 
source would benefit consumers, but only an expected 1 KW of unsemed demand would 
be avoided. Thus, the benefit of avoiding the 1 KW of unserved load is one-half the cost 
of the additional resources necessary to serve this load. In this example, shorz-run mar- 
ginal capacity cost is one-half the long-run marginal capacity cost. 

T h e  generation resource plan expansion method is described in greater detail in 
f F F  , . (C. J. Cicchetti, 

W. J. Gillen, and Paul Smolensky, June 1976). This method begins with the utility's 
current least-cost resource plan, increments or decrements load in the "test year" by some 
amount, and revises the least-cost resource plan accordingly. The present-worth cost of 
the two resource plans, including both capital and fuel costs, ate compand, and the 
difference represents the marginal capacity cost for the chosen load increment. 

The generation resource plan expansion method can be illustrated using the utility 
case study. In this case study, the utility has adequate resources to s m e  loads and, in ad- 
dition, has surplus oil/gas units which arc expected to be refurbished and rctmcd to serv- 
ice to w e t  future load xequirements. If load were to increase above forecast, this would 
accelerate the refurbishment of these units. For example, if load increased 200 MW, the 
refurbishment and return to service of a 225 MW unit would be advanced one year. The 
cost of this refurbishment is about $30 million and would result in perhaps a 15-year life 
extension. For simplicity, the annual cost of accelerating the capacity requirement is 
computed using the same economic carrying charge approach as developed above for the 
deferral of a peaker as follows: I2 

Annual Cost ($/KW) = f&Ud cost) x (Economic Cl- 
(Load Increment) 

'?he economic carrying chvge is actually higher since the 15-year life extension is shorter than the 
expected 30-year life of the peaker. It would be more precise to identify the replacement capacity for the re- 
furnished unit in the resource plan when it is eventually retired after 15 years, and take into consideration 
the effect of accienting the unit's retum to service on this firrture replament 



I This annual cost should be reduced by the annual benefit of any fuel savings re- 
sulting from the accelerated return to service of the unit. However, a producrion cost 
model analysis shows that there are virtually no fuel savings from returning the unit to 
service, since its operating costs are about the same as for the oil/gas units already in serv- 
ice. 

In implementing this generation resource plan method, care must be taken to 
choose load increments that do not lead to lumpiness problems. If the load increment is 
small, there may not be an appreciable impact on the generation rtsource plan. On the 
other hand, a modest load change may be sufficient to tilt the scales toward a new gener- 
ating resource plan, overstating the effect of the load change in general. One approach to 
dealing with potential lumpiness problems is to investigate a series of successive load in- 
crements, and then take an average of the marginal capacity costs determined for the suc- 
cessive increments. 

Comparing this xsult with the ptaker deferral method, the utility's short-run mar- 
ginal capacity cost of $21/KW is about 26 percent of the long-run rnargina1,capacity cost 
of $ 8 0 N  associated with meeting the capacity requirements by adding new generating 
facilities. 



W APPENDIX 9-B 
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A SIMPLE EXAMPLE OF THE DEIRIVATION OF 
LOSS OF LOAD PROBABILITIES 

T h i s  appendix provides a simple example of how LOLP is developed and used 
to allocate marginal capacity costs to time periods. In the example shown in Table 9B-1, 
there are two time pcriods of equal length: an on-peak period w h m  load is 250 MW and 
an off-peak pcriod where load is 150 MW. The utility has four generating units totaling 
600 MW, with various forced outage rates. Table 9B-1 calculates the probability of each 
combination of the four units being available. For example, there is a 0.0004 probability 
that all of the units are out of service simultaneously. Similarly, there is a 0.0324 
probability that Units C and D an available (0.9 probability that each unit is available) 
while Units A and B are not available (0.1 probability that each unit is in a forced 
outage). Thus, there is a 0.0004 probability that the utility would be unable to serve any 
load. a 0.0076 probability that the utility would be unable to reme loads above 100 MW, 
a 0.0432 probability that the utility would be unable to service loads above 200 MW, and 
so forth. When load is 150 MW in the off-peak period, the utility will be unable to serve 
this load if all four units arc not available, if only Unit C is available, or if only Unit D is 
available. The probability of these events occurring is 0.0076. Similarly, the probability 
of being unable to serve the 250 MW load in the on-peak period is 0.0432. The overall 
LOLP is 0.0508, with 85 percent of this LOLP resulting from the on-peak period. Thus, 
85 percent of the marginal capacity costs are aliocatd to the on-peak period and 
15 percent to the off-peak period. 



TABLE 9B-1 
LOSS OF LOAD PROBABILITY EXAMPLE 

Resources: 
Expected Availability 

80% 
80% 
90% 
90% 

Size 
A: 200 MW 
B: 200 MW 
C: lO0MW 
D: lOOMW 

Cumulative 
Available Probability 

(.2)(.2)(. 1)(.1)=0.0004 0.0004 

Units 

None 

---- 

Forced 0utae;e Rate 
20% 
20% 
10% 
10% 

MW Available 

0 

85 % 
15% 

0.0432 
0.9076 
0.0508 

b 

On-Peak 
Off-Peak 

250 MW 
150 MW 



Y CHAPTER 10 

MARGINAL TRANSMISSION, DISTRIBU'LION AND 
CUSTOMER COSTS 

I n  conrrast to marginal production costing methodology, analysts have devoted 
little attention to developing rncthodologies for costing marginal transmission, 
distribution and customer costs. An early evaluation noted: "... the determination of 
marginal costs for these functions, and especially disaibution and customer costs, is 
much more difficult and less precise than for power supply, and it is not clear that the 
benefits are sufficient to justify the effon"' The referenced study, thercforc, used 
average cmbcddd costs, because they were both more familiar to ratemakers and 
analysts. and a reasonable approximation to the marginal costs. It is still common for 
analysts to use some variation of a projected embedded methodology for these dements, 
rather than a strictly marginal approach. While marginal cost concepts have been applied 
to transmission and disaibution for the purpose of investigating wheeling rates, little of 
this analysis has found its way into the cost studies performed for retail ratemaking. The 
basic research into marginal costing methodologies for transmission, distribution and 
customer costs for retail rates was done in connection with the 1979- 198 1 NARUC 
Elecmc Utility Rate Design Study and most current work and testimony still refer back 
to those results. 

I. TRANSMISSION 

T h e r e  are several basic approaches to the calculation of the marginal cost of 
transmission. However, the fust s&p in any approach is the definition of the study 
period. Transmission investments arc "lumpy" in that they usually occur in large 
amounts at intervals. Therefore, it is important to select a study horizon that is long 
enough to reflect the relationship between investments and load growth. To the extent 
that investments arc related to load growth occumng outside the study period or there is 

'J. W. Wilson. Report for be R h d e  Island Division of Public Utilities. Public Utilities Cornrnis- 
sion and Governor's Energy Office (1978): pp. B-27-8. 



a significant change in the level of system reliability, the analyst may wish to adjust tho 
calculation of the load growth to identify the investment more closely with the load it is 
intended to serve. Given the desirability of a fairly long study period, analysts will typi- 
cally select the utility's entire planning period augmented by historical data to the extent 
that the analyst bclieves that the historical relationships will continue to obtain in the fu- 
ture. 

For purposes of a marginal cost study, investment in the transmission system is 
generally assumed to be driven by increments in system peak load. As the transmission 
system was actually constructed for a variety of reasons, the second step in the calcula- 
tion of the marginal cost of transmission is to identify and eliminate those invesrm~nts 
that are not related to load growth. The non-demand related aansrnission investments 
can be categorized as: 

1. Those related to remote siting of generation units (which are costed as pan: of 
the generation cost). 

2. Those related to system interconnections and pool rcquirernents (whose bene- 
fits are manifested in reduced reserve requirements and, therefore, are again 
costed with generation). 

3. Those associated with large loads of individuals (which are therefore charged 
to the particular customer concerned). 

4. Replacement of existing facilities without adding capacity to serve additional 
load (assuming that the economic c-ng charge formula incorporates an in- 
finite series factor). 

Costs that remain should be related only to system load growth or to maintenance of sys- 
tem reliability, 

A. Gas- 

T h m  are two basic approaches to estimating marginal transmission costs, and 
they begin to diverge at this step in their methodology. The first approach is the 
Projected Embedded Analysts of which there are two variations: the Functional 
Sub~acuon approach, which relates total mansmission investment additions to load 
growth, and the Engineering approach, which relates individual facilities (line miles, 
transformers, etc.) to load growth. The second methodology is thc System Planning 
approach, which uses a base case/decrement analysis. 



1. Projected Embedded Analyses 

A s  the namc suggests, Projected Embedded Analyses are often based on a 
simple projection of past costs and practices into the future. A disadvantage of this 
approach is that it may fail to capture important technological and business related 
developments and therefore result in the over or underestimation of marginal capacity 
cost 

0 Functional Subtraction Approach 

T h e  Functional Subtraction approach requirts data in the form of annual load 
related investments in transmission and load growth for the same period. The period to 
be analyzed includes the transmission planner's planning period plus whatever historical 
period he believes appropriate. Transmission cost data must be sufficiently specific to 
enable the analyst to differentiate load growth relami transmission expenditures from 
those more properly associated with either generation or a specific customer. Having 
chosen the study period and identified the load related investments in transmission by 
voltage level, the analyst perfoms the analysis in real dollars. This is done by 
converting the historical nominal data to currtnt money values by applying either the 
Handy-Whitman plant costs indices or, if available, an inflation index particular to the 
utility. Projected investments are converted to red dollars by removing the inflation 
factor used by the planner in his computations. 

The third step is to relate the real transmission investments to a measure of load 
growth at each voltage level, weather normalized if possible, stated in kilowatts. Non-co- 
incident peak demand on the mnsmission system is the correct measure of load growth. 
However, given the system's intcgratd nature, for most purposes non-coincident peak de- 
mand on the transmission system is the same as the total system coincident peak. 

The relationship between investment and load growth ($/KW) is usually obtained 
by simply dividing the sum of. investments for the period by the growth in peak load. 
There have been some attempts at regressing annual investments against load growth, us- 
ing the equation Transmission Costs = a + b (peak demand), but the R ~ ' S  have been disap- 
pointingly low. However, given the assumption that transmission invtstments are 
"lumpy" and that one particular year's investment is not specifically related to that year's 
load growth, the lack of comelation should not be surprising. The best regression results 
are achieved by using least squares and regressing cumulative incremental investment 
against cumulative incremental load. Thus, the fust year observation is the fust year 
value of incremental investment and load, the second year observation is the sum of the 



first year and the second year values, the third year is the sum of the values for the first 
three years, and so o n  See Table 10- 1. 

TABLE 10-1 
Computation of Marginal Demand Cost dlhmmirsion 

Thmmissiort-Rehted Additions to Plant 
Per Added Kilowatt of Transmis~iion System Peak Demand 

lFunctional Subtraction Apprclach) 

(1) (2) (3) (4) 
Growth Related Cumulative Growth In Cumulative 

Year Net Addition Net Addifim System Peak System Peak 

Actual 

1976 44.1 44.1 888 888 

1977 33.8 78 166 1054 

40 118 750 1804 1978 
467 30 147.9 227 1 1979 

36.4 184.3 148 2419 1980 

1981 30.6 214.9 808 3227 

1982 134.2 349.1 (5383 2689 

62.7 41 1.8 295 2984 1983 
42.5 454.3 1685 4669 1984 

1985 148.3 602.6 (579) 4090 
- 

Projected 
v 

188.6 791.2 21 4111 1986 
71.4 8626 302 4413 1987 

178.5 1041 446 4859 ' 1988 
1989 83.6 1124.7 406 5265 

1990 128.7 1250.4 407 5672 
# 

Total: I 1250.4 5672 

Simplified Approach 

Marginal Transmission Investment Corn = Column 1 ToWColumn 3 
Total = %220.45/KW 

Regression Approach 

Marginal Transmission Investment Costs = 949.401KW 

Y =  A+B*X 
Where Y is cumulative demand-dated net additions to plant 

X is cumulative additions to coincident peak demand 



The fourth step is to convert the per kilowatt invcsaent cost into an annualized 
transmission capacity cost by multiplying the former by a carying charge rate. There are 
two forms in common use, the economic carrying charge and the standard annuity for- 
mula During a period of zero infiation the two methods produce the same results, but 
during inflationary periods only the former takes due account of the impact of inflation 
on the value of plant assets. 2 

Since the addition of msmission capacity occasions increased operation and 
maintenance expenses, the marginal O&M costs arr calculated and added to the annual- 
ized transmission capacity costs. The expense per KW is usually found to be fairly con- 
stant and either the cumnt year's expense or the average of the $ K W  in cumnt dollars 
over the historical portion of thc study period is considered to be a good approximation 
of the marginal transmission operation and maintenance expense. The analyst takes the 
data from the FERC Form I, again being careful to include only those costs related to 
load growth. For cxarnplc, he may exclude rents or that portion of expenses related to 
load dispatching associated with generation trade-offs. Total transmission O&M cx- 
penses in cumnt dollan an divided by system peak demand, and averaged if multiple 
years have been used. The resul~ either for the single cumnt year or the average of sev- 
eral years. is then added to the annualized transmission capacity cost to obtain the total 
transmission marginal cost Alternatively, 0&M expenses can be regressed on load 
growth or transmission investments, in which case the O&M adjustment appears as a mul- 
tiplier to the capacity cost rather than an adder. 

The final step is to adjust the results for transmission's share of indirect costs in- 
cluding the marginal effect on general plant and woridng capital. See Table 10-2. 

TABLE 10-2 
Computation of Marginal Demand Costs of l'kansmission 

(1988 $1 

2 ~ e e  Appendix 9-A for the &rivation of the economic carrying charge. 

Description 
Transmission Investment per KW 

Change in Load (from Table 10-1) 
Annual Costs (* 10.9%) 

, Dtmand Related O&M Expense 
Genewl Plant Loading 
Working Capid 

Total Annual Cost of Transmission 
Loss Adiusanent (1.033) 

Cost Per KW ($1 . 
249.40 

27.18 
4.52 
1.05 
0.48 'I 

33.23 
34.33 I 



L i k e  Functional Subtraction, the Engineering approach also relater changes in 
transmission investment to changes in system peak load. Howevcr, it first relates the ad- 
dition of specific facilities (he miles, transformers, ttc.) to growth in load over the cho- 
sen study period, and then computes the unit costs of each facility to derive the 
investment for transmission per added kilowatt of demand. The method has the advan- 
tage of more readily identifying those facilities added for the purpose of serving added 
load (and thereby excluding non-load related investment). It may be more difficult to ap- 
ply, however, as it requires detailed records and distinctions that may come more easily 
to the utility company planner than to thc outside obsmcr. 

2. The System Planning Approach 

I 

T h e  System Planning approach is more nearly related to the marginal costing 
methodologies for generation than is the Projected Embedded approach. As such, it may 
be helpful to review what is meant by marginal capacity cost. The marginal cost of 
transmission or distribution capacip can be defined as the present worth of all costs, 
present and future, as they would be with a demand increment (decrement), less what 
they would be without the increment (decrement). This definition of marginal cost can 
be represented by a time-stream of discounted annual difference costs stretching to 
infinity. The stream of investments from this approach would bc annualized by using an 
economic carrying charge. 

Once the study period is selected, the analyst identifies the load growth related fa- 
cilities that wwe or will be added each year at tach voltage level. By either regression 

Alternatively, the marginal capacity cost can be interpreted as the cost to the util- 
ity of bringing forward (delaying) by one year its future investments, including the 
stream of replacement investments', to meet the demand increment (decrement). Mathe- 

analysis or simple averages, the addition of facilities is related to the growth in coincident 

I - system peak. The result is expressed in line milts, aansformers, etc. per added KW and 

b 
monetized by applying a cost figure for each facility in rcal dollars. As with Functional 
Su btraction, the investment per added demand i s  annualized by a levelized carrying 
charge, or, more properly, an economic carrying charge (consistent with calculations for 
the other capacity components) and added to the associated annual operation and mainte- 
nance costs. The costs per KW for each facility art then totaled at each voltage level and 
adjusted for indirect costs. 



matically, this interpretation results in annual charges equal to the economic carrying 
charge on the marginal investments. 

In order to simplify the calculation of marginal capacity cost it is common for the 
stream of differcnct costs to be truncated after a set number of years, usually the utility's 
planning period or the average economic life of the investments. However, if the period 
chosen isfoo short, truncation can result in scrious underestimation of marginal capacity 
cost In terms of the second definition this would be equivalent to neglecting thc impact - 

of the inmment (decrement) on more distant investments. Truncating a component of 
the economic carrying charge as discussed in Appendix P A  will mitigate some of those 
effects. 

The System Planning approach is an application of the first incremental/dem- 
mental definition of marginal capacity cost and therefore the analyst should take care not 
to base his calculations on an unreasonably short planning horizon. 

In contrast to the projected embedded studies for transmission cost, which may 
use some historical data, the study period for the system approach is forward-looking. 
As with the other methodologies, the relevant costs arc those rtlated to changes in load, 
and coincident system peak is the basic cost causation factor. The data required is thus 
the planner's base case of expected load growth and transmission investments, plus an in- 
cremental (decrernental) case for the same period. 

Planned transmission costs, investment and expenses, are identified and the mar- 
ginal cost quantified by developing a differential time series of expenditure-s over the 
planning horizon using an increment or decrement to system peak load. A base case ex- 
pansion plan is developed using the forecasted load over the future planning horizon. In- 
vestments are separated by voltage level where the utility has customers who take service 
directly from the high voltage lines. Those investments associated with load growth are 
identified and the total annual revenue requirements (including expense items) are de- 
rived in real or nominal dollars for each year at each voltage level. 

The system planner is then asked to assume an increase or decrease h the coinci- 
dent peak load and redesign transmission expenditures, still maintaining system reliabil- 
ity and continuing to meet the system planning mittria, and repeat the costing procedure, 
Thus, the marginal transmission capacity cost is the change in total costs associated with 
changes to budgeted transmission expenditures between the planner's bast case and his 
incremental (decrernental) case. The dollar stream representing the difference between 
the two cases is present worthed, aggregated and then annualiztd over the costing hori- 
zon. The resultant annualized figure is then divided by the amount of the increment (dec- 
rement) to obtain a $/KW marginal cost for transmission for tach voltage level. The size 



of the increment (decrement) may vary according to the sizc of the utility and will cer- 
tainly affect the result A 50 MW change is often chosen as the smallest (most marginal) 
change that can be assumtd and produce measurable differentiated cases. 

0 Loss Adjustment 

i 

Electric utility transmission and distribution system are not capable of deliver- 
ing to customers a l l  of the electricity produced at the generation bus bar. The difference 
between the amount of electricity generated and the amount actually delivered to custom- 
ers is called "losses". 

3. Adjustments 

Losses can be broadly classified as copper losses, core losses and dielectric 
losses. They an caused, respectively, by the production of heat, the establishment of 
magnetic fields and the Icakage of cment. The first of these varies in proportion to the 
square of the current and is therefore included under marginal energy costs. The latter 
two are fixed losses associated with specific quipmtnt and therefore covered by mar- 
ginal capacity costs. 

Marginal capacity loss factors are applied to marginal capacity-related costs per 
kilowatt. Thesc factors account for the fact that when a customer demands an additional 
kilowatt at the meter, more than a kilowatt of distribution, transmission and generation ca- 
pacity must be added. 

0 Energy Adjustment 

While most analysts assume that transmission is c~usally related to system 
peak and therefore is totally demand related, it has been argued, particularly in the 
literature concerning wheeling rates, hat  msrnission embodies an energy component as 
well. For very small changes in load, transmission and generation are substitutes: 
additional generation can overcome the line losses in the transmission system, or exua 
!ra,nsmission capacity can, by reducing losses, substitute for added generation. Thus, 
conceptually, it is proper to net out the energy savings from the m g h a l  investment cost 
of transmission, leaving the residual to be demand related. There is no accepted 
methodology for quantifying this adjustment One approach is to obtain a caiculation of 
the energy loss/potcntial savings in $/period by multiplying the cost of 1 KW for each 
costing period times the energy loss in that period. Summing across the pepcriods 



produces, in total dollars per kilowatt-ycar, the avoidable loss/potendal savings. As 
some of this loss occurs at the generation level, it is appropriate to net out the pomon of 
energy loss due to generation. The remainder is net energy savings in $/KW year 
amibutablc to increased mnsmission capaciq that can then be capitalized into a $/KW 
computation. 

T h e  attribution of marginal demand-related costs by time of use rcflccts the 
system planner's response to the goal of maintaining a target level of reliability in the 
generation, wnsmission and dismbution components of the system Thus. as the load 
varies according to time periods, so does the need to add capacity to maintain reliability. 
System planners evaluate generation. transmission and distribution components 
separately for their reliability, and ideally the transmission capacity cost responsibility 
would reflect the planner's sensitivity to such factors as the likelihood of weather related 
service disruptions. For costing purposes, however, most analysts use the same 
methodologies, and often the same attribution factors. for aansmission as they do for 
generation. The masoning is that in general the load characteristics of the transmission 
system arc identical to those of the generation system, both being driven by the system 
coincident peak. Therefore. it is not considered necessary to perform pansmission 
specific load studies as the results of such studies should not differ significantly from 
those of the generation load studies. To the extent that the transmission and gencration 
load characteristics do differ, the methodology discussed under "Distribution" can be 
employed. 

The methods employed, include attributing the costs uniformly across the peak 
period, or by means of transmission =liability indicies or loss of load probability 
(LOLP). However, where the LOLP data are heavily influenced by seasonal generation 
availability (e.g.. hydro facilities) or generation maintenance schedules. the generation 
LOLP factors are not a good measure of the need to add transmission capacity. 

None of the generation-tied allocation methods recognize the seasonal variation 
in the capability of transmission facilities. Transmission facilities have a lower carrying 
capability when ambient temperatures are high (i.e.. summer). Therefore, winter peaking 
utilities and summer peaking utilities with significant winter peaks need some method for 
adjusting seasonal assignment factors if they are going to rely on gencration related cost- 
ing aliocators for transmission. 



T h e  major issue in establishing the marginal cost of the d is~budon system is 
the determination of what portion of the costs, if any, should be classified as customer 
related rather than demand and energy related. The issue is a carry-over of the 
unresolved argument in embedded cost studies with the added query of whether the 
dismbution costs usually identified as customer related are, in fact, marginal. 

Most analysts agree that distribution equipment that is uniquely dedicated to indi- 
vidual customers or specific customer classes can be classified as customer rather than de- 
mand related. Customcr premises equipment (meters and service drops) are generally 
functionalizcd as customer rather than distribution costs and, in reality, this is the only 
equipment that is directly assignable for all customers, even the arnallest'ones. Beyond 
the customers' premises, however, there are distribution costs that may be c l a s s 5 d  as 
customer related. For example, some jurisdictions classify line transformers as customer- 
related often using a proxy based on average load as the allocation factor when this equip- 
ment is not uniquely dedicated to individual customers. In addition, for very large 
customers, more than merely meters, services, and transformers are directly assignable. 
Some have entire substations dedicated to them. As noted above in 'Transmission," dis- 
tribution costs of equipment dedicated to individual customers can be directly assigned to 
them, thus reducing the common distribution costs assigned to the remainder of the class. 

The major debate over the classification of the distribution system, however, con- 
cerns the jointly used equipment rather than the dedicated equipment- At the margin, 
there is symmetry between the cost of adding one customer and the cost avoided when 
losing one customer. A number of analysts have argued. and commissions have accepted. 
that the customer component of the distribution system should only include those fea- 
tures of the secondary distribution system located on the customer's own property. Por- 
tions of the distribution system that serve more than one customer cannot be avoided 
should one customer cancel .service. Similarly, if the customer component of the mar- 
ginal disrribution cost is described as the cost of adding a customer, but no energy flows 
to the system, there is no reason to add to the distribution lines that serve customers col- 
lectively or to increase the optimal investment in the lines that arc carrying the combined 
load of all customers. Therefore, the marginal customer cost of the jointly used dismbu- 
tion system is zero. 

Those analysts who believe that there is a significant customer component to the 
marginal cost of the jointly used of the distribution system argue that the distribu- 
tion system is causally related to increases in both the number of customers and the kilo- 



watts of demand. (They may also note that distribution c o s l  are influenced by the con- 
centration of such non-demand. non-customer factors as load, geogaphic terrain, cli- 
matic conditions and local zoning ordinances. However, no analyst has attempted to 
introduce and quantify thest elements in a marginal cost of service study and absent area- 
specific rates depending on density and distance from load centers, there is no reason to 
do so.) Because of the non-interconnectd character of the distribution system, the rele- 
vant demand parameter is non-coincident peak, preferably measured at the individual sub- 
station or even at lower voltages, rather than the system peak used for generation and 
transmission. This reflects the fact that each portion of the distribution network must be 
planned to serve the maximum load occurring on it and the utility's investment reflects 
the need to provide capacity to each separate load center. As some customers receive 
semice directly from the primary dismbution system, calculations must be performed 
separately for the different voltage levels. 

The measured relationship for each voltage level is expressed by the equation: 

Total Distribution Cost = a + b x demand on distribution + c x customers 

The statistical difficulty with this equation is that the demand is highly correlated with 
the number of customers (multicollinearity) and that therefore it is not possible to iden- 
tify the separate marginal effects of changes in demand and customers on cost. The pro- 
posed estimation techniques resolve the statistical dilemma by computing the customer 
responsibility separately and then relating the residual cost to load growth. To the extent 
that the distribution system is sized in part to reduce energy losses, an energy component 
must also be netted out of marginal cost in order to obtain the dtmand component. 

The two most common approaches to calculate the customer related component 
in marginal as well as embedded studies are the zero intercept method and the minimum 
grid calculation. The zero intercept method re-defines the original equation to read: 

Total Distribution Cost = a + b x demand on distribution 

It solves the multicollinearity problem by eliminating the customer variable under the hy- 
pothesis that the constant "a" will then represent the non-variable, non-demand related 
portion of the costs, or the distribution facilities required when demand is zero. The 
method has been accused of "solving" the problem of multicoUinearity by rnis-specifying 
the equation. Statistically, removing a correlated variable (customers) from thc equation 
will result in transferring some of the responsibility of the omitted variable to the coeffi- 
cient of the remaining variable (demand). Application of the technique does not necessar- 
ily lead to results that make economic sense: negative constant terms are not uncommon. 
The approach is somewhat more successful when uscd to analyze cross-sectional data 
where the correlation is weaker or when applied to individual items of distribution equip- 
ment. 



The minimum grid approach re-designs the dismbution system to determine the 
cost in current year dollars of a hypothetical system that would serve dl customers with 
voltage but not power (or with minimum demand of 0.5 KW), yet still satisfy the mini- 
mum standards for pole height and efficient conductor and transformer size. The calcula- 
tions can be based either on the system as a whole or on a sample of areas reflecting 
different geographical, service and customer density characteristics. 

When applying this approach, it is necessary to take can that the minimum size 
equipment being a n a l y d  is, in fact, the minimum-sized equipment available, and not 
merely the minimum size stocked by or usually installed by the company. To the degree 
that the equipment being costed is larger than a true minimum, the minimum grid calcula- 
tion will include costs more properly allocated to demand. 

Figure 10-1 illustrates the results of the minimum grid approach for the marginal 
customer-related cost for a typical residential customer of the sample utility. In column 1 
(Customer Specific Equipment) only line transformers, service and meters are functional- 
ized to the customer category while all other distribution equipment is functionalized to 
the demand category. In column 2 (Minimum Distribution Method) all distribution equip- 
ment is first estimated at minimum size and functionalized as customer-related. The addi- 
tional cost of equipment, sized to meet actual expected loads is functionalized as 
demand-related. For comparison, column 3 reflects the reconstruction cost for the as- 
built system. In the sample company, the minimum grid approach to determining the 
marginal customer-related cost of connecting an average customer produces a customer 
charge equal to 43 percent of costs of the distribution system (14 percent plus 29 percent) 
compared to the charge resulting from the dkmative T-S-M approach, i.e., resaicted to 
meter, service, line aansformer and associated costs, which is only 28 percent of the dis- 
tribution system costs. 

The margin4 demand related distribution costs are calculated in a manner similar 
to the marginal demand related mnsrnission costs. The major differences are that, if con- 
sidered appropriate, the marginal customer costs must be removed from the total costs in- 
curred during the study period, and that the relevant load growth is non-coincident peak. 

Removal of customer costs can be done in two ways. The cost of the minimum 
grid can be divided by the number of customers served to obtain a cost per customer to 
be included in the customer charge. The cost per customer at each voltage level can be 
multiplied by the number of customers added at each voltage level during the study pe- 
riod, and the sum subtracted from the total distribution investment in current year dollars. 
This residual is then considered the demand (or demand and energy) component of the 
marginal cost Alternatively, the marginal customer costs can be removed by using a fac- 
tor based on the ratio of investment in the minimum distribution grid to the investment in  



Figure 10-1 
DIFFERING VIEWS OF THE 

a Allocated by Number d Customers 0 Allocated by Kilowatt Load 



the total distribution system, calculated over the historical period. In the example, the 
customer elated portion of the dismbution system is 43 percent leaving a demand related 
ponion of 57 percenr See Table 10-3, Column k foomote. 

Table 10-3A 
Demand Related Marginal Costs of Distribution 

Minrnum Grid Methodology 

When Y i s  cumulative danmd-ml*ted ncl 
additions to plmt urd X i s  cmnul~ive 
addi~ions to dislribution kvel pcJr dttl'i~nd. 

Marginal demand cosu of distribulion = 5159.13 

(a) fmm study wo-rs 
(b) from study workpapen 
(c )  a + b  
(d) from study workpaperr: rod rcplaccrnrnu (mpl.) ponion of Lines mdT-M-S 
(c) c - d 
(0 fmrn stduy workpapem 
(g) from study workpaperr 
Ch) c + f + g  
(i) Handy Whitman index 
(j) h D i  
(L) j l 9% (43% m m  = l a d  dtr iv~d frmn Lhe average m i 0  of h e  mininum diitribution system msl to mu1 distribution systcm 

msls dmlated in study workppen). 
(1) aunula~cs k 
(m) curnulaws peak Lad additions in study workpspcrr 



TABLE 10-3B 
Demand Related Mar~nal Cost of Distribution 

Customer spedfic lZ?uiprnent Methodology 

Regression Results: Y = A + B * X 

Where Y is cumulative demand-related net 
additions to plant and x is cumulative 
additions to distribution level peak demand 

Marginal demand costs of distribution = 5203.54 

(a) from study worLppers 
@) from study workppers 
(c) a - b 
(d) from study workpa~rs 
(e) from study worhpipers 
(f) c + d + e  
(g) Handy Whitrnan Index 
( h ) f * g  
( i )  cumulative h 
(j) cumulative peak Load additions in study workpapers 



The functional subuaction method in which it is possible to remove all non-dc- 
mand related costs including the minimum grid, provides thc most saaightfonuard calcu- 
lation. An analyst who employs the engineering method would have to determine 
inhvidually for each facility which portion of the facility or the investment was incurred 
to seme customers and what proportion was incumd to serve demand. In both cases. the 
capacity costs are annualized and adjusted for operation and maintenance costs and for in- 
direct costs. Absent special operation and maintenance studies, it is reasonable to divide 
O&M costs betwccn customer and demand components on the assumption that they are 
proportional m the split in the distribution investment Again. as in the transmission cal- 
culation. funher adjustments can also be made to account for the losses and the energy 
component of the dismbution cost using the methods outlined above. See Table 10-4. 

BLE 1U-4 
Demand Related Marginal Cost of Distribution 

Minimum Grid vs. Customer Specific Equipment Methodologies 
(1988 $1 

Loss Adjustment (1.107%) 30.63 41,27 1 

Dismbution Investment per KW change in 
Load (From Tables 10-3A & 10-3B) 
Annual Cost (* 13.08%) 
Demand Related O&M Expenst 
G e n d  Plant Loading 
work in^ Capital 
Tow1 Annual Costs of Dismbution/KW 

To calculate the marginal demand related distribution cost for a particular 
customer class, the analyst needs to determine. using available load data, the increase in 
peak demand on the distribution system due to a 1 KW increase in the maximum demand 
of the class. The peak demand on the distribution system is r e f e c d  to as the 
non-coincident peak demand. 

Customer Specific 
Equipment $ per KW I)eseription 

Unfortunately, most load research studies have tended to focus on the structure of 
class demands at the generation and at the customer levels and, therefore. very little is 
known about the demands on the mid-stream components of thc transmission and distri- 

Minimum Grid 
S per K W  

159.13 

20.82 
5.69 
0.80 
0.37 

27.67 

203.54 

26.62 
9.17 
1.02 
0.47 

37.28 



bution systems. Consequently, analysts have r e s o d  to various simplifying assump- 
tions in order to determine transmission and dismbution system non-coincident peaks. 
For power systems which depend for the most part on their own resources, it is often as- 
sumed that the class composition of the transmission system non-coincident peak de- 
mand is identical to the composition of the coincident pcak demand at the generation 
level. This assumption may need to be amended for power systems with important inter- 
connections with other systems. 

Unlikc the transmission system, however, secondary distribution system are de- 
signed to meet load growth in pamcular localities. This means, of course, that the non- 
coincident peak on any portion of the secondary system reflects the combined load of the 
customers served from it Because of zoning and land use regulations, load on any par- 
ticular pomon of the secondary system will generally be dominated by either residential 
or commercial customers. (Industrial customers art more likely to be served directly 
from the primary distribution system.) This suggests that a close rtlationship exists be- 
tween an increase in the maximum demand of the residential or commercial class and the 
increase in the secondary non-coincident peak (LC., coincident factor close to unity) for 
any particular locality, Where customer ciasses s c m d  from the s e c o n d ~ d i s ~ b u d y -  
system are m i x ~ d m d s - 1 0 - b e - m d e d - t o  - .. fake.account -- - .. . - .- - of . the diversity be- - .. . . +/- 

tween the classes. As-the residential class far out-numbers the commercial class on most 
systems, the secondary distribution system as a whole will be primarily responsive to resi- 
dential loads. 

Logically, the class demand at the time of pcak on the primary distribution system 
must lie between the previously determined transmission and secondary distribution class 
demands and it is common to take the statistical averagc of the two demands. 

M o s t  analysts assume that the customer related marginal distribution costs do 
not vary by season or by time of day. 

The method adopted to attribute marginal demand nlated disrribu'tion costs de- 
pends on the load characteristics of the distribution network. When distribution system 
components experience maximum demand during the peak costing period identified in 
the generation analysis, the allocation methods cmployed for generation (uniform alloca- 
tion across peak period, probability of exccss demand, loss of load probability), and 
sometimes simply the generation allocation factors thcmstlves, can be used to attribute 
dismbution costs to time periods. As noted above in the discussion on the allocation of 
transmission costs, if the generation allocators are used it may be necessary to adjust for 
the effect of the ambient temperature on line capacity and, therefore, on the seasonal allo- 



cation of costs. Load research at the distribution substation transformer levcl has in&- 
catcd in a number of jurisdictions, however, that different segments of the distribution 
network peak at different times in the day and year, and are not closely related to the sys- 
tem peak. Those jurisdictions may find it more appropriate to adopt an equal allocation 
of distribution capacity costs or to allocate costs based on either the propomons of the 
number of substations that peak during the individual costing periods, or by relating the 
amount of distribution investment to the timing of the peak demand where the invesunenr 
was made. 

Margina l  customer cosu in the funcdonallzatron . , step of a marginal cost of 
service study are generally identified as those facilities and services that are specific to 
individual customers. These costs include the costs of the service drops. the costs of 
meters and metering and the customer accounts expenses. Thcse costs are assumed to 
vary solely according to thc number of customers on the utility's system, and are, 
therefore, classified 100 percent customer related as well. Jointly used facilities such as 
line transformers and interconnecting secondary conductors that have been 
functionalized as distribution costs and that the analyst may have classified as customer 
related, have been discussed above in the "Distribution" section. 

M o s t  analysts assume that in cumnt dollars there is little incremental change 
in the cost of customer related facilities and expenses. Since customer related facilities 
are added in small increments and exhibit little technological change, the effects of 
vintaging and technological change, which normally distinguish marginal and embedded 
costs, are reduced. Thus, while it would be possible to calculate over some planning 
horizon the change in customer related cost in constant dollars against the expected 
change in the number of customers, the analyst would not expect the resulting marginal 
cost to differ significantly from the average embedded cost. Therefore, most marginal 
cost studies adopt a form of embedded analysis to calculate the total investment cost 
which is then amortized using an economic carrying charge. 

If the minimum grid methodology is used, the customer related investment cost 
is that calculated in the distribution portion of the study. Otherwise, the cost of meters 
and service drop investment is analyted separately by the type of metering installation or 
by customer load class by determining the characteristics of the service required. While 
it  would be possible to identify separate demand and customer components of meter 



costs assuming that the more complex metering can be identified with higher levels of de- 
mand, all metering costs are usually charged on a per customer basis and. therefore. there 
is no reason to distinguish between the two components. Annual costs of each type of 
equipment are calculated by multiplying the installed cost by an annual canying charge. 
and adding a factor to reflect operation and maintenance expenses. 

Customer accounts (meter reading and billing), service and informational ex- 
penses are usually analyzed over a recent historical period, with the expenses converted 
to current year dollars. The customers in each customer class are weighted based on an 
embedded study of costs per customer or on discussions with company personnel. The 
customer expenses are allocated to each load class based on the weighted number of cus- 
tomers. See Tables 10-5A and 10-5B. 

B. of Costs to T i  

W h i l e  a case could be made that there an seasonal variations to such customer 
accounts as meter reading and customer information, the data is typically not analyzed on 
a monthly basis and there is no attempt at seasonal differentiation in the cost studies. 

Table 10-5A 
Customer Related Marginal Costs - Minimum 

Agriculntral 

1763.M 

230.60 

40.00 

8.88 

3.92 

79.00 

362.40 

Wc~ghrcd Avenge 147.79 224.61 3599.08 362.40 

k Sub.T 
RsidmtiPl IaduarlPl 

RLmvf 
Commed 

GS*P CS.1 

8290.00 

1084.33 

189.M) 

41.75 

18.43 

886.m 

2219.51 

GSM 

Customcr RclnlH1 
Investment Cost 

Annualized Cost 

Customer ?clued 
O&M 

Gcncml Plant 
Lording 

Wohg Cap~ul 

Customer Amount 
Expenses 

Tohl Customer 
Maqlnal Cost 

2723.00 

356.17 

6200 

13.71 

6.05 

4200 

1 

479.93 

2416.00 

316.01 

55.00 

12.17 

5.37 

42.00 

43055 

759.00 

99.28 

17.m 

3.82 

1.69 

26.00 

147.79 

8701.00 

1138.09 

198.00 

43.82 

19.35 

886.00 

228526 

755.00 

98.75 

17.00 

3.80 

1.68 

4100  

163.23 

2026200 

2650.27 

462-M) 

102.04 

45.05 

886.00 

4145.36 



Table 1&5B 
Customer Related Marginal Costs - Customer Specific 
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A g r i a r b l  

2861.61 

374.30 

64.93 

1.09 
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6.36 

79.00 

- 
540.09 

W0.09 
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8473.46 

1108.33 

192.82 

5.45 
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18.84 

886.00 

uEQ.11 

2970.3 1 

Sub-T 

8473.46 

1108.33 

193.18 
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18.84 

886.00 

225843 

$H 

14716.85 

1924.96 

335.56 

1254 

74.11 

32.72 

886.00 

3265.90 
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5209.66 

681 42 

118.60 
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881.33 

C m u l ~ r c h l  
GS2 

2Mn.113 

262.62 
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1.68 

10.11 

,Laadmg-------- 

4.46 

42.00 

366.60 

285.75 

GS-1 

47637 

962.31 

10.73 - 

0.47 

2 40 

1.W 

42.00 

118.97 

Cufiancr Rehed 
InvmRII  COE( 

h n r m w  Cost 

Cwtancr Related 
OQM-Same X as MG 

Cudancr Jnstnll 
Equlpnd 

G c n d  Plan! 

Working Capllal 

Custaner A c c m  

=v 

Total Custma 
M a r p d  Cost 

Wclghtcd Avenge 
Ckss MC 

R d c o i i r l  

309.09 

4043 

6.92 

0.46 

1 .% 

0.69 

26.00 

76.05 
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1997 MARGINAL COST STUDY 

1.0 Introduction 

In Order No. P.U. 7 (1996-1997), the Board ordered Newfoundland Power to conduct a 

( study to evaluate a t e  designs based upon marginal cost, time-of-use design principles and other 

innovative rate options. This Appendix describes in detail the calculation of marginal costs for 

1 the study. 

The calculation of marginal costs for an electric utility is complex. The methods are well 

described in the NARUC Electric Utility Cost Allocation Manual (January, 1992, Section Ill). In 

general, we have followed the methods described in the NARUC cost allocation manual except 

for distribution costs. An excerpt from the NARUC manual is attached as Appendix B of the 

study. The method used for distribution is based on a recent marginal cost methodology put 

forward by the National Energy Research Associates ("NERA") and described in Section 7, l .  

2.0 Marginal Cost for the Island Interconnected System. 

The marginal costs are summarized in Table 1, which shows the estimated system 

marginal energy, demand, and customer costs for the years 1997 through 2005. We have 

assumed that the marginal cost for Newfoundland Power is the sum of Newfoundland Power's 

marginal costs and the marginal costs on the portion of Newfoundland and Labrador Hydro's 

("Hydro's") system that is required to service Newfoundland Power. The details of the 

calculation of each component of the marginal cost is discussed in the following sections. 
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Table 1 

Island Interconnected System 
Newfoundland Power's Marginal Costs 

3.0 Difficulties Determining the Marginal Cost 

Year 

1997 

1998 

1999 

2000 

2001 

2002 

2003 

2004 

12005 

3.1 Difficulties Determining the Marginal Generation Cost 

Newfoundland Power currently purchases most of its power from Hydro. Therefore we 

must rely on Hydro to supply most of the data on the marginal costs of the generation system. 

Since Hydro was unable to participate in this study, their production costing model and system 

expansion plans could not be used. 

N/A - Not Available. 

Short Run Marginal 
Energy Cost 

On-Peak 

(C/kWh) 

4.24 

4.25 

4.32 

4.47 

4.62 

4.20 

4.38 

4.62 

4.84 

Long-Run 
Marginal 

Customer Cost 

($/Weighted Cust) 

330 

336 

342 

350 

358 

366 

375 

3 84 

394 

Long-Run Marginal Demand Cost On-Peak 

Off-Peak 

(CkWh) 

4.03 

4.04 

4.1 1 

4.25 

4.39 

3.99 

4.16 

4.39 

4.60 

NP 
Transmission 

($kW-yr) 

1.1 

1.1 

1.1 

1.1 

3.2 

3.3 

3.3 

3.4 

3.5 

Distribution 
Primary 

$/kW-yr) 

2.4 

2.4 

2.5 

2.5 

6.5 

6.7 

7.9 

7 .O 

7.2 

Generation 
Capacity 

($/kw-~r)' 

Nl A 

NIA 

NIA 

N/A 

90.2 

92.5 

94.8 

97.2 

99.8 

Distribution 
Secondary 

($/kW-yr) 

2.0 

2.0 

2.0 

2.1 

2.1 

2.2 

2.3 

2.3 

2.4 

Hydro 
Transmission 

($/kW-yr) 

14.1 

14.4 

14.6 

15.0 

15.3 

15.7 

16.1 

16.5 

16.9 
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Without expansion plan analysis, the most acceptable means to calculate marginal 

capacity costs is the peaker deferral method. Newfoundland Power used an estimate of capital 

and operating costs for future combustion turbines provided by Hydro. 

I 
Without production costing analysis, estimating future short run marginal costs is more m difficult. Fortunately, the current generation system in Newfoundland is relatively simple. The 

Island Interconnected System in Newfoundland consists of numerous hydraulic generating 

( facilities, Hydro's Holyrood thermal generating plant (4'Holymad") and r number of combustion 

turbine and diesel generators. To meet the system's energy requirements, existing hydraulic 

generation plants are hilly utilized, with Nolyrood making up the remaining load requirements. 

Peaking units (i.e., combustion turbines and diesel plants) are only used when forced outages 

limit the availability of other plants. Modelling this simple arrangement can be done without 

) production costing software. We modeled Holyrood as the marginal generation for all times 

during the year, except when a forced outage requires a combustion turbine to operate. (See 

I Recent forecasts indicate the need for additional generation as early as the year 2001, 

even without the additional load of the Voisey Bay Nickel srnelterlrefsnery. Depending on how 

( the system expands and what new units are added, the method used in this study will become less 

exact. If large amounts of independent power become available, calculating the avoided 

( generation costs will become more difficult because the characteristics of independent power are 

often unique to the supplier, and independent power is often cheaper than conventional 

( alternatives. 

We expect that the marginal generation capacity costs obtained in this study will err on 

the high side, because they do not properly account for the large amounts of independent power 

( that may become ar l l ab le  in addition, Hydro is currently looking at its own options, which 

I may be cost less than combustion turbines when fuel savings are taken into account. 
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3.2 Difficulties Determining the Marginal Transmission and Distribution Cost 

Without Hydro's direct participation, the estimation of the future costs of Hydro's 

transmission system is difficult. To assist in the development of marginal costs for Hydro's 

transmission system, Hydro provided historic costs which were used to determine historical 

marginal costs. We assumed the historical marginal costs will apply in the future. 

There were also difficulties in assessing the marginal costs of Newfoundland Power's 

transmission and distribution system. The problem arises because the growth in demand has 

decreased rapidly in the last five to ten years, and spare capacity has built up in the system. We 

had originally hoped to use both historical and budget data to predict future marginal costs. 

However, analysis of the historical data resulted in marginal costs that are not comparable to the 

marginal cost derived from the current five year budget. The use of the historical numbers would 

have severely overstated the long-run marginal costs of demand on the transmission system 

between now and the year 2005. (See Schedule 1). As a result, we have limited our analysis to 

the four year projection in capital additions contained in the Company's capital budget forecast. 

The results reveal that the marginal costs of transmission and distribution are expected to be 

quite low during the next four years. Beyond the next four years, a review of long range plans 

indicates only a slight increase in marginal costs. Therefore, given current growth trends 

projected load over the next ten years can be accommodated at relatively low cost. 

Most of the difficulties associated with calculating marginal costs for the Island 

Interconnected System are related to estimates of long-run marginal costs beyond the turn of the 

century. We feel that any reflection in rates of long-run marginal costs beyond the year 2000 

should be approached with caution. 

4.0 Marginal Generation Cost 

There are three components to the marginal generating costs shown in Table 1: the short 

run marginal energy cost on-peak, the short-run marginal energy cost off-peak, and the long-run 
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marginal demand cost on-peak. The long-run marginal demand cost off-peak is assumed to be 

zero. 

The marginal cost of off-peak energy was taken to be Holyrood's operating costs since 

Holyrood is on the margin almost all hours of the year, except when gas turbines are operating. 

There is a significantly greater chance that gas turbines will operate during on-peak periods. We 

have therefore assigned their costs to the on-peak period. Although gas turbines operate at less 

than a 1% capacity factor annually on the system, we have assumed that 5% of the on-peak hours 

will be served by gas turbines. The weighted on-peak energy cost has been increased to account 

for this. 

The details of the marginal energy cost calculation are shown in Schedules 4 and 5 

attached. They yield a 1997 short-run marginal energy cost of 4,03 cents1kWh off-peak and 4.24 

cents/kWh on-peak. These values are escalated each year using a forecast of the GDP deflator 

for Canada and the forecast of oil prices to produce the projection in Table 1. Both of these 

forecasts were provided by the Conference Board of Canada and are shown in Schedule 21. 

The on-peak long-run marginal generation demand-related costs shown in Table 1 have 

been calculated for the years in which a capacity shortfall is forecasted, which is currently 

estimated to be in 2001 and beyond. While capacity additions are not required for the years prior 

to 2001, there is clearly some value to capacity in those years, because there is always a 

possibility of losing load due to capacity being forced out of service. In the past, Newfoundland 

Power has used the National Energy Research Associates (NERA) probabilistic methods, which 

attempt to capture this effect. However, the Loss of Load Probability (LOLP) data used for its 

application has proven to be unstable. As a result, an estimate of the value of generation capacity 

for 1997 to 2000 is not available. To develop marginal cost-based rates,-we need to assign a 

generation capacity cost for 1997. We have assumed that the value of generation capacity in 

1997 is the full cost of deferring a gas turbine for a year ($83.l/kW in 1997 doIlars). 
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The analysis ignores the effect of the Voisey Bay Nickel (VBN) smelter and refinery for 

the following reasons. First, we don't currently know what generation will be added to the 

system to serve the VBN load. Second, the Provincial Government has stated that VBN will be 

responsible for any incremental cost of serving their load, which means the addition of the VBN 

load should not materially affect the marginal costs. 

5.0 Hydro's Marginal Transmission Cost 

Hydro provides sufficient capacity in their transmission system to meet the requirements 

of Newfoundland Power. Hydro's transmission system has components common to all of their 

customers, and components specifically assigned to Newfoundland Power. The marginal cost of 

Hydro's transmission system is assigned to the on-peak period. 

The total of the marginal cost estimates for these two components is shown in Table 1. 

The calculation of these marginal costs is shown in Schedule 6. 

6.0 Newfoundland Power's Marginal Transmission Cost 

The marginal cost of Newfoundland Power's transmission system, shown in Table 1, is 

composed of transmission line costs and a portion of substation costs. These components are built 

to meet peak demands and are classified as on-peak demand costs. These costs are based upon an 

analysis of the demand-related expenditures in the capital budgeting system for the next 4 years 

divided by the forecast increases in demand. Newfoundland Power has used a historical approach 

to these estimates in the past, but during the last 10 years load growth has dropped off 

significantly. This high growth in the past caused the transmission system to have surplus 

capacity for a considerable period into the future. The .historical marginal transmission demand- 

related costs are therefore significantly higher ($3.9/kW-yr) than the forward-looking estimates 

($0.3/kW-yr). (See Schedule 1). The projection of the costs in 2001 shows an increase in 

marginal costs as spare capacity within substations is utilized. (See Table 1). 
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t The calculation of the marginal cost associated with transmission lines and substations is 

shown in Schedules 7 and 8 respectively. Approximately one third of the substation costs were 

allocated to the transmission system to obtain the total shown in Table 1 for 1997. Schedules 7 

) and 8 show the derivation of both the lustorical and fonuard~looking costs. 

) 7.0 Newfoundland Power's Marginal Distribution Cost 

The distribution system costs shown in Table 1 include both customer-related and 

demand-related marginal costs. Distribution costs are composed of substations, primary and 

secondary feeders, transformers, service drops, and meters and customer service costs. The costs 

in Table 1 for the primary system include the demand-related costs of the primary feeders, and 

approximately two thirds of the substation marginal costs. The marginal costs for the secondary 

system include the demand-related cost of the secondary feeders and the transformer costs. The 

estimates for each component must be done separately, since there are different percentages of 

b each component associated with increases in number of customers versus increases in demand. 

The demand versus customer splits for each component are shown in Schedule 2. 

There are two significant changes in the way Newfoundland Power has historically 

( calculated distribution system marginal costs. The first change is in the percentage of costs 

assigned to the demand function. For purposes of the marginal cost study, the minimum 

( distribution system study was not deemed to be appropriate. Instead a methodology used by the 

National Energy Research Associates ("NERA") based on the concept of a "facilities charge" 

( was used. The methodology used in this study is described in Section 7.1. 

I The second significant change is the use of a forward-looking, rather than a historic, 

analysis of marginal distribution costs for the same reason cited in the discussion of Newfoundland 

1 Power's marginal transmission costs. Schedule 1 shows that marginal distribution system costs 

drop dramatically for the forward-looking method compared to the historic method. Because I significant expenditures are not expected lo be needed on the distribution system before 2005, we 
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have used the new lower numbers. The primary demand-related costs shown in Table 1 for the 

year 2001 show an increase in marginal costs as spare capacity within substations is utilized. 

The detailed calculations for the various distribution system costs are shown in Schedules 

9 through 14. 

7.1 Distribution Marginal Cost Methodology 

The division of distribution costs between customer-, and demand-related classes has 

been much debated. It is generally conceded that services, meters, meter reading, and billing 

costs are customer-related (i-e., the costs vary directly with the number of customers in the 

system). As for the remaining distribution facilities, opinion is divided. As described in the 

NARUC manual excerpt, in Appendix B, the traditional approaches for determining the 

customer-related portion attempts to define some type of minimum system. In Newfoundland 

Power's embedded cost of service studies, the customer costs are estimated using a minimum 

system approach with the remainder of the distribution system classified as demand-related. 

To deal with the demand/customer allocation issue on a marginal cost basis, the reasons 

for additions (as opposed to replacements) to the system must be examined. Three factors 

determine the additions required for the distribution system: 

1. the number of new customers, 

2 the design load of the new customers, and 

3. the growth in peak demands which occur from year to year. 

The addition of a customer requires a meter, a service drop and certain additional 

customer costs such as meter reading and billing. These costs are considered fixed costs and are 

not related to future changes in a customer's consumption. Consequently, these costs are 

allocated 100% to customer costs. 
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A new customer's design load determines the size of transformers, secondary feeders and 

primary extensions. Typically design loads are estimated conservatively, and provide for a 

certain degree of excess capacity. Variations in a customer's demand will require minimal 

changes to the capacity of transformers, secondaries and primary extensions, Therefore, most of 

the costs associated with transformers, secondaries and primary extensions are considered fixed, 

and not related to future changes in customer demand. These fixed costs give rise to a facilities 

charge that is related to the customers' design load. 

If practical, marginal cost studies should incorporate this facilities charge. A lack of 

information on design loads and actual costs by customer type prevented us from developing a 

facilities charge related to design loads. Fixed costs should not be included with costs that vary 

with customer usage. Therefore, the fixed costs associated with design loads were combined 

with the fixed customer costs to produce an overall fixed customer cost component of the 

marginal cost. 

We identified the costs associated with primary extensions, secondary feeders and 

transformer additions. A survey of Newfoundland Power's regional engineering staff indicated 

that 90% of these costs are related to new customers, and 10% are related to increases in the 

ongoing demand of existing customers. Therefore, we split the costs 10% to growth in the 

demands of existing customers, and 90% to new customers (and their design loads). 

The change in demand on the distribution system from year to year gives rise to trunk 

feeder additions, (i.e., new feeders are added, conductor is upgraded to higher capacity), and 

occasionally upgrading of secondaries and transformers for capacity. These costs are considered 

variable demand costs and are allocated 100% to demand. 

8.0 Marginal Costs Required For Rate Design 

The rate designs in the study are based on current estimates of marginal cost. The 

marginal costs used for rate design are the 1997 costs shown in Table 1. As discussed in Section 
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t 2, the long-run marginal demand-related costs for generation are assumed to be $83.1 /kW in 

1997 dollars. Before the marginal costs shown in Table 1 can be used for rate design, the costs 

must be adjusted to reflect the costs to service different types of customer, and increased to 

I account for system losses. 

I Table 2 shows the marginal cost by type of customer. The losses built into these costs 

I are shown in Schedule 15. 

I Table 2 
Marginal Cost By Customer Type 

Transmission 
Customer 

4.42 
4.16 

4.33 
4.16 

103.2 

- 
- 
- 

2,858 
1,90 1 

Primary 
Customer 

4.55 
4.24 

4.45 
4.23 

110.0 

- 
- 
- 

2,611 
3,007 

Category 

Energy Cost 
On-Peak (GkWh) 
Off-Peak (C/kWh) 

Winter ( WkWh) 
Summer ($/kwh) 

Demand Cost 
On-Peak ($/kW-yr) 

Customer Cost 
Domestic ($/yr) 
Rate 2.1 ($/yr) 
Rate 2.2 ($/yr) 
Rate 2.3 ($/yr) 
Rate 2.4 ($/yr) 

Secondary 
Customer 

4.67 
4.32 

4.55 
4.3 1 

115.5 

330 
364 
636 

2,508 
7,939 



NIA = Not Available 
* - Marginal Costs are based on current cost estimates and are not based on either historic or future expenditures. 

I 
NEWFOUNDLAND POWER Schedule 1 

1997 MARGINAL COST STUDY 

COMPARISON OF MARGINAL COST ESTIMATFS BASED ON HISTORIC AND FUTURE COSTS 

Customer Related 
Marsinal Costs 

Future Kstonc 
Cosrs Costs 

SIWCUST SWCUST 

46.2 45 -4 
44.5 47.f 

114.6 92.2 
57.0 66.1 
10.3 10.2 
NIA 57.: 

Short Run Mar_einal 
Energy Related Costs 

On-Peak Off-Peak 
Cosls Costs 

centstkwh centskWh 

4.24 4.03 

Long Run Marginal 
Demand Related Costs 

On-Peak 
Future Historic 
Costs Costs 
$kW $IkW 

83.1 83.1 

N/ A 7.5 
NIA 3.5 

NIA 
NIA 3 -2 
0.3 3.9 
2.2 16.5 

0.9 20.8 
0.4 2.5 
1.6 2.5 

I 
I 

System Component 

' Generation " * 

Transmission 

1 

I 

Terminal Stations 
Hydro Specifically Assign 

Transmission 
Terminal Stations 

NP Transmission 
NP Substation 
NP Distribution 

Primary Feeders 
' Secondary Feeders 

Transformers 
Services 
Meters * 
Customer Related Expenses 



NEWFOUNDLAND POWER Schedule 1 

1997 MARGINAL COST STUDY 

ALLOCATION FACTORS 

PrirnarylSecondary Functionalizatian Splits 

Marginal Cost 

Distribution Trunk Feeder Budget 
Demand Identified Items 
Customer Identified Items 

Distribution Extension 

I Marginal Investment 

Primary Secondary Source 

100% 0% Assumption 
80% 20% Based on Embedded Rural Urban Splir Analysis 

45% 55% From Analysis of the Breakdown Codes for 
Distribution Extensions Capital Expenditures 

Transmission/Distribption Functionalkittion Splits 
Transmission Distribution Source 

I Substation Costs 33.8% 66.2% From Embedded Substation Plant Allocation 

I 
pemandlCustomer Classification Splits 

Marginal Cost 

Substations 

Distribution 
Trunk Feeder Growth Related Additions 

I Primary Extensions 

I Secondary Extensions 

- 

Transformers 

I Services 

i 
Meters 

Customer (Total O&M Costs) 

Demand Customer Source 

100% 0% 

100% 0% 

Based on Itemized review of costs 

10% 90% Based on Survey of Engineering Staff 

10% 90% Based on Survey of Engineering Staff 

10% 90% Based on Survey of Engineering Staff 

0% 100% 

0% 100% 

0% 100% 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 3 

2001 MARGINAL DEMAND RELATED COSTS ASSOCIATED WITH COMBUSTION TURBINES 

Estimated Year of Next Generation Capacity ~hortfall' 2001 

ESTIMATED LONG RUN MARGINAL COSTS~ 

- Marginal Investment per kW of System Peak (19979 
(Includes A & G loading & Overheads) 

- Annualization factor related to capital investment 

- Annualized Costs4 

- Capacity Related O M  (1997%) 

- Total Capacity Costs related to Demand 

- Availability  actor' 

Long Run Marginal Demand Related Cost for Generation (1997s) 

Escalation to 2001 

LONG RUN hlAREINAL GENERATION CAPACITY COST (2001$) 

NOTES: 
1 - Based on latest forecast from Hydro that does not include VBN, January 1996. 
2 - Applicable for years in which a capacity shortfall is identified. 
3 - Based on an estimate from Hydro grossed up for escalation and IDC. 
4 - Annualization Factor is developed on Schedule 17. 
5 - Based on estimate from Hydro. 
6 - Supplied by Hydro 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

ON-PEAK SHORT RUN MARGINAL ENERGY COSTS 

Schedule 4 

ESTIMATE OF MARGINAL ENERGY COSTS ASSOCLATED WITH HOLYROOD UNITS 1-3. 

Fuel Costs 

Fuel Forecast (A) 22.1 $IBBL' 

Holyrood Efficiency (B) 605 ~ W ~ I B B L '  
Marginal Fuel Cost (AA3*100) 3.65 centslkWh 

Variable OBrM 

Marginal O & M ~  0.38 centstkwh 0.38 centskWh 

Total Marginal Energy Costs Associated With Holyrood 4.03 centstkwh 

ESTIMATE OF MARGINAL ENERGY COSTS ASSOCIATED WITH GAS TURBINES 

Fuel Costs 

Fuel Forecast (A) 
Gas Turbine Efficiency (B) 
Marginal Fuel Cost (A5) 

Variable 08rM 

Marginal 0&hI6 0.59 centskWh 0.59 centskWb 

Total Marginal Energy Costs Associated With Gas Turbines 8.25 centskWb 

WEIGH'IED TOTAL MARGINAL ENERGY COSTS FOR THE ISLAND INTERCONNECTED SYSTEM 

Marginal Holyrood Energy 
Marginal Gas Turbine Energy 

Weightings Weighted Totals 
4.03 95% 3.83 centstkwh 
8.25 5% 0.41 centskWh 

Total Weighted Marginal Energy Costs 4.24 centskWh 

1 - Estimated price for residual oil purchased for Holyrood supplied by Conference ~ o & d  of 
Canada (See Schedule 21). Actual costs have been fluctuating significantly. 

2 - Supplied by Newfoundland Hydro. 
3 - SuppIied By Newfoundland Hydro. 
4 - Estimated price for diesel fuel shown in Schedule 21. 
5 - Supplied By Newfoundland Hydro. 
6 - Estimated By Newfoundland Power. 



NEWFOUNDLAND POWER Schedule 5 
1997 MARGINAL COST STUDY 

OFF-PEAK SHORT RUN MARGINAL ENERGY COSTS 

ESTIMATE OF MARGINAL ENERGY COSTS ASSOCIATED WITH HOLYROOD UNITS 1-3. 

Fuel Costs 

Fuel Forecast (A) 
Holyrood Efficiency (B) 
Marginal Fuel Cost (A/BS 100) 

Variable O&M 

Marginal O&M' 0.38 centstkwh 

Total Marginal Energy Costs Associated With Holyrood 

ESTIMATE OF MARGINAL ENERGY COSTS ASSOCIATED WITH GAS TURBINES 

Fuel Costs 

Fuel Forecast (A) 
Gas Turbine Efficiency (B) . 

Marginal Fuel Cost (Am) 

Variable O&M 

Marginal O&M' 0.59 centslkWh 0.59 cents/kWh 

Total Marginal Energy Costs Associated With Gas Turbines 8.25 cents/kWh 

WEIGHTED TOTAL MARGINAL ENERGY COSTS FOR THE ISLAND INTERCONNECTED SYSTEM 

Marginal Holyrood Energy 
Marginal Gas Turbine Energy 

Weightings Weighted Totals 
4.03 100% 4.03 centsfkWh 
8.25 0% - centslkWh 

Total Weighted Marginal Energy Costs 4.03 centslkwh 

1 - Estimated price for residual oil purchased for Holyrood supplied by Conference Board of 
Canada (See Schedule 21). Actual costs have been fluctuating significantly. 

2 - Supplied by Newfoundland Hydro. 
3 - Supplied By Newfoundland Hydro. 
4 - Estimated price for diesel fuel shown in Schedule 21. 
5 - f upplied By Newfoundland Hydro. 
6 - Estimated By Newfoundland Power. 



NEwFOUhPLkhrn POWER 
1997 MGRGIh' AL COST XLDY 

MARGIKAL COSTS FOR h"H's COMMOS TEWNSMISSIOK SPflEM 
Based on Historical 6 s l s  (AU Costs X $1,000) 

ear lnvesrmenlr hcalau InvesUnmlr Escalat~on Invesmts 

I MARGINAL COST OF DEMAND ON NLH's COMMON SYSEM 

Marginal Cost of Gpitd Additions to Transmission on NLITs Common Systun 

Total Growth Investments (1987 to 1996) (19975): $15,860 (X 51,000) 
Growth (for ten years) 194 M W  
Macginal Ime.stmmt 82 SkW 
~nnualization Factor' 7.12% 
Marginal Demand Cost 5.83 ykW 

Marginal Opffating Cost with Transmission on NJATs C o m m  System 

Marpal Investment (1997s) 
O&M ~ercenmge' 
Marginal Demand Cost 

I Sublolpl for Common Transmission Lines 

Marginal Cost of Capital Additiom to T e d  SIaLions on NLH's Common System 

Total Growth Investrnentg (1987 to 1996) (19975): 57.317 (X $1,000) 
Growth (for ten years) 194 MW 
Marginal Invescmnt 38 SIkW 
Annualuatlon Fador' 7.20% 
Marginal Demand Cost 2.72 W W  2.72 YkW 

Marginal Opaaung Cost associated wirhTermina1 Slarions an NLRs Common System 

Marginal Investment (1997%) 
O&M Percentage 
Marginal Demand Cost 

I Subtotal for Common Terminal Stations 

TOTAL MARGINAL COSTS ASSOCIATED WITH NLH's COMMON SYSEM 

NOTES: 
1 - The capital expenditura relaed lo growth were supplied by NLH. 
2 - Escalation Index taken from Statistiu Canada Utility Construction Price I n d i a .  
3 - Actual Peaks, Growth Trend is based on regression analysis of acrual peaks. It ir used to estimated the g~owth implied in the 

peak demands. 
4 - Annualization Factor derived on Schedule 17. 
5 - O&M Estimated at 2% of InvestnwL 



hTEWFOrnrnLAND POWER 
1997 MARGINAL COST SI'UD'I' 

MARGINAL COSTS FOR NLH's SYS'EM THAT 1S SPECKFICQLLY ASSIGhm TO hP 
Based on Historical Costs (AU CosU X $1.000) 

ear I n v a W t s  Jnvemnzn1~ h&on 

I MARGINAL COST OF DEMAND ON NLH's COMMON SYSTEM 

Marglnal Cost of Capital Additrow to Ttarurnisslon on W s  Cormnan System 

B - Total Growthlnves~mnts (1987 to 1996) (19975): $0 (X%l.ooo) 
Growth (fa wl years) 195 hl'W 
Margmal Inv-t - SlkW 
Annualuatlon h2t0f4  7.12% 
Marginal Demand Cost 0.0 ykW 0.0 Slkw 

Marginal &mating Cost associated with Transmission on NLHs Common System 

M a r 4  lnvatmcnt (19975) 
O&M ~crcentage' 
Marginal Demahd Cost 

Subtoial for Specifically Arsigned Tnnsdss ion  Lines 0.0 skw 

Marginal Cost of Cqnlal A d d i t i ~ ~  to Temsinal Stationr on NLRs Common System 

Total Growth InvmtmnU (1987 to 1996) (19975): S6,708 (X $1,000) 
Growth (for tm yean) 195 MW 
Marginal Investment 34 $ikW 
Annualizatim  actor' 7.20% 
Marginal Demand Cost 23 WkW 25 SlkW 

Marginal Operating Cost associated with Terminal S!atiations on NLHs Comnwn Systcrn 

I Marpal  hvesmrent (19975) 34 SkW 
O&M Percentage 200% 
Marginal Demand Cost 0.7 S/kW 

I Subtotal for Specifically Assigned Terminal Stations 

TOTAL MARGINAL COSTS ASSOCIATED WITH NLH's COMMON SYSTEM 

NOTES: 
1 - The capital expenditures related to gowth w a e  supplied by NLH. 
2 - Wation  Index taken from Statistics Canada Utility ChutructionRice bdices. 
3 - Actual Peaks, Groulh Trend is bawd on regression analysis of actual pedcs. It k used to & i d  the growth implied in the 

peak dcrnands. 
4 - Annualizarion Factor &rived on Schedule 17. 
5 - O M  &timaled at 2% of Investrxnt 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 7 
Page 1 of 2 

MARGINAL COSTS FOR NP's TRANSMISSION SYSTEM 
Based on Future Costs (All Costs X $1,000) 

[ MARGINAL COST OF NP's TRANSMISSION LINES 

Marginal Transmission Investments 
Total Total 

Growth Growth 
Year ~nvestments' €scalation2 Investments 

Current$ to 1997 1997s 

FORECAST 
1996 
1997 240 1 .OOO 240 
1998 0.990 
1999 0.980 
2000 0.97 1 

TOTALS 240 

a Total Growth Investments 1987 to 1996 (1997$) 
b Growth (For 10 Years) 
c Marginal Investment 
d Increm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

NP 
System 
Peak Increase In 

 erna and) Peak Load 
MW MW 

1 -067.6 
1,086.0 18.4 
1,100.3 14.3 
1.1 19.1 18.8 
1,136.9 17.8 

Growth Trend 17.2 

f Total Marginal Investment Cost 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

I Annualized Cost of Capital Additions 

i Marginal O&M Expense ((cid) X 0.7%) 
j A & G Expense Loading Factor 

k Total Demand Related O&M Expense 

Working Capital 

I Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1.7%) 

I o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 

I p Total Demand Related Working Capital 

OTAL MARGINAL COSTS ASSOCIATED WITH TRANSMISSION 

NOTES: 
II 

I - From a review of the five year capital forecast, November 1996. 

I 
2 - Escalation based on 0% labour escalations and 2% material escalation for 

an average of 1 .O%. 
3 - Taken from the Energy Supply Forecast. October 1996. 



NEWFOUNDUND POWER 
1997 MARGINAL COST STUDY 

Schedule 7 
Page 2 of 2 

MARGINAL COSTS FOR NP's TRANSMISSION SYSTEM 
Based on Historical Costs (All Costs X $1,000) 

I '  MARGINAL COST OF NP's TRANSMISSION LINES 

a Total Growth Investments 1987 to 1996 (1997%) 

b b Growth (For 10 Years) 
c Marginal Investment 
d Increm. Capitalized Gen. Expense (c X 9.62) 

I 
e General Plant Loading (c X 125%) 

f Total Marginal Investment Cost 

g Annuabtion Factor 
h Plant Related Gen. Exp. Loading 

Annualized Cost of Capital Additions 

i Marginal O&M Expense ((c-+d) X 0.7%) 
j A & G Expense Loading Factor 

k Total Demand Related O&M Expense 

Working Capital 

1 Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1 .'I%) 

o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 

p Total Demand Related Working Capital 

TOTAL MARGINAL COSTS ASSOCIATED WITH TRANSMISSION 

NOTES: 
1 - From Detailed Work Order Review. 
2 - Escalation Index taken from Statistics Canada's Utility Consuuction Price Indices. 
3 - Actual Historical Peak Demand for Newfoundland Power. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

MARGINAL COSTS FOR NP's SUBSTATIONS 
Based on Future Costs (All Costs X $1,000) 

Schedule S 

Page 1 of 2 

MARGINAL COST OF SUBSTATIONS 

Marglnal Substation Investments 
Total Total 

Growth Growth 
Year ~nvestments' ~scalation* Investments 

Currents to 1997 1997$ 

FORECAST 
1997 122 1.00 122 
1998 138 0.99 137 
1999 0.98 
2000 887 0.97 86 1 

TOTALS 1.120 

i 

a Growth Investments (1 997$) 
b Growth (For 4 Years) 
c Marginal Investment 
d Increm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

NP 
System 
Peak Increase In 

~ e m a n d j  Peak Load 
MW MW 

1,067.6 
1,086.0 18.4 
1,100.3 14.3 
1.1 19.1 18.8 
1,136.9 17.8 

Growth Trend 17.2 

f Total Marginal Investment Cost 19.67 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

Annualized Cost of Capital Additions 1.8 $kW 

i Marginal O&M Expense ((c+d) X 1.76%) 
j A & G Expense Loading Factor 

k Total Demand Related O&M Expense 0.40 $ k W  

Working Capital 

1 Materials and Supplies (f X 0.46%) 
rn prepaymenis (f X 0.28%) 
n Cash Working Capital Allow. (k O&M X 1.7%) 
o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 

p Total Demand Related Working Capital 

TOTAL MARGINAL COSTS ASSOCIATED WITH SUBSTATIONS 

NOTES : 
1 - From a revlew of the Five Year Capital Forecast, November 1996. 
2 - Escalation based on 0% Labour Escalations and 2% Material Escalation for 

an average of 1.0%. 
3 - Taken from the Energy Supply Forecast, October 1996. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

MARGINAL COSTS FOR NP's SUBSTATIONS 
Based on Historical Costs (All Costs X $1,000) 

Schedule 8 
Page 2 of 1 

MARGINAL COST OF SUBSTATIONS 

a Growth Investments (1997$) 
b Growth (For 10 Years) 
c Marginal Investment 
d Incrcm. Capitalized Gen. Expense (c X 9.6%) 
c General Plant Loading (c X 12.5%) 

f Total Marginal Investment Cost 131.5 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

Annualized Cost of Capital Additions 12.3 $/kW 

i Marginal O&M Expense ((c+d) X 1.76%) 2.1 $/kW 
j A & G Expense Loading Factor 1.30 

k Total Demand Related O&M Expense 4.07 $IkW 

Working Capital 

1 Materials and Supplies (f X 0.46%) 
m Repayments (f X 0.28%) 
n Cash Working Capital Allow. (lc X 1.7%) 

o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 0.14 

Total Demand Related Working Capital 0.14 $kW 

TOTAL MARGLNAL COSTS ASSOCLATED WITW SUBSTATIONS 16.5 $/kW 

NOTES: 
1 - From Detailed Work Order Review. 
2 - Escalation hdex  taken from Statistics Canada's Utility Consh-uction Price Indices. 
3 - Actual Historical Peak Demand for Newfoundland Power. 



Schedule 9 
Pare I of 2 

NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

MARGINAL COSTS ASSOCIATED WITH PRIMARY 
Based on Future Costs (All Costs X $1,000) 

Average Incremrr 

MARGINAL COSTS ASSOCIATED WITH NP'S DISTRIBUTION PRLMARY 

Demand Customer 
R e l a d  Relatcd 

I a Growth Invesunents (1 9973) 501 (X51,oOO) 1,903 (X $1.000) 
b Growth (For 4 Years) 69 MW 5.327 WCUST 
c Marginal lnvtsunent 7.29 $ikW 357 W C U S T  
d Increm. Capitalized Gen. Expense (c X 9.6%) 0.58 SAW 28.6 SlWCUST 

I - e General Plant Loading I c  X 12.5%) 0.91 $/kW 44.7 WCUST 

f Total Marginal Investment Cost 8.79 ykW 430.4 yWCUST 

g Annuaiization Factor 9.09% 9.09% 
h Plant Related Gen. Exp. Loading 0.27% 0.27% 

Annualized Cost of Capital Additions 

i Marginal O&M Expense ((=+dl X 1.09%) 
j A & G Expense Lnading Factor 

k Tolnl Marginal O&M Expense 0.11 $/kW 5.5 W C U S T  

Working Capital 

I 1 Materials and Supplies (f X 0.46%) 
rn Repayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1.7%) 

0.04 VkW 1.98 SlwCUST 
0.02 $/kW 1.21 SIWCUST 
0.00 $lkW 0.09 W C U S T  

I o Revenue Rcq'd for Working Capital ((l+m+n) X 13.02%) 0.01 $/kW 0.43 W C U S T  

p Total Marginal Working Capital 0.01 y k W  0.4 WCUST 

) TOTAL MARGINAL COST 0.94 $kW 46.2 WCUST 

Notes: I - Total Pnrnary investment and allocation between Demand and Customer is determined in Schedule 16. 

I 2 - Escalation based on 0% Labour Escalations and 2% Material Escalation for an average of 1.0%. 
3 -Taken from the Energy Supply Forecast October 19%. 
4 - A simple linear regression is used to determine the growth trend within the peak demands. 
5 - Weighted Customers based on forecast of cus~omcrs and the weighting factors shown in Schedule 22. 

I 



Total 
Primary 

fear investment' 

NEWFOUNDLANDPOWER 
1997 MARGINAL COST STUDY 

hURGtNAL COSTS ASSOCZATED W T H  PRIMARY 
Based on Historical Costs (All Costs X $1.000) 

Allocated to Allocated to 
r Escalaion Customer 

1 S2.852 Growth trend 3.6 3.101 

MARGINAL COSTS ASSOCIATED WITH NP'S DISTRIBUTION PRIMARY 

Demand Customer 
Related Related 

I a Growth Inves~ments (19975) 2,852 (X %l,OOO) 3,101 '(x $1,000) 
b Growth (For 5 Years) 18 MW 8,956 WCUST 
c Marginal Investment 159 $/kW 346 W C U S T  

I d Increm. Capitalized Gen  Expense (c X 9.6%) 15.2 5/kW 33.2 SNCUST 
e General Plant Loading (C X 12.5%) 19.8 SlkW 43.3 W C U S T  

f Tdal Marginal Investment Cost 

b g Annualization Factor 
h Piant Related Gen. Exp. Loading 

I Annualized Cost of Capital Additions 18.1 S/kW 39.6 $/WCUST 

i Marginal O&M Expense ((c+d) X 1.09%) 
j A & G Expense Loading Factor 

k Total Marginal O%M Expense 

I Working Capital 

1 Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 

I n Cash Working Capital Mow.  (k X 1.7%) 

o Revenue Req'd for Working Capital ((l+m+n) X 13.02V0) 

I Total Marginal Working Capital 

TOTAL MARGINAL COST 

0.89 SkW 1.94 W C U S T  
0.54 SIkW 1.18 WCUST 
0.04 %/kW 0.09 W C U S T  

0.19 $/kW 0.42 W C U S T  

I Notes: 1 - Primary Investment and allocaiion between Demand and Customer is determined in Schedule 16. 
2 - Escalation Index taken from Statistics Canada's Utility Construction Price Indices. 
3 - Actual Historical Peaks for Newfoundland Power. 

I 
4 - Weighted Customers based on actual number of customers and the weighting factors s h o w  in Schedule 22. 

Schedule 9 
Page 2 of 2 

Average Incnasc 
Weighted In 

~ustorners~ Customer: 
WCUST WCUST 

185.461 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 10 
Page I of 1 

MARGINAL COSTS ASSOCIATED WITH SECONDARY FEEDERS 
Based on Future Costr (All Costs X $1,000) 

- 
MARGINAL COSTS ASSOCLATED WITH NP'S DISTRIBUTION SECONDARY FEEDERS 

Current$ Current5 1997% MW MW Current$ 19975 WCUST WCUST 

1,068 198.379 

I 
a Growth investments (1997s) 
b Growth (For 4 Years) 
c Marginal Investment 
d Inmrn. Capitalized Gen. Expense (C X 9.6%) 

I 
e General Plant Loading (C X 12.5%) 

f Total Marginal Investment Cost 

I 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

Annualized Cost of Capital Additions 

1997 5682 
1998 $696 
1999 5655 
2000 $677 

I i Marginal O&M Expense ((c+d) X 1.09%) 
j A & G Expense Loading Factor 

k Total Marginal O&M Expense 

Working Capital 

166 1 1 .000 $6 1 
%M 0.990 S63 
$66 0.980 $64 
568 0.97 1 %66 

I 1 Materials and Supplies (f X 0.46%) 
rn Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X I .7%) 

1 o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 

Total Marginal Working Capital 

1,086 18 
1,100 14 
1.119 19 
1.137 18 

Demand Customer 
Related Related 

I89 (X 51,000) 1.825 (X f 1,000) 
69 h4W 5,310 WCUST 

2.75 YkW 344 W C U S T  
0.22 S/kW 27.5 WCUST 
0.34 91kW 43.0 W C U S T  

$621 1.m 621 
5633 0.990 626 
$590 0.980 578 
$609 0.971 591 

0.31 SlkW 38.8 WCUST 

199.992 1.613 
201.798 1.807 
203.689 1.890 
205.770 2.08 1 

0.03 SlkW 4.0 WCUST 
1.30 1.30 

0.00 mw 0.41 WCUST 

0.00 W W  0.4 WCUST 

I TOTAL MARGINAL COST 035 y k W  44.5 W%'CUST 

Notes: I -Total Secondary Investment and allocation between Demand and Customer is determined in Schedule 16. 

I 
2 - Escalation based on 0% Labour Escalations and 2% Material Escalation for an average of 1.0%. 
3 -Taken from the Energy Supply Forecast October 1996. 
4 - A simple linear regression is used to determine the growth wnd within the peak demands. 
5 - Weighted Customers based on forecast of customers and the weighting factors shown in Schedule 22. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 10 
Page 2 of :! 

MARGINAL COSTS ASSOCIATED WITH SECONDARY FEEDERS 
Based on Historical Costs (All Costs X $1,000) 

I MARGINAL COSTS ASSOCIATED WITH NP'S DISTRIBUTJON SECONDARY FEEDERS 

Demand Customer 
Related Related 

I a Growth Investments (1997%) - 
b Growth (For 5 Years) 
c Marginal Investment 
d Incrcm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

b 
f Total Marginal investment Cost 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

346 (x $1,000) 3,254 i x  SI,OM)) 
18 MW 8,962 WCUST 
19 SkW 363 SlWCUST 
1.8 %kW 34.9 SlWCUST 
2.4 $kW 45.4 $/WCUST 

I Annualized Cost of Capital Additions 2 1  $/kW 41.5 SIWCUST 

i Marginal O&M Expense ((c+d) X 1.09%) 0.2 SkW 4.3 SiWCUST 
j A & G Expense Loading Factor 1.30 1.30 

I k Total Marginal O&M Expense 0 3  $kW 5.6 SlWCUST 

Working Capital 

I Materials and Supplies (X 0.46%) 

I 
n ~ k h  working Capital Allow. (O&M X 1.7%) 

o Revenue Req'd for Working Capital (X 13.02%) 

Total Marginal Working Capital 

1 TOTAL MARGINAL COST 

0.1 1 SkW 2.04 SlWCUST 
0.07 $/kW 1.24 SllWCUST 

I 
Notes: 1 - Secondary Investment and allocation between Demand md Customer is determined in Schedule 16. 

2 - Escalation Index taken from Statistics Canada's Utility Consuuction Rice Indices. 
3 - Actual Historical Peaks for Newfoundland Power. 
4 - Weighted Customers based on actual number of customers and the weighting factors shown in Schedule 22. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST 

Schedule I I 
Page 1 of 1 

MARGINAL COSTS ASSOCIATED WITH DISTRIBUTION TRANSFORMERS 
Based on Future Costs (All Costs X $1,000) 

) MARGINAL COSTS ASSOCIATED WITH NP'S DISTRIBUTION TR4NSFORMERS 

1. 

Demand 
Related 

Customer 
Related 

Total D~stnbution Transformer 

Marginal Escalation Total 
Year lnvestment' Growth' to 1997 

199% 
1996 
1997 $1.872 I .OOO $1,872 
1998 $1,695 0.980 $1.662 
1 999 $1.729 0.961 $1,661 
2000 $1,763 0.942 $1,661 

TOTALS 

a Growth Investments (1997$) 685.67 (X % 1,000) 
b Growth (For 4 Years) 68.68 MW 
c Marginal Investment 9.98 $kW 
d Increm. Capitalized Gen. Expense (c X 9.6%) 0.80 $kW 
e General Plant Loading (c X 12.5%) 1.25 $kW 

6,171 (X$l.OoO) 
8,737 WCUST 

706 $/WCUST 
57 $IWCUST 

88.3 $WCUST 

Investment Investment 
Allocated to Allocated [o 

Demand Customer 
~rowth' ~rowth' 
1997$ 1997s 

$187 $1,685 
$166 $1,495 
$166 $1.495 
$166 $1.495 

$686 $6.17 1 

L L -  

f Total Marginal Investment Cost 12.03 $/kW 

g Annualization Factor 
h Plant Related Gen.  EX^. Loading 

Forecasted 
Peak Increase 

 ema and' Growth 
MW M W  

1,067.6 
1,086.0 18 
1,100.3 14 
1.1 19.1 19 
1,136.9 I8 

Growth Trend 17 

Annualized Cost of Capital Additions 1.13 $/kW 

Average Increase 
Weighted In 
to 1997~  Growth 
WCUST WCUST 
226.61 1 
228.448 1,837 
230.601 2,153 
232,854 2,253 
235,348 2,493 

8,737 

i Marginal O&M Expense ((c+d) X 3.43%) 
j A Br G Expense Loading Factor 

k Total Marginal O&M Expense 0.48 $ k W  

Working Capital 

I Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1 .?%) 

o Revenue Req'd for Working Capital ((l+m+n) X 13.02% 0.01 $ k W  

Total Marginal Working Capital 0.01 %ncW 

TOTAL MARGINAL COSTS FOR TRANSFORMERS 1.62 $/kW 

Notes: 1 - Based on Five Year Forecast, November 1996 less replacements. Percent replacements based on 
historic informalion. 

2 - Escalation based on 2% Material Escala~ion. 
3 - Allocated using allocarion factors shown in Schedule 2. 
4 - Taken from the Energy Supply Forecast, October 1996. 
5 - Weighted Customers based on forecast of customers and the weighting factors shown in Schedule 22. 



o Revenue Req'd for Working Capital ((l+m+n) 13.02%) 0.02 %/kW 0.72 SIWCUST 

Total Marginal Working Capital 0.0 VkW 0.7 $/WCUST 

TOTAL MARGINAL COSTS FUR TRANSFORMERS 2.5 $RrW 92.2 $/WCUST 

Notes: 1 - Estimated net transformers addition times the current cost of transformer purchases. 
2 - Allocated using allocation factors shown in Schedule 2. 
3 - Actual System Peaks for Newfoundland Power 
4 - Weighted Customers based on actual number of customers and the weighting factors shown in Schedule 22. 

NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 11  
Page 2 of 7 

MARGINAL COSTS ASSOCLATED WITH DISTRIBUTION TRANSFORhfERS 
Based on Historical Costs (All Costs X $1,000) 

MARGINAL COSTS ASSOCIATED WXTH NP'S DISTRLBUTION TRANSFORMERS 

Demand 
Related 

Customer 
Related 

a Growth Investments (1997$) . 
b G r o w  (For 9 Years) 
c Marginal Znvestmmt 
d Increm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

2,018 (X S l , W )  18,163 (X $1,000) 
132 MW 32,335 WCUST 
15 SkW 562 SIWCUST 
1.5 SkW 53.9 WCUST 
1.9 $IkW 70.2 UWCUST 

f Total Marginal Investment Cost 18.6 $kW 685.9 $TWCUST 

g Annualization Factor 
h Plant Related Gen. Exp. Loadtng 

Annualized Cost of Capital Additions 1.7 $kW 64.0 $/WCUST 

i Marginal O&M Expense ((c+d) X 3.43%) 
j A & G Expense Loading Factor 

k Total Marginal O&M Expense 0.7 $&W 27.5 $/WCUST 

Working Capital 

1 Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1.7%) 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

MARGINAL COSTS ASSOCIATED WITH SERVICES 
Based on Future Costs (All Costs X $1,000) 

MARGINAL COST OF SERVICES 

C 

a Growth Investments (1997$) 
b Growth 
c Marginal Investment 
d Increm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

f Total Marginal Investment Cost 

Total Investment in New Services investment 
Allocated 

Total Capital Escalation Total Capital to Customer 

Year ~dditions' to 1997~  Additions Growth3 
Currents 1997$ 1997% 

1996 
1997 $800 1 .OOO $800 $800 
1998 $849 0.990 $84 1 $84 1 
1999 $867 0.980 $850 $850 
2000 $889 0.97 1 $863 $863 

TOTALS 3,353 

g Annualization Factor 
h Plant Related Gen. Exp. Loading 

Average 
Weighted lncrease In 

~ustorners~ Customers 
WCUST WCUST 
200,124 
201,773 1,648- 
203,620 1,848 
205,546 1,926 
207,657 2,111 

7.532 

Annualized Cost of Capital Additions 

i Marginal O&M Expense ((c+d) X 1.09%) 
j A & G Expense Loading Factor 

k Total Marginal O&M Expense 

Working Capital 

I Materials and Supplies (X 0.46%) 
m Prepayments (X 0.28%) 
n Cash Working Capital Allow. (O&M X 1.7%) 

3,353 (X $1,000) 
7,532 WCUST 
445.2 W C U S T  
35.6 SM'CUST 
55.6 $/WCUST 

50.1 WCUST 

o Revenue Req'd for Working Capital (X 13.02%) 0.05 $/WCUST 

Total Marginal Working Capital 0.0 W C U S T  

TOTAL MARGINAL COSTS ASSOCIATED WITH SERVICES 57.0 $IWCUST 

Schedule 12 
Page 1 of 7, 

NOTES: 
1 - Taken from the Five Year Forecast, November 1996. 
2 - Escalation based on 0% Labour Escalations and 2% Material Escalation for an 

average of 1.0%. 
3 - 100% of marginal service costs are related to the number of customers. 
4 - Weighted Customers based on forecast of customers and the weighting factors 

shown in Schedule 22. 



N E W F O U N D L N  POWER 
1997 MARGINAL COST STUDY 

MARGINAL COSTS ASSOClATED WITH SERVICES 
Based on Historical Costs (All Costs X $1,000) 

Schedule 12 
Page 2 of 2 

MARGINAL COST OF SERVICES 

a Growth Investments (1997s) 
b Growth 
c Marginal Investment 
d Increm. Capitalized Gen. Expense (c X 9.6%) 
e General Plant Loading (c X 12.5%) 

6,218 (X $1,000) 
12,955 WCUST 
480.0 $/WCUST 
46.1 $/WCUST 
60.0 $/WCUST 

f Total Marginal Investment Cost 586.1 $/WCUST 

g AnnuaIization Factor 
h Plant Related Gen. Eq. Loading 

Annualized Cost of Capital Additions 58.1 $IWCUST 

i Marginal O&M Expense ((c+d) X 1 .W%) 
j A & G Expense Loading Factor 

k Total Marginal O&M Expense 7.5 $/WCUST 

Working Capital 

1 Materials and Supplies (f X 0.46%) 
m Prepayments (f X 0.28%) 
n Cash Working Capital Allow. (k X 1.7%) 

o Revenue Req'd for Working Capital ((l+m+n) X 13.02%) 0.58 $/WCUST 

Total Marginal Working Capital 0.6 $/WCUST 

TOTAL MARGINAL COSTS ASSOCIATED WJTH SERVICES 66.1 $IWCUST 

NOTES: 
1 - Actual Expenditures Associated with+Services and Meter installation less Service 

replacements. 
2 - Escalation Index taken from Statistics Canada's Utility Construction Price Indices. 
3 - 100% of marginal senice costs are related to the number of customers. 
4 - Weighted Customers based on actual number of customers and the weighting factors 

shown in Schedule 22. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

MARGWAL COSTS ASSOCIATED WITH METERS 
Based on the current cost of meters 

MARGINAL COST OF METERS 

a Marginal Investment' 
b Inaem. Capitalized Gen. Expense (c X 9.6%) 
c General Plant Loading (a X 12.5%) 

d Total Marginal Investment Cost 53.3 $/WCUST 

e Annualization Factor 
f Plant Related Gen. Exp. Loading 

Annualized Cost of Capital Additions 6.6 $/WCUST 

g Marginal O&M Expense ((c+d) X 5.86%) 
h A & G Expense Loading Factor 

i Total Marginal O&M Expense 3.6 $/WCUST 

Working Capital 

j Materials and Supplies (d X 0.46%) 
k Prepayments (d X 0.28%) 
1 Cash Working Capital Allow. ( iX  1.7%) 

m Revenue Req'd for Working Capital ((i+k+m) X 13.02%) 0.06 $AVCUST 

Total Marginal Working Capital 0.1 $/WCUST 

TOTAL MARGINAL COSTS ASSOCIATED WITH METERS 10.3 $/%'CUST 

NOTES: 

1 - Marginal investment based on the cost of a new kilowatt hour meter for domestic customers. 

Schedule 13 
Pase 1 of 1 



~ c m m A N I 3  POWER Schedule 14 
1997 MARGINAL COST STUDY Page 1 of 1 

MARGmAL COSTS ASSOCIATED WITH CUSTOMER RELATED EXPENSES 
Based on Historical Operating Costs (All Costs X $1,000) 

a Marginal Operating Expenses for Customer Service 
b A & G Expense Loading Factor 

r 
Avemge Unit 
Weighted Customer 

Year O&M1 ~scalation' O&M Customers3 Cost 
Current$ to 1997$ 1997$ WCUST SNCUST - 

1992 1 1,630 1.152 13,398 207,859 64.5 
1993 11,870 1.124 13,337 211.127 63 .:! 
1994 8,843 1.087 9,614 214,350 44.8 
1995 9,299 1.034 9,613 216,994 44.3 
1996 9,247 1.026 9,487 219,106 43.3 

c Total Marginal O&M Expense 57.4 $/WCUST 

I 

Working Capital 

d Cash Working Capital Allow. (c X 1.7%) 0.98 

e Revenue Req'd for Working Capital (d 13.02%) 0.13 

Total Marginal Working Capital 0.1 $/WCUST 

TOTAL MARGINAL COSTS ASSOCIATED WITH SERVICES 57.5 $/WCUST 

NOTES: 1 - Taken from Year End Accounting Reports. 
2 - Bcalation Index taken from Statistics Canada's Utility Construction Price Indices for Disuibution. 
3 - Weighted Customers based on actual number of customers and the weighting factors shown in 

Schedule 22. 
4 - Average of only three taken because of centralization of Customer Service witb NP resulted 

in significant efficiency improvements in 1994. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 15 
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m R G Y  LOSS ADJUSTMENT FACTORS' 

Losses to Generation as % of Sates 

On-Peak Off-Peak . Winter Summer 

Secondafy Customer 1.1009 1.0716 1.0936 1.0700 

Primary Customer 1.0743 1,0516 1.0687 1.0503 

Transmission 1.0420 1.0335 1.0397 1.0332 

PEAK LOAD LOSS ADJUSTMENT FACTORS 

Losses 
Losses to Island 
to NP's Interconnected 

System Peak Peak 

Secondary Sales 1.0910 1.1292 

Primary Sales 1.0583 1.0954 

Transmission Sales 1.0159 1.0515 

NOTES : 
1 - Based on the following data: 

- NP's annual system loss allocation analysis 
- a technical review of no load losses 
- loss information contained in Hydro's Cost of Service Study 
- analysis of loading levels during on-peak and off-peak periods and, 
analysis of loading levels during the winter season and summer season. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

ALLOCATION OF FORECAST CAPITAL TO PRIMARY AND SECONDARY FEEDERS 
Based on Future Costs (All Costs X $1.000) 

FUNCTIONAL CLASSIFICATION OF GROWTH RELATED TRUNK FEEDER PROJECTS 

Growth 
Related ~llocations' 

Trunk Feeder Ponion to Demand Portion to Customer 

Year ~dditions' Demand Primary Secondary Customer Primary Secondary 

1997 $469 $1 11 $111 $0 $358 $286 $72 
1998 $417 $129 $129 $0 $288 $230 $58 
1999 $1 10 $1 10 $1 10 $0 $0 $0 $0 
2000 $1 10 $422 %422 $0 $0 $0 $0 

Schedule 1 h 
P a p  1 of 2 

FUNCTIONAL CLASSIFICATION OF DISTRIBUTION EXTENSIONS PROYErnS 

Extensions Estimated Net 

2,120 1,010 
$64 $1.045 
$66 $1,072 

2,349 1,119 $68 $1.107 

I NOTES: 
I - A detailed review of trunk feeder projects within the five year capital forecast (Nov. 96) identified growth related items. 
2 -The allocation factors used are shown in Schedule 2. 

I 
3 - The numbers were taken from the five year capital forecast, November 1996. 
4 - CIAC estimated based on portion of extensions budget recovered through CIAC in the past. 

See Schedule 16, page 2 of 2. 
5 -The allocation factors used are shown in Schedule 2. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

ALLOCATION OF FORECAST CAPITAL TO PRIMARY AND SECONDARY FEEDERS 
Based on Historic Costs (All Costs X $1,000) 

FUNCTIONAL CLASSFICATION OF G R O W  RELATED TRUNK FEEDER PROECTS 
- - 

Growth 
Related ~llocations' 

Trunk Feeder Portion to Demand Portion to Customer 
Year Additions1 Demand Primary Secondary Customer Primary Secondary 

1992 $1.643 $1,182 $1,182 $0 $461 $368 $92 
1993 $630 $582 $582 $0 $48 $38 $10 
1994 $605 $508 $508 $0 $96 $77 $19 
1995 $206 $1 17 $117 $0 $88 $7 1 $18 
1996 $155 $93 $93 $0 $62 $50 $12 

- 

F'UNCTIONAL CLASSIFICATION OF EXTENSIONS PROJECT PROJECTS 

Schedule 16 
Page 1 of 2 

Growth 
Related ~ l loca t ions~  

Extensions Actual Net Pomon to Demand Portion to Customer 
Year Additions3 CIA(? Additions Demand Primary Secondary Customer Primary Secondary 

1992 3,361 1,720 1,641 $164 $74 $90 $1,477 $665 $812 
1993 3,307 997 2,310 $23 1 $104 $127 $2,079 $935 $1,143 
1 994 2,979 1,314 1,665 $167 $75 $92 $1,499 $675 $824 
1995 2,652 1,875 777 $78 $35 $43 $699 $315 $385 
1996 2,613 1,197 1,416 $142 $M $78 $1.274 $574 $701 

Total 14,913 7,103 
% CIAC 47.6% 

1 N O E S :  
1 - A detailed review of trunk feeder projects work orders identified growth related items. 
2 - The allocation factors used are shown in Schedule 2. 

I 3 - The numbers were taken from year end accounting reports. 
4 - CIAC is taken from the annual repon to the Public Utilities Board, adjusted for CIAC associated with 

transmission additions. 

I 5 - The allocation factors used are shown in Schedule 2. 



I NEWFOUNDLAND POWER 

1997 MARGINAL COST STUDY 

ECONOMIC CARRYING CHARGE CALCULATION 

- The following calculation determines the Economic Carrying Charge associated with various types 
of investments. This calculation is also referred to as the value of deferral. 

(Discount Rate - Escalation Ratel 
(1 + Discount Rate) (1 - ((1 + Escalation Rate)/(l + Discount  ate))^) 

Schedule 17 
Page 1 of 1 

Where: K = Present Value of Financing Costs Associated with the Investment 
L = Life of plant 

( - Average Escalation Rate (GDP Deflator)' 
- Escalation of Metering ~quipment~ 

( - Discount Rate for determining E.C.C. for NP1s assets4 - - 7.55% 

- Discount Rate for determining E.C.C. for NLH's assets4 - - 9.40% 

( - Information of Various Asset Types and the E.C.C. for the initial year of the inves tmi  (E .C .0  

( Asset Type 

Gas Turbine 
NLH TMS Common 
NLH TMS Specif. Assigned 
NLH Term Station 
NLH Hydro ( NP Transmission 
NP Substation 
NP Trunk Feeders ( NP Distribution Transformers 
NP Services 

I 
NP Meters 

K Life E.C.C.0 Financing 

8.20% NLH Straight Line Depr. 
7.12% NLH Sinking Fund 
7.12% NLH Sinking Fund 
7.20% NLH Straight Line Depr. 
6.81% NLH Sinking Fund 
8.71 % NP Straight Line Depr. 
9.09% NP Straight Line Depr. 
9.09% NP Straight Line Depr. 
9.07% NP Straight Line Depr. 
9.M0/* NP Straight Line Depr. 

12.14% NP Straight Line Depr. 

NOTES: 1 - Formula Taken from "The NERA Marginal Cost Method for Electric 

m Utilities", A n/e/r/a course Sponsored by the Canadian Electrical Association, 
North York, Ontario, March 9-1 1,1994, Schedule 11-2. The NERA Equation 
is adjusted to represent mid-year cash flows starting in the year plant is installed. 

I 2 - It is assumed that all cost except metering hardware will escalation according to the 
forecasted GOP deflator series for Canada shown in schedule 21. 

3 - Due to technological improvments, no escalation is assumed for the cost of meters. 
4 - NERA recommends using a utility's after tax cost of capital as the discount rate for 

determining the economic carrying charge. Since NLH does not pay income tax, NP's ;. after tax discount rate is less than NLH. 
5 - The present worth of revenue requirments associated with each plant type, was determined 

assuming the revenue requirrnents are discounted to the mid year of the year the 
plant was installed. The revenue requirement calculation determined financing costs based on 
an average rate base calculation. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule I8  
P a ~ e  1 of 2 

DEVELOPMENT OF ADMINISTRATION AND GENERAL EXPENSE LOADER 
AN Costs Taken from Year End Acounting Reports 

(Total OBrM Expenses After Transfers to GEC $244,187,455 $241,586,958 $242,996,422 $246,465,934 5244,987.456 

,Total ACG Expenses Marginal $8,876,8 19 $8,596,703 $8,706,167 $8,679,195 $10,439,993 
Non-Marginal $9,341,025 $9,337,48 1 $9,489,632 $12,809,928 $12.106.777 

I Total Purchase Power $191,370,141 $191,422,945 $191,641,390 $191,599,636 $190,251,070 

Total O&M less A&G less ( Purchase Power 

Total A&G as % of Expenses . 

I hIarginal1 25.66% 26.67% 26.26% 26.00% 32.438 

 on-~ar~inal' 27.00% 28.97% 28.62% 38.38% 37.6 1 % 

Total 52.65% 55.64% 54.87% 64.38% 70.04% 

GENERAL EXPENSES CAPITAL LOADER 

I - After Transition to Incremental GEC the amount of general expenses transfered to Capital will be about4: 

- The Capital Budget (before GEC) is expected to be around4: 

( Estimated average GEC Rnk: 

I 
1 - Includes Administration and General expense such as Labour Overheads, Training, Computer User Support, etc. 

It was based on those items that can be expected to vary with changes in labour and number of customers. 
2 - It excluded all administration and general costs not included under Note 1. 
3 - The loading reflects that the 1996 marginal A&G cost is higher due to incentive pay increasing. 

I this increase reflects inclusion of union labour into the incentive plan. 
4 - Based on Current Projections for 1999, the first year after the transition to incremental GEC is complete. 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

CALCULATION OF A PLANT LOADER FOR PLANT RELATED GENERAL O&M 

1992 1993 1994 1995 1996 Source 

- 

Plant lnvestrnent %7 14.3 10.000 $742.440.000 5772,592,000 9796,574,000 $8 16,257,000 Annual Repon To Board 

I Total Plant Relatcd O&M 52.061.9 19 S2.102.416 52,199,005 $2,102.854 S 1.945.944 From Expense Repons 

Plant Loading Factor 0.29% 0.288 0.28% 0.268 0.246 

I Average Plant Loading Factor 0.27 % 

I 
CALCULATION OF A PLANT LOADER FOR GENERAL PLANT 

Gross Plant Investment %7 14,3 10.000 %742,440,000 $772.592.000 $796.574.000 $8 16.257.000 

I General Plant 
Land and land righls 
Buildings and structures 

I Office quipment 
Computer Hardware 
Computer Software 
Stores quipment 

I - Shop equipment 
Labratory test equipment 
Miscellaneous 
Enginaring quipmcnt 
Transportation quipmcnt 
TOTAL 

55534,488 Details of Property Plant & Equ. 
928,206,961 Details of Property PIanr & Equ. 

S4.654.599 Details of Property Plan1 & Equ. 
56,560,412 Details of Property Plant & Equ. 

S17.473.287 Details of Property Plant & Equ. 
S650.3 19 Details of Property Plant & Equ. 
$567.915 Details of Property Plant & Equ. 

53,165,902 Details of Property Plant & Equ. 
$1.733.812 Details of Ropeq Plant & Equ. 

$369,995 Details of Property Plant & Equ. 
519,496,621 Details of Property Plant & Equ. 
588,414,317 Details of Property Plant & Equ. 

I Plant Without General Property 3632,647,554 $659,104,768 S686.602.523 $707,927,689 S727.842,683 

Gencral Plant Loader 12.91% 12.6% 12-5256 12.52% 12.15% 

I Average General Plant Loader 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

t CALCULATION OF A PLANT LOADING FOR MATERIALS AND SUPPLIES 

1992 1993 1994 1995 1996 Source 

Schedule 19 

Page I of I 

I 
Plant Investment $7 14,3 10,000 5742,440,000 5772.592,000 5796.574.000 58 16.257.000 Annual Repon To Board 

Material and Suppl~es %4,484,000 53,670,000 $3,515,000 $3,605.000 53.498.000 Return 7 A  Rcpon To Board 

I Plant Loading Factor 0.63% 0.49% 0.45% 0.45% 0.43% 

Avg. Plant Loading 1993 - 1996 0.46 % 

I CALCULATION OF A PLANT LOADER FOR PREPAYMENTS 

I 1992 1993 1994 1995 1996 Source 

Gross Plant Investment 57 14.3 10,000 5742,440,000 $772,592,000 5796,574,000 58 3 6,257,000 Annual Rcpon To Board 

I Prcpayed Expenses S1,690.000 S3.596.000 52,404,000 $1,627,000 Sl.276,OMl Balance Shect Statement 

General Plant Loader 0.24% 0.48% 0.31% 0.20% 0.16% 

Average General Plant Loader I '  0.28% 

DERIVATION OF REVENUE REQUIREMENT FOR WORKING CAPITAL 

Incrcmcntal Incremental Income Tax Weighted 
Capital Cost of Component Cost of 

Structun cwa.l S;apiml 
52.00% 8.00% 0.00% 4.16% 
3.00% 6.33% 4.58% 0.33% 

45.00% 1 1 .OO% 7.97% 8.53% 

Revenue Requirement for Working Capital Factor 

Cash Working Capital Allocation Factor 1.7% Taken from Annual Report to Board (Return 7). 

I 
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I NEWFOUNDLAND POWER 

1997 MARGINAL COST STUDY 

t TOTAL O&M BY ASSET GROUP 

Dlstributlon Pr~rnary D~str~but~on 
Year Transmission Substations and Secondary Transformers Services Meters 

VALUE OF PLANT IN SERVICE ESCALATED TO APPLICABLE YEAR 
(BASED ON INSURABLE PROPERTY ESTTMATES) 

I Distribution Plant Transformers 
Less Transformers Padmounted and Pole 

I '  Year Transmission Substations Meters and Street Lighting Mounted Transformers Meters 

-. 
1992 NIA Nl A 
1993 142,852,021 168,624,213 
1994 15 1,695,529 174,422,414 
1995 160,054,426 184,883,607 
1996 167,094,897 184,068,945 

NIA - Not Available 

NIA NIA 
572,176,267 60,620,47 1 
619,185,103 63,803,013 
653,700,443 63,274,200 
67 1,606,3 15 65,414,361 

NIA 
24,303,443 
23,074,860 
22,759,015 
22,908,126 

I O&M AS A PERCENT OF PLANT 

Transformers 
Distribution Primary Padmounted and Pole 

Year Transmission Substations Secondary and Services Mounted Transformers Meters 

I 1992 N/A Nl A NIA NIA NIA 
1993 0.45% 1.65,% 1.07% 3.71% 6.02% 
1994 0.93% 1.69% 1.22% 3.43% 5.83% 
1 995 0.57% 1.85% 1.18% 3.15% 5.66% 
1996 0.83% 1.85% 0.87% 3.43% 5.93% 

AVERAGE 0.70% 1.76% 1.09% 3.43% 5.8670 



NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

Schedule 21 
Pape 1 of' 1 

FUEL AND O&M ESCALATION INDEX FORECAST 

Conference Board of Canada 
Holyrood C.T. Canada 

Fuel Fuel GDP 
 orec cast' COS? Deflator Index3 

Year . SIBBL $11 (1986=%1.00) 
1.255 

1997 22.10 23.0 1.288 
1998 22.10 23.0 1.311 
1999 22.50 23.4 1.336 
2000 23.30 24.2 1.368 
2001 24.10 25.1 1.399 
2002 21.60 22.5 1.434 
2003 22.60 23 -5 1.469 
2004 23.90 24.9 1.507 
2005 25.10 26.1 1.547 
2006 26.50 27.6 1.587 
2007 28.10 29.2 1.628 
2008 29.90 31.1 1.671 
2009 31.70 33.0 1.713 
2010 33.70 35.1 1.752 
201 1 36.00 37.5 1.791 
2012 38.20 39.8 1.830 
2013 40.60 42.3 1.869 
2014 42.70 44.4 1.908 
2015 44.60 46.4 1.948 

% ESC. 1996 - 2015 3.84% 3.76% 2.30% 

NOTES: 
1 - Fuel Forecast for Holyrood Fuel Estimated by the Conference Board of Canada. March 7 1997. 
2 - #2 Diesel Fuel projected based on Holyrod fuel forecast using 23 centlliue for 1997. 
3 - GDP Deflator Index Forecast for Canada provided by the Conference Board of Canada on 
December 10,1996 



I RATE 1.1: GENERAL DOMESTIC 

NEWFOUNDLAND POWER 
1997 MARGINAL COST STUDY 

RATE L1: GENERAL SERVICE i 10 kW - 
RATE U GENERAL SERVICE (Between 10 kW and 100 kW-11OkVA) - 
RATE 2.3: GENERAL SERVICE (Betwccn 110 kVA and 350 kVA) 
v 

Slngle Phue 
Three Phase 

New Cuslomer New Customer 
Related Related Cu<tntnrr 

Exrens~ons Extens~ons D~s tnbu l~on  Serv~ccs 8; Mcter Sen ict. 

Pnmary Secondary Transformers Me~er lnstallal~ons Hardwuc Cosl 

RATE 23: GENERAL SERVICE (Betmen 350 kVA and 1000 kVA) I 
RATE 24: GENERAL SERVICE (w 1000 kVA) I,.....,,.,..., 

m""""""""" RATE 4.1: STREETLIGHTING 

NOTES: 
I - Weighting Factors based on estimates of the cost to provide service to an rvemgc customer. 
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CANADIAN UTILITY SURVEY OF INNOVATNE RATES 



Appendix D 

t SURVEY OF MARGINAL COST BASED RATE OPTIONS OFFERED BY CANADIAN 

ELECTRIC UTILITIES 

I The survey was done to collect information on the use of marginal costs in rate design, the 

availability of marginal cost based rates, and the level of customer participation in marginal cost based 

I rates. 

I 20 Conclusions 

1, Most utilities do not give marginal costs significant consideration when deriving the endblock 

energy prices for their standard rates. 

2. None of the utilities that responded offer residential seasonal rates, and the vast majority do not 

offer general service seasonal rates. 

I 3. Time of day ("TOD) rates are more frequently available for large general service customers than 

I for small general service customers and residential customers. 

I 4. A small percentage of customers take advantage of TOD rates when given the opportunity (i.e., 

less than 0.1 % participation rate for residential customers and less than 2% for general service 

customers). 

) 5. Curtailable rates are offered by the majority of Canadian utilities (82%), while real-time 

pricing, stand-by-rates, and surplus energy rates are offered by 59%, 53% and 41 % of the 

I Canadian utilities respectively. 
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A questionnaire on rate design and rate options available to customers was sent to 20 of the larger 

( Canadian electrical utilities during February 1997. Questionnaires were sent to the following utilities: 

B.C. Hydro, New Brunswick Power, Ontario Hydro, TransAlta Utilities, Maritime Electric, Ottawa Hydro, 

) Public Utility Commission of Scarborough, City of Calgary Electric System, Edmonton Power, West 

Kootenay Power, Nova Scotia Power, Hydro Quebec, Manitoba Hydro, SaskF'ower, Hydro Mississau,oa, 

1 North York Hydro, Alberta Power, Toronto Hydro, Great Lakes Power, and NWT Power. Sixteen of the 

utilities contacted completed the questionnaire for a response rate of 80%. Including Newfoundland 

1 Power as a respondent brings the number of utilities to seventeen. 

I The questionnaire was arranged in three sections. The first section dealt with the use of marginal 

I 
- costs in the design of standard rates for residential and general service customers and whether seasonal 

price differences were included as part of the standard rate. The second section focused on the availability 

b of TOD rates for residential, general service and wholesale customers. Information was gathered on 

whether the TOD rates were optional for all customers within a class or mandatory for customers with 

( certain usage attributes. The third section gathered infomation on other innovative rates being offered, 

and the use of revenue recovery mechanisms for dealing with lost revenue as a result of the introduction of 

I TOD rates. The data compiled also includes data for Newfoundland Power. The names of the utilities are 

withheld upon the request of the participants. 

4.0 Terminology 

I 
To understand the discussion of the responses the following definitions are provided: 

( Standard Rote: A standard rate is defined as a rate schedule in whch the price does not differ by time of 

day. For purposes of this questionnaire seasonal rates which fit ths  description are considered standard 

rates. 

Time of Day Rate: A TOD rate is defined as a rate schedule which incorporates different rating periods I and rater within a given day, typically designated as a n - p s i  and off-peak psriods. A demand charge is 

sometimes included in the rate design. 
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5.0 The Use of Marginal Costs in the Design of Standard Rates 

Only two of the seventeen utilities indicated that significant consideration is given to marginal costs 

( in determining the tail block energy rates for bath the residential and general service classes. 

Use of Marginal Costs in Design of 
Standard Residential Rates 

No Consideration Some Consideration 
Significant 

Consideration 

Use of Marginal Costs in Design of Standard General 
Service Rates 

1 2 3 4 5 
No Consideration Some Consideration Significant 

Consideration 
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t 6.0 Seasonal Rates 

None of the respondents have prices that differ by season in their residential standard rate and only 

three utilities, of which Newfoundland Power is one, have seasonal price differences within their general 

service standard rates. 

I Percent of Utilities with Residential Seasonal Rates 

I Have Seasonal Rates No Seasonal Rates 

Percent of Utilities with General Service Seasonal Rates 

Have Seasonal Rates No Seasonal Rates 
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7.0 The Availability of TOD rates in Canada 

Four of the respondents have TOD rates for residential customers. For customers of three of these 

utilities the rate is optional. For the other utility the rate is mandatory for customers with a utility supplied 

1 electric thermal storage heating system. 

I Percent of Utilities with Residential TOD Rates 

I Have TOD Rates No TOD Rates 

I Seven of the respondents have TOD rates for General Service customers. Five of the seven 

I utilities offering TOD rates to general service customers restrict their availability to larger customers, the 

smallest of which is 200 kVA. The other two utilities make TOD rates available to all general service 

[ customers. Three of the respondents make TOD rates mandatory for customers above certain demand 

requirements (i.e., usually large customers). 

Three of the utilities that have TOD rates for general service customers also have TOD rates for 

( wholesale customers (two optional and one mandatory). 
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Percent of Utilities with General Service TOD Rates 

I - Have TOD Rates No TOD Rates 

8.0 Customer Participation on TOD Rates 

I Of the four utilities that have TOD rates available to residential customers, only two currently have 

any customers billed on the TOD rate (i.e., 140 at one utility and approximately 230 at the other). The 

1 residential TOD rate has only recently been offered at one utility, which may explain why there are no 

I customers on the rate for the utility. 

The number of customers on the general service TOD rates ranges from 16 at one utility to 225 at 

( another; while most utilities have 40 to 50 customers on the TOD rate. No utility offering TOD rates has 

I 
more than 2% of their general service customers on TOD rates. Most have less than 0.25%. 

I 
9.0 Other Marginal Cost Based Rate Options 

The response to the question on other innovative rate structures identified approximately 10 

different structures used by Canadian utilities. Only two of these structures (ie., dual fuel and end use 

rates) were available to residential customers. The bar chart below shows seven of the more popular 
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innovative rate structures made available by Canadian utilities for large general service and wholesale 

customers. 

I Other Innovative Rates Offered by Utilities in Canada 

) 10.0 Miscellaneous Information 

Only one of the utilities currently offering TOD rates set up a mechanism to recover lost revenue 

when the TOD rater were first introduced. 

I 
Of the four utilities offering TOD rates to residential customers, two utilities increased the 

( customer charge to recover the additional metering costs of TOD rates. 

I Three utilities have conducted load studies in an attempt to quantify the effects of TOD rates on 

customer usage patterns. 
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5.0 The Use of Marginal Costs in the Design of Standard Rates 

Onlv two of the seventeen utilities indicated that significant consideration is given to marginal costs 

) in determining the tail block energy rates for both the residential and general service classes. 

Use of Marginal Costs in Design of 
Standard Residential Rates 

- 

N o  Consideration Some Consideration Significant 
Consideration 

17 Utilltles Responding 

I Use of Marginal Costs in Design of Standard General 
Service Rates 

1 2 3 4 5 
No Consideration Some Consideration Significant 

Consideration 
17 Utilities Responding 
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6.0 Seasonal Rates 

None of the respondents have prices that differ by season in their residential standard rate and only 

) three utilities, of which Newfoundland Power is one, have seasonal price differences within their general 

service standard rates. 

Percent of Utilities with Residential Seasonal Rates 

Have Seasonal Rates No Seasonal Rates 
17 Utilities Responding 

Percent of Utilities with General Service Seasonal Rates 

Have Seasonal Rates 

17 Utilities Responding 

No Seasonal Rates 
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t 7.0 The Availability of TOD rates in Canada 

Four of the respondents have TOD rates for residential customers. For customers of three of these 

utilities the rate is optional. For the other utility the rate is mandatory for customers with a utility supplied 

electric thermal storage beating system, 

Percent of Utilities with Residential TOD Rates 

Have TOD Rates No TOD Rates 
17 Utilities Responding 

I 
Seven of the respondents have TOD rates for General Service customers. Five of the seven 

( utilities offering TOD rates to general service customers restrict their availability to larger customers, the 

smallest of which is 200 kVA. The other two utilities make TOD rates available to all general service 

( customers. Three of the respondents make TOD rates mandatory for customers above cenain demand 

requirements (i.e., usually large customers). 

I 
Three of the utilities that have TOD rates for general service customers also have TOD rates for 

1 wholesale customers (two optional and one mandatory). 
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Percent of Utilities with General Service TOD Rates 

I ' Have TOD Rates 
17 Utilities Responding 

No TOD Rates 

8.0 Customer Participation on TOD Rates 

I Of the four utilities that have TOD rates available to residential customers, only two currently have 

any customers billed on the TOD rate (i.e., 140 at one utility and approximately 230 at the other). The 

residential TOD rate has only recently been offered at one utility, which may explain why there are no 

I customers on the rate for the utility. 

The number of customers on the general service TOD rates ranges from 16 at one utility to 225 at 

1 another; while most utilities have 40 to 50 customers on the TOD rate. No utility offering TOD rates has 

I more than 2% of their general service customers on TOD rates. Most have less than 0.25%. 

I 9.0 Other Marginal Cost Based Rate Options 

The response to the question on other innovative rate structures identified approximately 10 

different structures used by Canadian utilities. Only two of these structures (i.e., dual fuel and end use 

rates) were available to residential customers. The bar chart below shows seven of the more popular 
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I 
? innovative rate structures made available by Canadian utilities for large general service and wholesale 

customers. 

I Other Innovative Rates Offered by Utilities in Canada 

17 Utilities Responding 

10.0 Miscellaneous Information 

Only one of the utilities currently offering TOD rates set up a mechanism to recover lost revenue 

when the TOD rates were first introduced. 

Of the four utilities offering TOD rates to residential customers, two utilities increased the 

customer charge to recover the additional metering costs of TOD rates. 

Three utilities have conducted load studies in an attempt to quantify the effects of TOD rates on 

customer usage patterns. 
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RESIDENTIAL TIME-OF-DAY SURVEY OF U.S. 
AND CANADIAN UTILITIES 

Attached is a summary of a survey conducted in late 1993 by Virginia Power on 
residential time-of-day rates in the US. and Canada. 



TIME-OF-DAY RATE SURVEY 

A survey was conducted among electric utilities to assess 

their positions and feelings regarding time-of-day (TOD)  rates for 

residential customers. Included were several questions regarding 

their utility's position with respect to mandatory residential TOD 

rates. 

On September 1, 1993, a questionnaire was sent to 109 electric 

utilities located throughout the united States and Canada. The 

survey was sent to those utilities with representation in the 

Edison Electric Institute's Rate Research Committee. Ninety-two 

(92) responses were received, for a response rate of 84 percent. 

Sixty-three ( 6 3 1 ,  or two-thirds, of the utilities have time-of-day 

rates available to their residential customers. Conversely, one- 

third of the utilities do not offer residential TOD rates. Of the 

sixty-three utilities offering M D  rates, fourteen (14) mandate TOD 

rates to a segment of their residential customers. 

The following major survey findings are broken into two 

segments: 1) responses to questions applicable to utilities which 

offer only voluntarv residential TOD rates, 2) responses to 

utilities which mandate TOD rates to a segment of the residential 

class (these utilities, in addition to mandatory participation, may 

also offer voluntary TOD rates to its residential class). 



Percent of Utilities Offering TOD Rates 

80% 

60% 

40% 

20% 

0% 
Offering TOD Rates Don't Offer TOO Rate 

92 Utllibes Responding 

Of the Utilities Offering TOD Rates, Percent 
that Mandate Participation to a Segment 

100% 

80% 

60% 

40% 

20% 

0% 
Mandate Don't Mandate 

92 Ublibes Responding 



Responses from utilities Which 
Offer Only Voluntary TOD Rates 

The following responses are from the  49 utilities which offer only 
voluntary TOD rates .  



Of Utilities Offering Voluntary TOD Rates, 
Structure of Rates Offered 

All-Energy DemandIEnergy Both 
49 Utilities Mth Wuntary TOD Rates 

U t i l i t i e s  Which Offer Voluntarv 'IUD Rates 

>> Thirty-eight ( 3 8 )  of the 4 9  utilities which offer 

voluntary rates, or 788, design their TOD rates using an 

all-energy structure. Five ( 5 )  utilities, or lo%, use a 

demand/energy r a t e  design, while 6 utilities ( 1 2 % )  offer 

both rate structures. 



Have TOD Activities Been Preempted due to 
DSM Activities? 

80% 

60% 

40% 

20% 

0% 
Not Preempted Preempted No Answer 

49 Utilities With Wuntary TOD Rates 

utilities Which Offer Voluntarv TOD Rates 

>> Regarding whether or not their utility's TOD activities 

have been preempted by Demand-Side Management (DSM) 

activities, two-thirds indicated that DSM efforts have 

not preempted their TOD efforts, while one-third 

indicated that it had. 



Yes 
49 Utilities With Mluntary TOD Rates 

utilities Which Offer Voluntary TOD Rates 

>> When asked whether they had conducted a load study: 

Yes 31% 

No 69% 

The utilities were asked to provide significant findings 

of their load studies. The responses were generally 

mixed, with some utilities seeing load shifts and/or kWh 

impacts, while others did not measure any significant 

changes. several utilities indicated that studies were 

being conducted now, but results were not available. It 

appears the most extensive study was conducted in the mid 

1980's by a West Coast utility with a sample of 5000 

customers (treatment, control, and non-volunteers) with 

pre-metering. This study did show reductions in on-peak 

usage and on-peak load for the TOD group, 



Median Number of Participants in Voluntary 
TOD Rates and Median % to Residential Class 

200 10% 

6% 

100 
4% 

50 2% 

0 0% 
Median Participants Median % to Class 

49 Utilities with Wuntary TOD Rates 

Utilities Which Offer Voluntarv TOD Rates 

>> The utilities were asked to provide the number of customers 

who were participating in their TOD rates, as well as the 

respective percentage of TOD customers to their total 

residential class. The following lists the utility median and 

average TOD participants (median is the more appropriate 

indicator of central t e n d e n c y  f o r  this distribution) : 

TOD Rates Partici~ation 

Median utility participants: 120 customers 

Median percent to total residential class: 0.2% 

Average utility participants: 7,473 customers 

Average percent t b  total residential class : 1.99% 



Responses from Utilities Which 
Mandate TOD Rates to a Segment 
of its ~esidential Class ( m a y  
also offer voluntary TOD rates 

to other segments) 

The following responses are from the 14 utilities which mandate ToD 
rates t o  a segment of the class. Of the 14 utilities i n  this 
category, two utilities have only just implemented the rates within 
the past year. Accordingly, the responses from these two utilities 
have been excluded f romthose  questions which require answers based 
on experience with mandatory T'OD rates. 



100% 

80% 

60% 

40% 

20% 

0% 
AlCEnergy 

14 Utilihes Mandating TOD Rates to a Residential Segment 

+ 

Of Utilities Mandating TOD Rates, Structure of 
Rates Offered 

Utilities Which Mandate TOD Rates to a Seqment of its Residential 

Class  

>> All 14 utilities ' rates are designed using an all-energy 

- 

I 

s t r u c t u r e .  



Reasons for Implementation of Mandatory TOD 

120% 

100% 

80% 

60% 

40% 

20% 

0% 
Commission Mandate Encourage Load Shift 

Price Signals Aggressive DSM 
Mwe man one answer acceptable 

u i t i e s  Which Mandate TQD Rates to a Seqment of i t s  Residential 

C l a s s  

>> Responses as to why their utility has implemented mandatory 

TOD rates (may have more t han  one answer): 

93% Commission mandate 

Price signal 21% 

Encourage load shift 7% 

Aggressive DSM 7% 



Would Utility Recommend Mandatory TOD 
Rates based on their Experience? 

V70 
Yes No No Answer/Comments 

12 Utilities with Mandatwy TOD Rates 

Utilities Which Mandate TOD Rates to a Sement of its Residential 

Class 

>> When asked whether or not they would recommend mandatory 

TOD rates ,  given their experience: 

Y e s  25% 

No 58% 

No answer or provided comments 

in lieu of a yes/no answer 1 7 %  



Yes 

Of the Utilities Mandating Participation, Percent 
Which had Conducted Load Study 

12 Utilities with Mandatwy TOD Rates 

- 

Utilities Which Mandate TOD Rates to a Secrment of its Residential 

Class 

>> When asked whether they had conducted a load study: 

Y e s  42% 

No 58% 

The utilities were asked to provide significant findings 

of their load studies. The responses were generally 

mixed, with . t w o  utilities seeing some load shifts, and 

three utilities not measuring any significant shifts. 

One service company had mandatory TOD rates in two of its 

operating utilities, and found load shifting in one of 

its subsidiaries, but not the other. Oddly enough, the 

on-peak to off-peak ratio was less for the subsidiary 

which observed load shifting compared to the subsidiary 

which did not observe any shifts. 



Of Utilities Mandating TOD Rates, the Use of 
kwh Threshold as Criteria for Determining 
Participation 

100% 

80% 

60% 

40% 

20% 

0% 
Use kWh Threshold Use Other Criteria 

14 Utilrtles Mandating TOO Rates to a Residenbal Segment 

Utilities Which Mandate TOD Rates to a Segment of its Residential 

Class 

>> Ninety-two percent of the utilities utilize a kWh 

threshold as a determining criteria for mandatory 

participation. The threshold is applied to a variety of 

periods. Forty-six percent of the utilities use annual 

usage. Other periods include: summer month (one 

occurrence), winter month (3 occurrences), and total 

usage over summer season ( 3  occurrences). One utility 

does not use kwh usage as the criteria, but rather new, 

single family homes initially connected after January 

1991 which have central heat or A / C .  



Median Number of Participants in Mandatory 
TOD Rates and Median % to Residential Class 

I 
for Utilities requiring Mandatory Participation 

I 

6% 

4% 

2% 

0% 
Median Participants Median % to Class 

12 Utilities with Mandatory partidpation 

Utilities Which Mandate TOD Rates to a Sesment of its Residential 

Class 

>> The utilities were asked to provide the number of 

customers who were participating in their TOD rates, as 

well as the respective percentage of TOD customers to 

their total residential class. The following lists the 

utility median and average pandatom onlv TOD 

participants (median is the more appropriate indicator of 

central tendency for this distribution) : 

Mandatorv Only TOD Rates Partici~ation 

Median utility participants: 146 customers 

Median percent to total residential class: 0.5% 

Average utility participants: 5,748 customers 

Average percent to total residential class: 1.0% 



Median Number of Participants in Mandatory 
I 

'and Voluntary TOD Rates and Median% to 
Residential Class for Utilities requiring 
Mandatory Participation 
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12 Utilities with Mandatory Participation 

Utilities Which Mandate TOD Rates t o  a Sement of its Residential 

Class 
>> The utilities were asked to provide the number of 

customers who were participating in their TOD rates, as 

well as the respective percentage of TOD customers to 

their total residential class. The following lists the 

utility median and average total TOD participants (both 

voluntary and mandatory) (median is the more appropriate 

indicator of central tendency for this distribution): 

Total TOD Rates f v ~ l w t a r v  and mandatorv) Partici~ation 
Median utility participants: 3,967 customers 

Median percent to total residential class: 1.4% 

Average utility participants: 11,452 customers 

Average percent to total residential class: 2 . 4 %  
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REVIEW OF INNOVATIVE RATES 

1.0 EPRI Industry Survey on Types of Innovative Rates 

Appendix F 

In 199 1, the Electric Power Research Institute ("EPRI") completed a comprehensive 

I survey of innovative rates offered by utilities in the United States. Pages 2-2 and 2-3 of the EPRI 

Survey whch identify and define each individual rate are included in this Appendu. A summary 

1 of the potential for the implementation of these rates by Newfoundland Power is also included in 

Table 1. There are hundreds of these rates, but they can be categorized into the following four 

I categories: 

I 1. Demand-Side Management Rates - These rates encourage customers to change their 

consumption patterns to encourage more efficient utilization of the electrical system. 

1- 
2. Market Driven Rates - These are rates primarily based on responses to market prices of 

other goods and services. 

) 3. Special-Needs Rates - These are rates designed to meet the specialized need of some 

customers. 

4. Technology Specific Rates - These are rates designed for a specific technology. The 

I unique load characteristics of the technology are used to design a rate. 

2.0 Potential Innovative Rates for Newfoundland Power 

1 A preliminary review was conducted of each of the four categories of innovative rates in 

u the EPRI Survey. 
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2.1 Demand-Side Management Rates 

Demand-side management (DSM) rates encourage customers to change their usage 

patterns. Conservation rates are not offered by Newfoundland Power but we do provide rebates 

to customers for energy efficient items such as insulation. Time-of-use rates offer a more 

practical solution than conservation rates and residential demand rates. Like most utilities, 

Newfoundland Power already offers a curtailable rate. We also have a direct load control pilot 

project in place for hot water heaters, whereby the customers are given a fixed $20 crcdit per 

year for participating. Since there is no significant variation in the marginal energy costs on the 

Tsland interconnected System, real-time rates would not benefit customers. Surplus power rates 

are not practical for Newfoundland Power since it is a distribution utility with no surplus 

generation. Residential demandlenergy rates are not easily understood by residential customers. 

2.2 Market-Driven Rates 

Many of the market-driven rates may not be acceptable in the legal and regulatory 

framework in Newfoundland. Economic dcvelopment rates usually involve subsidies to 

customers to attract them to the utility's service territory, and therefore are difficult to justify in 

the current regulatory framework. Indexed rates and fixed term contract rates are generally 

offcrcd only for large industrial customers. However, Newfoundland Power feels that it needs to 

bccoinc more flexible in responding to the marketplace. In this regard, load retention rates 

would be acceptablc, and should be offered by Newfoundland Power if the loss of such a 

customer load would result in  higher overall rates to other customers. 

2.3 Special Needs Rates 

Some of the special needs rates may be suitable for certain Newfoundland Power 

customers. Rates that do not violate sound rate making principles and do not involvc significant 

cross subsidization are worth further consideration. Low income residential ratcs would not 

qualify since they involve subsidizing on the basis of ability to pay. Accordingly, special needs 

rates such as stand-by rates, and buy-back rates, which don't raise significant cross subsidization 

issues, are worth further consideration if the customer need arises. 
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2.4 Technology-Specific Rates 

Time-of-use rates are, in many ways, superior to all of the technology specific rates and 

largely eliminate the need for such rates. Tirne-of-use rates are more practical since they 

eliminate the need to police customers to confirm that they have the end-uses for which the rate 

is designed. The disadvantage of a tirne-of-use rate is that it requires the additional cost of a 

time-of-use meter. Dual-fuel rates, whereby a customer has two heating sources and switches 

over to the alternate heating source from electric heat when the temperature goes below a trigger 

point, have had some success for Hydro-Quebec. Dual-fuel rates require a significant investment 

on behalf of customers. Time-of-use rates (including time-of-day and seasonal rates) are more 

attractive since only the time-of-use meter is required for the time-of-day rate and no investment 

is required for the seasonal rate. 

2.5 Summary of Review of Potential Rates 

A properly designed time-of-use rate which reflects marginal costs is superior to the 

technology specific and other special use rates. Time-of-use rates will accomplish the same 

goals as these other innovative rates without having to target specific end uses. Specifically, 

time-of-day rates and seasonal rates offer the greatest potential to the largest number of 

customers. Time-of-day rates and seasonal rates were designed for each rate class in this report. 

Other rates worthy of further consideration include buy-back rates, load retention rates, 

and stand-by rates. Buy-back rates are where the utility pays customers for power supplied by 

the customer (i.e., a purchased power rate). Standby rates are for the provision of standby power 

to customers that have their own generation. Load retention rates encourage the deferral of 

customer's plans to install their own generation if the loss of such a customer load would result 

in higher overall rates to customers. These rates have not been designed as part of this study but 

may be desirable in the future if the customer need arises. Newfoundland Power can use the 

results of the marginal cost study in this report to design other rates as required. 
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Table 1 
Summary Of Potential Innovative Rates for Newfoundland Power 

Description Newfoundland Power 

I % ~ ~ ? ~ d r  Rates Management 

1 
Intemptible/Curtailable rates customer curtails their load already have a rate 
Load Control Rates controlling individual loads such as have a pilot project in place 

) , , 
- Real -Time Rates 

2. Market- Driven Rates 

( Economic Development Rates 

oad Retention Rates 

I customer 

Time-of-Day Rates 
Seasonal Rates 
Residential Demand Rates 
Surplus Power Rates 

3. Special Needs Rates 
Buy-back Rates 

hot water tanks 
price set hourly based on actual cost 

discounted rates are offered to attract 
new industrial customers 
rates "locked-in" for contract period 
variable rates tied to index 

purchases surplus power from 

4. Technology Specific Rates 

not attractive to customers based on energy 
mice 

off-peak surplus energy is sold at 
lower prices 

I 

not acceptable 

may not be acceptable as a retail rate 
may not be acceptable as a retail rate 
future potential 

Low-Income Residential Rates 
Prepaid Electric Service 
Stand-by rates 

designed in this report 
designed in this report 
not acceptable to customers 
not necessary at this time 

discounted rate based on income 
prepaid metering 
utility backs up customer generation 

( Electric Vehicle Rates 
I 

( 
Heat Pump Rates 
Storage Water Heating Rates 

-solar ~ n s r ~ ~  Rater 

I 

future potential 

I 

TOU rates are a better alternative at this I 

Thermal Storage Rates 
Misc. Technology-Specific 
Rates 
Dual-Fuel Rates 

heating system when temperature 
drops below a set point 

time I 

customer switches to an alternate may have potential but TOU is a better 
alternative at this time I 



Scction 2: Background Informalion - Introduction innovative Rate Design Survey 

1. Demand-Side Management Rates 

Demand-side management (DSM) rates encourage cuslomers to change their usage patterns. These 

rates may be part of an ongoing DSM program or they may be  used independently. The following is 

a list o f  rate types fitting this description. 

Conservation Rates: 
Incentives for implementing specific insulation guidelines or for use of 
specific energy conservation devices. 

-. Interruptible and Curtailable Rates: 
Demand credits o r  lower demand charges given in exchange for complete 
demand reduction (interruptible) o r  reduction to  a pre-determined level 
(curtailable) upon utility noti-. 

h a d  Control Rates: 
Incentives for allowing the utility t o  physically control various end-use - 
appliances or  equipment. 

Real-Time Rates: 
Rates which a r e  only applicable for short periods of time and whose price 
levels a r e  set for weeks, days, o r  hours prior to use. 

Residential Demand Rates: 
- Rates requiring residential customers t o  pay for their demand o n  the  system 

as well as the energy they use. 
Residential Time-of-Use Rates: 

Residential rates based on  energy cansumplion that varies with the  time of - 
day. 

Surplus Rates: 
Greatly reduced rates for surplus power that is used only a t  such times as * 

power is available. 

2. Market-Driven Rates 

Rates based primarily o n  economic conditions that a r e  outside the utility's control a r e  categorized as 

market-driven. These rates operate to  enhance market conditions for the  customer, t he  utility, o r  the 

region. 

r Economic Development Rates: 
Discounted rates offered to new o r  existing industrial customers in order to 
revitalize economically-depressed areas. 

Fixed-Term Rate  Contracts: 
Rates "locked-in" for the duration of a specified contract period, typically for 
large industrial users. 

Indexed Rates: 
Variable rates specifically tied to the Consumer Price Index, the price of the 
customer's product, overall fuel costs, or other economic factors. 



sGcrion 2: Background Information - Introduction innovative R a ~ e  Dwign Survey 

b : -  Regional Rate Options: 
Rates based on an average of all regional utilities' rates to large industrial 
users. 

Emerging Rat=: 

I 
Rates that are market-driven but do not fit  into any of the above-stated 
categories. 

I 3. Speclal-Needs Rates 

I 
These rates serve needs not addressed by otherwise available rate options. Rates designed to satisfy 

specific customer requirements have been placed in this category. 

Buy-Back Rates: 

I Rates in which utility pays customer for power supplied by the customer. 
Load-Retention Incentive Rates: 

Rates that encourage a deferral of customer's plans t o  install on-site 

I 
generation, o r  that discourage use of already existing on-site generation. 

Low-Income Residential Rates: 
Rates that provide low-income customers an allotment of base power use at a 
subsidized price. 

I ' Prepaid Electric Service: 
Rates that a re  discounted to customers that prepay for their service in large 
dollar amounts. 

b Rates o n  which customers purchase magnetically-encoded cards that operate 
home meters, allowing the customer to use a predetermined amount of 
electricity each month. 

I 
Stand-By Rates: 

Rates for the  provision of standby power to customers that have their own 
on-site power source; in return the customer pays a rate  which is intended to  
represent the real cost of the service. 

I 
I 4. Technology-Specific Rates 

I 
Technology-specific rates a re  available only to customers who use a designated end-use technology. 

Although the technology specified may also qualify a rate as a demand-side management rate o r  a 

market-driven rate. the following rates will be categorized as technology-specific for the purposes of 

I this report: 

Electric Vehicle Rates; 

I Heat Pump Rates; 
Storage Water Heating Rates; 
Solar Energy Rates; 

I 
Thermal o r  Ice Storage Rates; and 
Miscellaneous Technology-Specific Rates. 
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Rate Design Revenue Reconciliations 

Summary 

Rate Class 

Rate 1.1 Domestic 

Standard Time of Day Seasonal 
Rates Rates Rates 

General Service 

Rare 2.1 G.S. 0-10 kW $ 10,090,343 $ 9,99 1,898 $ 9,99 1,898 

Rate 2.2 G.S. 10-100 kW $ 46,057,343 $ 44,700,466 $ 44,724,078 

Rate 2.3 G.S. 1 10 kVA-1000 kVA $ 50,963,166 $ 5 1,027,220 $ 5 1,023,844 

Rate 2.4 G.S. 1000 kVA and Over $ 17,286,135 $ 18,666,960 $ 18,655,402 

Total General Service 

Basis for Calculations: 

1. The 1997 energy forecast that was accepted as reasonable by the Board in Order No. 
P.U. 7 (1996-97) was used in the revenue calculations. The forecast billing determinants 
for the Hibernia Bull Arm facility were excluded in estimating the revenue from Rate 2.4. 

2. The rates effective April 1, 1997 and approved by the Board in Order No. P.U. 14 (1996-97) 
were used in the calculations of revenue from standard rates (i.e., existing rates excluding 
Rate Stabilization and Municipal Tax adjustments). 

3. Forfeited prompt payment discounts and transformer ownership credits were excluded in 
performing the revenue reconciliations. We assumed the amounts of these adjustments 
would be the same for the standard, time of day, and seasonal rates. 

4. The on-peak and off-peak energy usage was estimated from data gathered through 
the Company's load research program. The on-peak demands were assumed to equal 
the winter season monthly billing demands. 
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Domestic Revenue Reconciliation 

Standard Rate 
Units Price Revenue 

Number of Customer Monthly Bills in 1997 2,169,107 $ 16.16 $ 35,052,769 

Energy Usage (kwh) 2,653,300,000 0.06420 $ 170,34 1,860 

Total 

Time of Use Rate 

Number of Customer Monthly Bills in 1997 

On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) 

Off-Peak kwh 

Total 

Seasonal Rate 

Number of Customer Monthly Bills in 1997 

Winter Season kwh 

Non-Winter Season kwh 

Total 

Units Price Revenue 
2,169,107 $ 16.16 $ 35,052,769 

835,370,400 0. I0990 $ 91,807,207 

1,8 17,929,600 0.04320 $ 78,534,559 

$ 205,394,535 

Units Price Revenue 
2,169,107 $ 16.16 $ 35,052,769 
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General Service Revenue Reconciliation - Standard Rates 

Rate 2.1 Units 
umber of Customer Monthly Bills in 1997 128,830 $ 

Energy Usage (kwh) 89,8 16,641 

Price Revenue 
18.39 S 2,369.1 84 

( Three Phase Minimum Monthly Charge 3,726 

Units 
91,856 $ 

Price Revenue 
19.80 $ 1,8 18.749 Number of Customer Monthly Bills in 1997 

( Winter Billing Demand (kW) 
Non-Winter Billing Demand (kW) 

I Energy Charges First 1 5 O M h k W  
Excess 

Maximum Monthly Charge (kwh) 
Minimum Monthly Charge $IkW 
Three Phase Minimum Monthly Charge 

I A,, 

b Rate 2.3 - 

Number of Customer Monthly Bills in 1997 
Units Rice Revenue 

10,860 $ 89.11 $ 967,735 

Winter Billing Demand (kVA) ( Non-Winter Billing Demand (LVA) 

Energy Charges First 15OkWMtVA (Max. 30,000) 
Excess ' Maximum Monthly Charge (kwh) 

I 
Minimum Monthly Charge $IkW 

Rate 2 4  I Number of Customer Monthly Bills in 1997 
Units Pnce Revenue 

448 $ 178.22 $ 79,843 

Winter Billing Demand (kVA) ( Non-Winter Billing Demand (LVA) 

I Energy First 100,000 kwh 
Excess 

b Total Revenue From Standard General Service Rates 
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1. 
General Service Revenue Reconciliation - Time of Day Rates 

Rate 2.1 Units Price Revenue 
umber of Customer Monthly Bills in 1997 128,830 $ 25.00 S 3,120,750 

On-Peak kwh (7 AM to 10 PM Weekdays) 24,193,046 0.16270 $ 3.936.209 

(9 A M  to 10 PM Weekends) ( Off-Peakkwh 65,623,595 0.04320 S 2,834.939 

Total Rate 2.1 

Rate 2.2 
Number of Customer Monthly Bills in 1997 

( Rate 2.2 - Secondary - 
On-Peak Billing Demand (kW) 

) On-Peak kWh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) 

Off-Peak kWh 
Rate 2 2  - Primary 

On-Peak Billing Demand (kW) 

I ^On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) 

Off-Peak kwh 

Rate 2 3  

) Number of Customer Monthly Bills in 1997 

Rate 2.3 - Secondary I On-Peak Billing Demand (kVA) 

On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) I Off-Peakk, 

Rate 2.3 - Primary 

I On-Peak Billing Demand (kVA) 

On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) 

Rate 2.3 - Transmission 
On-Peak Billing Demand (kVA) 

On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM weekends) 

off-, k m .  

5 9,99 1.898 

Units Price Revenue 
91,856 $ 41.00 $ 3,166,096 

Units Price Revenue 
10,860 $ 89.11 $ 967,735 
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General Service Revenue Reconciliation - Time of Day Rates 

Rate 2,4 Units Price Revenue 

umber of Customer Monthly Bills in 1997 448 S 178.22 S 79,843 

Rate 2.4 - Secondary 
On-Peak Billing Demand (kVA) 20,437 21.17 $ 432,65 1 

1 On-Peak kwh (7 AM to 10 PM Weekdays) 18,455,747 0.04670 $ 861 383 
(9 AM to 10 PM Weekends) 

59,47 1,453 0.04320 $ 2,569,167 
Rate 2.4 - Primary i off-peakkm 

On-Peak Billing Demand (kVA) 237,708 20.15 $ 4,789,8 16 

( On-Peak kwh (7 AM to 10 PM Weekdays) 
(9 AM to 10 PM Weekends) 

Rate 2.4 - Transmission m off-peA On-Peak Billing Demand (kVA) 

( On-Peak kwh (7 AM to lO PM Weekdays) 
(9 A M  to 10 PM Weekends) 

Off-Peak kwh 

I Total Rate 2.4 

Total Revenue From Time of Day Geneial Service Rates b 
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General Service Revenue Reconciliation - Seasonal Rates 

Rate 2.1 Units Price Revenue 
umber of Customer Monthly Bills in 1997 128,830 5 25.00 .5 3,270.750 

Winter Season (kwh) 36,924,619 0.12164 $ 4,49 1,502 

[ Non-Winter Season (kwh) 

Total Rate 2.1 

I Rate 2.2 
Number of Customer Monthly Bills in 1997 

I Rate 2.2 - Secondary 
Winter Season Billing Demand (kW) 

[ Winter Season (kwh) 

Non-Winter Season (kwh) 
Rate 2.2 - Primary 1 Winter Season Billing Demand (IrW) 

( Winter Season (kwh) 

Non-Winter Season (kwh) 

b Total Rate 2.2 

Rate 2.3 ( Number of Customer Monthly Bills in 1997 

Rate 2.3 - Secondary 

I Winter Season Billing Demand (kVA) 

Winter Season (kwh) 

( Non-Winter Season (kWh) 
Rate 2.3 - Primary 

I Winter Season Billing Demand (kVA) 

Winter Season (kwh) 

( Non-Winter Season (kwh) 
Rate 2.3 - Transmission 

Winter Season Billing Demand (kVA) 

1 Winter Season (kwh) 

( Non-Winter Season (kwh) 

Units Price Revenue 
91,856 $ 41.00 $ 3,766,096 

Units Price Revenue 
10,860 $ 89.1 1 $ 967,735 
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General Service Revenue Reconciliation - Seasonal Rates 

Rate 2.4 Units h c e  Revenue 

umber of Customer Monthly Bills in 1997 448 5 178.22 5 79.843 

Rate 2.4 - Secondary - 
Winter Season Billing Demand (kVA) 

( Winter Season (kwh) 

Non-Winter Season (kwh) 
Rate 2.4 - Primary 

Winter Season Billing Demand (kVA) 

( Winter Season (kwh) , Non-Winter Season (XW) 
Rate 2.4 - Transmission 

Winter Season Billing Demand (kVA) 

/ Winter Season (kwh) 

Non-Winter Season (kwh) 7,437,000 0.04160 $ 309,379 

Total Revenue From Seasonal General Service Rates b 
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t CARRYING CHARGE COST ASSOCIATED WITH A NEW TIME-OF-DAY METER 
Based on Annualizing Capital Expenditures using the Economic Carry Charge Method 

I 
MARGINAL COST OF METERS 

a Investment Difference between TOD meter and non-TOD meter 
b Increm. Capitalized Gen. Expense (c X 9.6%) 

( c General Plant Loading (a X 12.5%) 

d Total Marginal Investment Cost - 

I e Annualization Factor 
f Plant Related Gen. Exp. Loading 

I Annualized Cost of Capital Additions 

Working Capital 

j Materials and Supplies (d X 0.46%) 
k Prepayments (d X 0.28%) 

m Revenue Req'd for Working Capital (Cj+k+m) X 13.02%) 

Total Marginal Working capit& 

TOTAL CARRYING CHARGE PER YEAR 

) TOTAL CARRYING CHARGE PER MONTH 

I 
Time-of-Day Rate Metering Surcharge per month 




