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On page 1 of the Cost of Service Evidence, it is stated: “None of the
recommendations or results from the Newfoundland Power Generation
Report, Rate Stabilization Plan Report or Marginal Cost Study have been
included in the COS.” Please explain in detail why none of these
recommendations or results were included in the COS. Also, please provide
as exhibits for the record, the Rate Stabilization Plan Report and the

Marginal Cost Study.

Please see response to CA 46 NLH as to why none of the referenced reports
recommendations or results were included in the COS. The Rate
Stabilization Plan Report, the Marginal Cost Study, and the NERA
“Implications of Marginal Cost Results for Revenue Allocation and Rate

Design” reports are attached.
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Af g Rate Stabilization Plan Report

1 Introduction

This Rate Stabilization Plan (RSP) report was prepared by Newfoundland and Labrador Hydro
(Hydro) in response to the Board of Commissioners of Public Utilities (the Board) Order No.
P.U. 14 (2004), p. 78, which stated:

“The Board will direct NLH to complete a review of the operation
of the RSP for the period January 1, 2004 to December 31, 2005.
A report on this review setting out an assessment of the impact on
customers should be filed with the Board no later than June 30,

2006.”

The Board’s full order is available from its website at:

http://n225h099.pub.nf.ca/orders/order2004/pu/pul4-2004.pdf

Hydro is also taking this opportunity to introduce a potential new provision of the RSP to

stabilize fuel-related expenses for Hydro’s isolated systems.

The attached report contains conclusions, some of which propose modifications to the RSP rules.
It is Hydro’s intention to discuss these potential changes during the mediation process; none of

these proposals have been included in Hydro’s upcoming general rate application.

Newfoundland and Labrador Hydro 1
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2 Background

Hydro’s RSP was first established in 1986 for Newfoundland Power (NP) and the Island
Industrial customers (IC) to smooth rate impacts for certain variations between actual results and
test year Cost of Service (COS) estimates for: (i) hydraulic production, (ii) No. 6 fuel cost used
at Hydro’s Holyrood generating station, and (iii) customer load (NP and IC)." It was developed
primarily in response to customer complaints of high electricity bills in the winter, caused
monthly rate adjustments through the fuel adjustment clause of Hydro’s rate schedule. Through
this clause, customers were charged monthly variances in fuel costs in the following month.
When there were large fuel cost increases in the winter, customers’ rates could increase
substantially at the same time they were experiencing high consumption. The RSP replaced this
clause and also Hydro’s water equalization provision, used to balance out Hydro’s costs for

varying hydraulic production.

From 1986 until the late 1990’s, the RSP functioned reasonably well. The combined impact of
hydraulic variations, fuel price variations and load variations produced acceptable RSP balances

and customer rate impacts.

In 2001, the combined RSP balance grew nearly two and one-half times from $35 million to $85
million. RSP balances since 2000 are shown in Table 1. Full RSP history since 1986 is

contained in Appendix A, and customer rates are in Appendix B.

"In 1993, NP’s RSP was modified to include provisions relating to Rural rate changes.

Newfoundland and Labrador Hydro 2
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Table 1: Customer Plan Balances

RSP Balances ($ 000)

Newfoundland | Industrial | Hydraulic Total

Power Customers | Variation RSP
2000 22,684 12,056 N/A 34,740
2001 60,300 24,768 N/A 85,068
2002 92,060 32,711 N/A 124,771
2003 114,790 40,914 N/A 155,704
2004 106,570 35,986 (5,521) | 137,035
2005 79,900 23,790 | (10,625) 93,065

At Hydro’s 2001 General Rate Application (GRA), the RSP became an issue due to the size of
uncollected balances owing from customers, and also there was concern that the RSP was
distorting the price signal customers received. There were extensive discussions and the Board
made a number of findings and recommendations in Order No. P.U. 7 (2002-2003). These

included:
e Changes to historical and current plan write-off periods; and
e Simplified calculations to determine the allocation of activity between NP and IC.

At Hydro’s next GRA in 2003, the RSP was again an issue due to continuing high balances
owing from customers, the resulting distortion to price signals, and proposed customer rate
impacts of dealing with the high balances. Hydro, NP, IC and the Consumer Advocate achieved
a consensus regarding a number of changes to the operation of the RSP. These changes

included:
e A change in the customer recovery/repayment related to hydraulic variations;
e Commencement of an annual fuel rider;

e A change in the customer assignment for the fuel component of customer load variation;

Newfoundland and Labrador Hydro 3
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e Forecast of financing charges, combined with a one-year recovery/repayment period for

the current plan; and
e Changes to the historical plan and the write-off periods.

In the Board’s Order P.U. 40 (2003), the Board approved the changes as agreed to among the
parties, effective January 1, 2004. This report reviews each of the changes for the two-year

period since implementation.

Newfoundland and Labrador Hydro 4
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3 RSP Revisions

Each of the following changes to the RSP, approved by the Board at Hydro’s 2003 GRA in P.U.
40 (2003), is reviewed in context of the objective of the change, the 24-month period operating

results, and Hydro’s conclusions related to the change:
e Hydraulic variation;
e Fuel price variation and fuel rider;
e Customer Load Variation;
e Current plan recovery/repayment;
e Historical plan balances and write-offs.

3.1 Hydraulic Variation

Background

The hydraulic variation provision of the RSP smoothes customer rate impacts and stabilizes
Hydro’s financial position for varying levels of hydraulic production. Variations in hydraulic
production (due to changes in rainfall and snowfall) impact levels of production at Holyrood and
the amount of No. 6 fuel consumed. Hydro will owe money to customers when hydraulic
production is higher than the test year® and there is lower consumption of No. 6 fuel at Holyrood.
Customers will owe money to Hydro when hydraulic production is below test year levels and
more barrels of No. 6 fuel are consumed at Holyrood. Over an extended period of time,
cumulative hydraulic production variations should tend toward zero because test year production

is set to the average expected from historical hydrological records.

Prior to 2001, the combined hydraulic and fuel price variations resulted in reasonable RSP
balances’. In 2001, high fuel prices combined with below average hydraulic production levels

produced RSP balances which were unacceptably high. Also, the method of setting customer

? Customer base rates are established on test year data, which incorporate average hydraulic production levels.
3 See Appendix A.

Newfoundland and Labrador Hydro 5
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adjustment rates contributed to the problem because it was based on a perpetual or rolling one-
third write-off of customer plan balances each year. With balances growing year over year, the

adjustment rates did not produce the desired result of reducing plan balances.

During the 2003 GRA, there were several problems recognized with the hydraulic variation

provision of the RSP:

e Over time, variations in hydraulic energy production would tend toward zero, but the
value of hydraulic energy variations would never tend toward zero with increases and

decreases in energy production priced at different test year fuel prices over the years.

e Increased hydraulic production could offset high fuel prices, obscuring proper marginal

thermal production pricing signals.

e Incorporating the full hydraulic variation into annual customer rate adjustments does not
accommodate the natural tendency of the hydraulic production variation provision to tend
toward zero over time. Furthermore, when the perpetual rolling three-year write-off
period was replaced with a discrete two-year write-off period in 2002, inclusion of the
full hydraulic variation could unnecessarily increase the volatility of customer rate

adjustments.
¢ Financing charges became a significant factor when dealing with large RSP balances.

A summary of recent changes to the hydraulic variation is shown in Table 2:

Table 2: Hydraulic Variation Change Summary

Effective Sept 1, 2002 Effective Jan 1, 2004
Change Previous Order No. P.U. 7 (2002-2003) | Order No. P.U. 40 (2003)
Customer Assignment Monthly Monthly Annually

Frequency

Customer Assignment | 100% of activity, plus 100% of activity, plus 100% of | 25% of life-to-date activity,

Amount 100% of financing financing plus 100% of financing
Recovery Period izg)etual or rolling 3- Discrete 2-year write-off Discrete 1-year write-off
Newfoundland and Labrador Hydro 6
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Beginning January 1, 2004, the customer assignment is now performed annually in December of
each year, and is based on 25% of the life-to date hydraulic variation, plus 100% of the current
year financing charges. The remaining portion of the life-to-date hydraulic variation remains on
Hydro’s balance sheet in the Hydraulic Variation Account, with the assumption that future

production variations will offset the account balance.

Analysis

The reasonableness of the balance in the hydraulic variation account can be determined with a
comparison between the cumulative energy variation and the cumulative account balance. They
should both reflect the same circumstance (i.e., above average cumulative production should be
represented with a credit account balance, and vice versa). Table 3 shows the cumulative energy
and amounts in the Hydraulic Variation Account. These amounts are derived from 2004 test
year fuel costs (average of $30/bbl), and hydraulic production variations will continue to be
valued at this level until Hydro receives Board approval for a new test year. With current and
projected fuel prices in the $55/bbl range, a new test year will mean the value of each kWh of
variation will be more than 80% higher. Using hydraulic production variances since 1986 at
$55/bbl fuel, the balance in the Hydraulic Variation Account could move between a positive

$80 million and a negative $120 million.

However, the Hydraulic Variation Account is intended to function over an extended period of

time and there has not yet been enough experience to draw any conclusions.

Table 3: Cumulative Hydraulic Variation

(Above) Below Average Production

GWh $ 000
Year Annual Cumulative Annual Cumulative
2004 (183) (183) (5,522) (5,522)
2005 (187) (370) (5,104) (10,626)

" Account balance after year-end customer assignment.

Newfoundland and Labrador Hydro 7
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Conclusion

The cumulative energy and dollar amounts should continue to be monitored to ensure the
reasonableness of the balance of the Hydraulic Variation account and that the balance continues

to represent a level which Hydro should carry on its balance sheet.

3.2 Fuel Price Variation and Fuel Rider

Background

The fuel price variation provision of the RSP smoothes customer rate impacts and stabilizes
Hydro’s financial position for changes in the cost per barrel of No. 6 fuel consumed at Holyrood.
Hydro will owe money to customers when unit fuel costs are lower than the test year forecast;

customers will owe money to Hydro when unit fuel costs are above the test year forecast.

Beginning in 2000, fuel costs per barrel were more than twice the level built into customer base
rates, resulting in large balances accumulating in the RSP. Even over the course of only a few
months, significant amounts accumulated in the RSP due to fuel price variations: $14 million for
the four-month period September to December, 2002, and a further $31 million in the following
six-month period. Chart 1 reflects a comparison between actual fuel costs and the fuel prices

reflected in customer rates.

Newfoundland and Labrador Hydro 8
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Chart 1: No. 6 Fuel
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During the 2003 GRA, the following problems were identified with the fuel price variation

provision of the RSP:

e A two-year adjustment period did not prevent large plan balances and produced high

customer rate adjustments.

e Once large plan balances were established, compound financing resulted in an additional

burden.

A summary of recent changes to the fuel price variation is shown in Table 4.

Newfoundland and Labrador Hydro
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Table 4: Fuel Price Variation Change Summary

Change

Previous

Effective Sept 1, 2002
Order No. P.U. 7 (2002-2003)

Effective Jan 1, 2004
Order No. P.U. 40 (2003)

Basis for Customer

Current December

Current December plan balances

NP: Current March plan balance

bl

Adjustment plan balances plus projected financing charges;
Calculations IC: Current December plan balance
plus projected financing charges
Fuel Rider - - Fuel price projection incorporated
into customer adjustment rates
Recovery Period Perpetual or rolling Discrete 2-year write-off Discrete 1-year write-off

3-yr

Fuel rider calculations were introduced in an attempt to gain control over fuel price variations in
the RSP and to send the proper price signal to customers. Under the existing RSP rules, the fuel
rider is eliminated from customer RSP rates upon implementation of new base rates, based on the
presumption that the latest available fuel forecast would be incorporated into customer base
rates, making a fuel rider unnecessary. Because customer base rates changed on July 1, 2004,
fuel riders were first implemented for IC as of January 1, 2005 (based on the September 2004
fuel price forecast) and for NP as of July 1, 2005 (based on the March 2005 fuel price forecast).

The change to the one-year write-off period was also an essential element in providing customers

with timely price signals.

Analysis

The performance of the IC fuel rider adjustment to date is shown in Table 5. Of the $3.2 million
IC fuel price variation for 2005, $2.4 million, or 76%, was collected on a current basis through
the fuel rider. Also, because the fuel price variation was in part collected on a current basis,

financing charges were lower by approximately $89,000.

Newfoundland and Labrador Hydro 10
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Table 5: Industrial Fuel Rider Performance

IC
Fuel Price Fuel Rider
Variation Sales Fuel Rider Adjustment
$ kWh @ $/kWh $
2005 Jan (136,044) 112,560,731 0.00196 220,619
Feb 114,532 109,136,716 0.00196 213,908
Mar 406,545 122,483,694 0.00196 240,068
Apr 319,648 110,682,063 0.00196 216,937
May 60,554 105,616,596 0.00196 207,009
Jun 15,881 98,776,302 0.00196 193,602
Jul 237,445 110,910,423 0.00196 217,384
Aug 116,722 116,298,285 0.00196 227,945
Sep 215,033 115,676,988 0.00196 226,727
Oct 543,057 106,076,844 0.00196 207,911
Nov 693,829 67,881,626 0.00196 133,048
Dec 620,173 60,801,066 0.00196 119,170
Totals 3,207,375 1,236,901,334 2,424,327
" December 2005 RSP Report, p. 7
@ December 2005 RSP Report, p. 9

The performance of the NP fuel rider adjustment to date is shown in Table 6. Of the $10.1
million NP fuel price variation for the last six months of 2005, $8.8 million, or 88%, was
collected on a current basis through the fuel rider. However, the fuel price variation in the RSP
is based on Holyrood production levels and needs to be viewed over a full 12-month period

before any firm conclusions can be drawn.

Newfoundland and Labrador Hydro
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Table 6: Newfoundland Power Fuel Rider Performance

NP
Fuel Price Fuel Rider
Variation " Sales Fuel Rider Adjustment
$ kwh @ $/kWh $
2005 Jul 908,328 270,899,447 0.00428 1,159,450
Aug 459,002 272,663,419 0.00428 1,166,999
Sep 798,506 279,940,844 0.00428 1,198,147
Oct 2,095,571 345,179,856 0.00428 1,477,370
Nov 2,961,131 402,642,350 0.00428 1,723,309
Dec 2,867,191 492,152,859 0.00428 2,106,414
Totals 10,089,729 2,063,478,775 8,831,689
" December 2005 RSP Report, p. 7
@ December 2005 RSP Report, p. 8

As mentioned earlier, there was no fuel rider in place for NP on July 1, 2004, due to the change
in base rates at the same time. However, depending upon the timing of a change in base rates,
there may be a more current fuel rider forecast available than that used to establish test year base
rates. The existing fuel rider provisions could function to update the fuel forecast, if appropriate,

at the time new base rates are established.

For example, the September 2003 fuel forecast was used to establish 2004 test year base rates.
When base rates were changed on July 1, 2004, the March 2004 fuel forecast was available for
the purpose of establishing NP’s fuel rider, but was not used in accordance with the current RSP
rules. If the March 2004 fuel forecast had been implemented on July 1, 2004, it would have
added $2.70 per barrel into customers’ rates and partially offset the average fuel price variation.
For NP, the average fuel price variation for the period July 2004 to June 2005 was $4.95 per
barrel. For IC, the average fuel price variation for the period July 2004 to December 2004 was
$3.93 per barrel Instead, these variances were reflected in NP rates one year later on July 1,

2005 and in IC rates on January 1, 2005.

Newfoundland and Labrador Hydro
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Conclusion

Hydro is satisfied that to date the fuel riders have anticipated the correct fuel price trend, that
they are significantly reducing customer plan balances from what they otherwise would be, and

that customers are provided with an appropriate and timely price signal.

Hydro believes that the rules governing the application of the fuel rider should be changed such
that when new test year base rates are implemented, if there is a more current fuel rider forecast

(either September or March), it should be implemented at the same time as the change in base

rates.
3.3 Customer Load Variation
Background

At Hydro’s 2003 GRA, the parties agreed that both the revenue and the fuel amounts related to
load variation should be assigned to the plan (NP or IC) where the load variation occurred.
Previously, revenues were assigned to the plan based on which customer class caused the load
variation, but the related fuel costs were allocated between NP and IC based on the 12 months-
to-date energy ratios for each customer class. The change in customer assignment was
considered to improve fairness because costs would now be assigned between NP and IC based

on causality. Recent changes are summarized in Table 7.

Table 7: Customer Load Variation Change Summary

Effective Sept 1, 2002 Effective Jan 1, 2004

Change

Previous

Order No. P.U. 7 (2002-2003)

Order No. P.U. 40 (2003)

Fuel Component of
Load Variation

Cost of service
allocation

Energy allocation ratios

100% where incurred

Revenue
Component of Load
Variation

100% where incurred

100% where incurred

100% where incurred

Recovery Period

Perpetual or rolling
3-year

Discrete 2-year write-off

Discrete 1-year write-off

Newfoundland and Labrador Hydro
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Analysis

One measure of fairness when it comes to evaluating the customer allocations performed in the
RSP is the degree to which the RSP adjustment rate anticipates a re-setting of customer base
rates using a Cost of Service study. If the change were to be incorporated into a new test year,
the RSP adjustment rate should be representative of the change to base rates. Hydro has
evaluated both the previous and the existing RSP allocation of customer load variation against
the Cost of Service treatment’. This evaluation showed that both the previous and existing
methods produce widely different results which led Hydro to conclude that the customer
allocation for the load variation should be revised so that it is more closely aligned with Cost of

Service treatment.

Hydro intends to propose a change in the method of allocating the load variation component of
the RSP such that both the revenue and the fuel components of the load variation will be
allocated between NP and IC using customer energy allocation ratios. In effect, customers will
be allocated with Hydro’s bottom line impact in the same proportion as energy costs are shared
in a test year Cost of Service. Table 8 compares the 2004 Test Year Cost of Service
implications (based on $30/barrel No. 6 fuel) of IC load variations with the existing and previous
RSP treatments, as well as the proposed treatment. Table 9 shows the same IC load variations

based on a preliminary 2007 Test Year Cost of Service and $55/barrel No. 6 fuel.

Table 8: IC Load Variation Analysis (2004 Test Year)

Net Customer Impacts ($ 000)
($30/barrel No. 6 Fuel)
IC Load Reduction IC Load Increase
100 GWh 100 GWh
IC NP 1C NP
2004 Cost of Service treatment (367) (1,436) 493 1,623
Existing RSP allocation (100% fuel allocation) (2,087) 0 2,087 0
Previous RSP allocation (fuel allocated on energy ratios) 1,757 (3,547)  (1,641) 3,440
Proposed RSP Allocation (fuel and revenue allocated on energy ratios) (402) (1,555) 453 1,507

* Cost of Service treatment reflects the change in fuel costs associated with the load variation, plus the reallocation
of test year energy costs due to the change in customer allocation energy ratios. NP impacts contained in this report
do not include any re-allocation of the Rural deficit.

Newfoundland and Labrador Hydro
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Table 9: IC Load Variation Analysis (Preliminary 2007 Test Year)

2007 Cost of Service treatment
Existing RSP allocation (100% fuel allocation)

Previous RSP allocation (fuel allocated on energy ratios)

Proposed RSP Allocation (fuel and revenue allocated on energy ratios)

Net Customer Impacts ($ 000)
($55/barrel No. 6 Fuel)

IC Load Reduction
100 GWh

IC Load Increase

100 GW!

h

(618)
(4,930)
2,673

(636)

NP

IC

(3,774) 823 4,

4,930

(7,041)  (2,434) 6,
(3,976) 771 3,

NP

022
0

819
851

Tables 8 and 9 both show that the existing allocation of IC load variation is an improvement

over the previous method, but that it is not closely aligned with the Cost of Service treatment.

However, for both test years, the tables demonstrate that the proposed allocation method is

indeed in line with the Cost of Service treatment.

While the existing RSP allocation may seem advantageous to IC in light of the recent reduction

in Abitibi Consolidated Inc. (ACI) Stephenville’s load, the reverse is also true. If there is an

increase in IC load, the IC will be allocated with 100% of the fuel costs associated with the

increase in load.

Results for the same load variation for NP, for both the 2004 and 2007 Cost of Service, are

shown in Table 10 and Table 11.

Table 10: NP Load Variation Analysis (2004 Test Year)

Net Customer Impacts ($ 000)
($30/barrel No. 6 Fuel)

2004 Cost of Service treatment
Existing RSP allocation (100% fuel allocation)

Previous RSP allocation (fuel allocated on energy ratios)

Proposed RSP Allocation (fuel and revenue allocated on energy ratios)

NP Load Reduction NP Load Increase
100 GWh 100 GWh
NP IC NP IC
504 397) (487) 459
(62) 0 62 0
1,230 (992) (1,191) 962
(45) (13) 46 13

Newfoundland and Labrador Hydro
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Table 11: NP Load Variation Analysis (Preliminary 2007 Test Year)

Net Customer Impacts ($ 000)
($55/barrel No. 6 Fuel)
NP Load Reduction NP Load Increase
100 GWh 100 GWh
NP IC NP IC
2007 Cost of Service treatment 1,205 (652) (1,172) 753
Existing RSP allocation (100% fuel allocation) 170 0 (170) 0
Previous RSP allocation (fuel allocated on energy ratios) 2,008 (1,269)  (1,950) 1,229
Proposed RSP Allocation (fuel and revenue allocated on energy ratios) 134 25 (135) (24)

The improvement of the proposed allocation method over the existing allocation method is not as
pronounced for NP as it is for [C. With NP’s end block rate based on the average cost of No. 6

fuel, NP’s net load variation will be small.

Conclusion

Hydro intends to propose a change to the customer allocation for the load variation provision of
the RSP such that both the revenue and the fuel components of the load variation for both NP

and IC are allocated on customer energy ratios.

3.4 Current Plan Recovery/Repayment

At a time when RSP balances were high, customer adjustment rates were based on a perpetual or
rolling three-year write-off, and excluded forecast financing charges. Both of these factors
contributed to unreasonably high plan balances and excessive financing charges, resulting in an
improper price signal. The rolling three-year write-off did not deal successfully with significant
activity in the plan. Rate impacts were smoothed and deferred, but high plan balances and

compound financing charges placed an additional burden on ratepayers.

Commencing July 1, 2005 for NP and January 1, 2006 for IC, customer adjustment rates to
recover current plan balances incorporated forecast financing charges and a one-year recovery
period. Because the annual fuel rider has controlled current plan balances effectively, the
anticipated benefits of these rate-setting provisions have not been necessary, but may prove

useful in the future. Table 12 shows representative plan balances for both NP and IC and the

Newfoundland and Labrador Hydro 16
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difference in financing charges between the previous method and the current method of setting

adjustment rates

Table 12: Comparison of Financing Charges

$ 000
NP IC
Financing Charges Financing Charges
Plan Previous Current Plan Previous Current
Balance Recovery Recovery Balance  Recovery Recovery
30,000 2,391 1,143 10,000 818 401
60,000 4,783 2,287 20,000 1,636 801
90,000 7,172 3,430 30,000 2,454 1,202

Conclusion

Hydro believes that should large RSP balances recur, both the forecast financing and the one-

year recovery provisions will prove worthwhile and these provisions should be retained.

3.5 Historical Plan Balances and Write-Offs

Balances in the RSP first became an issue at Hydro’s 2001 GRA due to the large amounts owed
by NP and IC to Hydro. In the order arising from that GRA, P.U. 7 (2002-2003), the Board fixed
the outstanding historical RSP balance as of August 2002 and changed the recovery period for
this balance from a perpetual annual one-third collection to a fixed five-year period. Outstanding
RSP balances were again an issue at Hydro’s 2003 GRA, due to an additional $61 million
activity occurring between September, 2002 and December 2003. In Order P.U. 40 (2003), the
Board rolled the December 2003 current plan balances in with the historical plan balance, and
maintained the original 5-year recovery period for the revised historical plan. The IC recovery
period is due to finish December 31, 2007; NP’s recovery period is due to finish June 30, 2008.
Table 13 shows a recap of the historical RSP balances.

Newfoundland and Labrador Hydro
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Table 13: Historical RSP

RSP Balances Collection Rates ")
($ million) Write-Off (mills/kWh)
NP IC Total Period NP IC
Dec 2002 Original Historical 76.2 28.0 104.3 5 3.24 4.23
Dec 2003 Original Historical 70.2 24.4 94.6 3.66 4.68
Sep 02 to Dec 03 Activity 44.6 16.6 61.1 2.49 3.18
Revised Historical 114.8 40.9 155.7 4 6.15 7.86

Dec 2004 Revised Historical 101.7 323 133.9 3 6.36 7.51
Dec 2005 Revised Historical 79.8 25.1 104.9 2 7.07 10.14
Dec 2006 Revised Historical (Forecast) 52.7 18.5 71.1 1 7.52 22.77
Dec 2007 Revised Historical (Forecast) 19.4 0.0 19.4 -- -- --

() NP rate is effective July 1 of the next year; IC rate is effective January 1 of the next year.

With the introduction of the fuel rider and the one-year write-off period for the current plan,
annual RSP customer adjustment rates should, in the future, be more representative of current
year activity. These changes, in conjunction with the change in customer assignment related to
the hydraulic variation provision, are intended to prevent current activity from escalating
customer balances to the point where current activity would once again be rolled into historical

plan balances and written off over an extended period.

The Board has indicated’ that further extension of the recovery period beyond 2007 is not
consistent with the principle of intergenerational equity and increases the risk that future

industrial customers may be required to pay for costs that they did not cause to be incurred.

Hydro believes that the new provisions of the RSP will significantly reduce the size of future
plan balances with the intent that the 2003 levels will not recur. With the collection of current
activity under much-improved control, Hydro has indicated a willingness to consider some
flexibility with the collection of outstanding historical plan balances, provided there is agreement

among customers and provided consideration is given to the issue of intergenerational equity.

> Board Order P.U. 54(2004) was issued in response to a request by IC for rate relief when the fuel rider was
implemented January 1, 2005.

Newfoundland and Labrador Hydro
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Conclusion
Hydro has indicated a willingness to extend the recovery period for the historical RSP, provided
that there is agreement among customers and there is consideration given to the issue of

intergenerational equity.

Newfoundland and Labrador Hydro
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4 Customer Impacts

4.1 IC Rate Impacts

This section explores the significant customer rate impacts related to the combined effects of the

IC historical plan balances and IC load variations.

The January, 2006 rate for the IC historical plan is 10.14 mills/kWh, and was intended to collect
$12.5 million. The rate was established based on 12 months-to-date energy sales for the class as
of December, 2005, and does not include projected financing, unlike the adjustment rate for the
current plan. With ACI Stephenville’s load reduced for all of 2006, this rate is forecast to collect
only $8.2 million of the $12.5 million, leaving an additional $4.3 million for collection in 2007.
This extra $4.3 million, plus financing charges for 2006 of $1.6 million and the reduced IC load
are forecast to more than double the mill rate for the historical IC plan for 2007 from 10.14
mills/kWh in 2006 to 22.77 mills/kWh in 2007.

By itself, this increase would appear to be onerous to the [C. However, the large increase in the
historical plan rate is projected to be offset with a considerable credit from the current plan. The
credit is forecast to be 15.43 mills/kWh and is due to the net fuel savings associated primarily
with ACI Stephenville’s reduced load in 2006, accompanied by forecast higher than average
hydraulic production for 2006. Without the combined impact from the historical and current
plans, the IC RSP adjustment rate would be unstable. The IC rates for 2005 to 2007 are shown
in Table 14. The projected change in the RSP rate on January 1, 2007 due to the elimination of
the fuel rider should be considered in context of the full change in base rates, which is beyond

the scope of this review.

Table 14: IC RSP Rates

(mills/kWh)
1-Jan-2005 1-Jan-2006 1-Jan-2007
Actual Actual Forecast
Current Plan 2.70 (1.09) (15.43)
Historical Plan 7.51 10.14 22.77
Fuel Rider 1.96 6.40 -
Total RSP Adjustment Rate 12.17 15.45 7.34
Newfoundland and Labrador Hydro 20
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The change proposed for the customer allocation of load variation, plus adherence to the existing
recovery schedule for historical plan balances should act to reduce such volatility in customer

rates.

4.2 RSP Adjustment Rates for Aur Resources

In 2006, the special circumstances surrounding Hydro’s new Industrial customer, Aur Resources,
Inc., led Hydro to propose’ that Aur Resources should be exempt from paying the IC historical
plan rate for 2006. Hydro considered this exemption was warranted as a measure of fairness to

address the intergenerational equity referred to previously.

Conclusion

If the Board grants the proposed exemption for Aur Resources from the historical RSP

adjustment rate for 2006, the exemption should continue until the IC historical plan is eliminated.

4.3 NP Rate Impacts

NP’s load is generally stable and growing, and NP will not experience the wide swings in RSP
rates which the IC have experienced due to load variation. However, NP currently has a
significant annual recovery for its share of the historical RSP. While this rate remains stable
until the historical plan recovery is completed June 30, 2008, NP’s RSP adjustment rate for July
1, 2008 will reflect the removal of the historical plan component of the RSP. Table 15 shows
actual and forecast RSP rates for NP.

Table 15: NP RSP Rates

(mills/kWh)
1-Jul-2005  1-Jul-2006  1-Jan-2007 1-Jul-2007
Actual Forecast Forecast Forecast
Current Plan 0.81 (0.29) (0.29) (1.90)
Historical Plan 6.36 7.07 7.07 7.52
Fuel Rider 4.28 9.38 - 0.13
Total RSP Adjustment Rate 11.45 16.16 6.78 5.75

% Hydro’s Application to the Board dated January 18, 2006.

Newfoundland and Labrador Hydro 21
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As with IC, elimination of the fuel rider on January 1, 2007 should be considered in the context

of the change in base rates, and not in isolation of the total RSP adjustment rate.

4.4 Additional IC Concerns

In the last year, Hydro has had discussions with each of its Industrial customers relating to
various aspects of the RSP. With record high fuel prices in 2005, customer concerns and
requests have ranged from further deferrals of historical and current plan balances, to each
customer paying its own share of plan balances. ACI Stephenville’s impact on both historical
and current plans has been a concern in that customers believe they should not be charged with

any increase due to ACI Stephenville’s load reduction.

Options for changing the RSP include:
e asingle plan between IC and NP, with a single adjustment rate;
e separate individual IC plans; and
e no plan.

Hydro is willing to explore with its customers any alternatives which respond to customer needs
and which maintain the essential objectives of the RSP, with due regard to fairness between NP
and IC, and among each of the IC. Hydro believes that these options warrant consideration in
the future, after the existing historical plan balances, along with the offsetting credit from the

current plan, have been repaid. In the interim, Hydro offers the following comments.

A Single Plan

If the Board accepts Hydro’s proposal for allocation of the load variation component of the plan,
a single plan for NP and IC is possible. It would provide cross-subsidization between IC and NP
for the difference in what an adjustment rate was designed to repay/collect and what it actually
repaid/collected. In other words, a common balance would be used each year for annual rate-
setting. Any under or over collection or repayment would be readjusted across both NP and IC

each year.

Newfoundland and Labrador Hydro
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For a single plan to be implemented, the following would have to happen:

e The proposed common allocation of the load variation component of the plan would have

to be approved by the Board;
e The effective date for rate adjustments would have to be the same for both NP and IC; an

¢ Any plan component which is not common between NP and IC; e.g., Rural rate

alterations, would have to be adjusted with a separate rate or mechanism for NP.

In general, Hydro believes that a single plan would transfer some risk from the more volatile IC
class to NP. The allocations performed within the RSP are not perfect, and the Board may wish

to mitigate IC rate impacts in this fashion.

Individual IC Plans

With a small number of customers in the IC rate class, it is easy to conceptualize individual plans
for each of the IC. Hydro could consider supporting individual plans if individual plans did not
preclude a common customer allocation of load variations, as previously discussed. Hydro
envisions that individual plans would entail customer acceptance of the individual specific
liability, supported by contract provisions. It is also conceivable that individual IC plans would
allow tailored repayment/refund provisions that were mutually acceptable between the individual

customer and Hydro.

No Plan

A third possibility is that Hydro should offer an IC rate that excludes RSP adjustments and
instead, includes some form of monthly fuel adjustment. Presumably, elimination of the IC RSP
would also effectively eliminate the IC load variation provision. Hydro is not willing to forego
the bottom line protection which the load variation provision affords. The incremental cost of
Holyrood production (8.9 ¢/kWh) is significantly higher than the average all-energy industrial
rate (5.0 ¢/kWh). While savings from a load reduction would be addressed through Hydro’s
excess earnings account, fuel costs associated with an increase in load would negatively impact

Hydro’s net income at the rate of 3.9 ¢/kWh for each additional kWh sold.

Newfoundland and Labrador Hydro 23
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Conclusion

There are several possibilities for fundamental changes to the RSP. Hydro is willing to pursue
these or additional options with NP and the IC, but Hydro does not believe such changes should
be entertained until the historical plan balances, along with the offsetting credits from the current

plan, have been taken care of.

Newfoundland and Labrador Hydro 24
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5 Other Issues

This review of the RSP has raised the issue of isolated systems diesel fuel and power purchase

costs which Hydro believes is worthwhile exploring in the context of a complete RSP review.

5.1 Isolated Diesel Fuel and Power Purchase Costs

There has been an unprecedented increase in both diesel fuel and fuel-related power purchase

costs’ for isolated systems between Hydro’s 2004 test year forecast and the 2007 forecast.

Table 16: Isolated Systems Fuel-Related Costs

($000)
2004 Test 2007 Increase
Year Forecast $ 000 %
Isolated Systems Diesel Fuel 6,736 10,244 * 3,508 52%
Isolated Systems Power Purchases 771 1,677 906 118%
Total 7,507 11,921 4,414 59%
* Excludes Natuashish

Hydro believes that such variances present an unreasonable regulated net income risk to Hydro.
For the 2004 test year forecast, Hydro’s regulated net income was set at $11,612,000, and the

expected variance in 2007 represents more than one-third of 2004 test year net income.

Hydro wishes to explore options with its customers and the Board to identify a reasonable
solution that will limit Hydro’s financial exposure (both positive and negative) to variances in
isolated systems diesel fuel and power purchase costs. Hydro’s aim is to avoid an undue
administrative burden by using aggregate isolated diesel fuel and power purchase data. Through
a new provision of the RSP (similar to existing Rural deficit impacts which are stabilized), such
a mechanism would be proposed to collect additional fuel and power purchase costs from NP,

and similarly, would refund fuel and power purchase savings to NP.

" Power purchases for isolated systems are, in part, based on avoided fuel costs.

Newfoundland and Labrador Hydro 25
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Conclusion

Hydro believes that its financial exposure due to variations in the uncontrollable price of diesel
fuel, affecting both diesel fuel and power purchase costs for isolated systems, presents an
unreasonable net income risk for Hydro and Hydro should be afforded some protection through

the RSP.

Newfoundland and Labrador Hydro
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6 Customer Perspectives

Hydro anticipates that the conclusions and proposals contained in this report will be reviewed

with Hydro’s major customers during the mediation sessions.

Newfoundland and Labrador Hydro
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7 Conclusions

1.

Hydraulic Variation: Life-to-date energy and dollar amounts should continue to be
monitored to ensure the reasonableness of the balance of the Hydraulic Variation
account and that the balance continues to represent a level which Hydro is willing to

carry on its balance sheet.

Fuel Variation/Fuel Rider: Hydro is satisfied that to date the fuel riders have
anticipated the correct fuel price trend, that they are significantly reducing customer
plan balances from what they otherwise would be, and that customers are provided

with an appropriate and timely price signal.

Hydro intends to propose a change to the rules governing the application of the fuel
rider such that when new test year base rates are implemented, if the fuel rider
forecast is more current, it should be implemented at the same time as the change in

base rates.

Load Variation: Hydro intends to propose a change to the customer allocation for the
load variation provision of the RSP such that both the revenue and the fuel
components of the load variation are allocated between NP and IC based on customer

energy ratios.

Historical Plan Balances: Hydro has indicated a willingness to extend the recovery
period for the historical RSP, provided that there is agreement among customers and

there is consideration given to the issue of intergenerational equity.

If the Board grants the proposed exemption for Aur Resources from the historical
RSP adjustment rate for 2006, the exemption should continue until the IC historical

plan is eliminated.

Hydro believes that should large RSP balances recur, both the forecast financing and
the one-year recovery provisions will prove worthwhile and these provisions should

be retained.
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8. There are several possibilities for fundamental changes to the RSP. Hydro is willing

to pursue these or additional options with NP and the IC, but Hydro does not believe
such changes should be entertained until the historical plan balances, along with the

offsetting credits from the current plan, have been taken care of.

Diesel Fuel Impacts: Hydro believes that its financial exposure due to variations in
the uncontrollable price of diesel fuel, affecting both diesel fuel and power purchase
costs for isolated systems, presents an unreasonable net income risk to Hydro, and

Hydro should be afforded some protection through the RSP.
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Appendix A: RSP History — Activity and Balances

1986
1987
1988
1989
1990
1991
1992
1993
1994
1995
1996
1997
1998
1999
2000
2001
2002
2003

2004

2005

($000)
Annual Activity Plan Balances
Hydraulic Fuel Cost Load RRA " Financing Other Total Adjustment NP IC Hydraulic ~ Total

12,045  (11,814)  (2,506) 267 (2,008) (1,889) (119) (2,008)

54280  (35,044) (1,582) 709 18,363 (68) 8,063 8,222 16,285

(726)  (34,175) 62 170 (34,669) (245)  (18,498) 131) (18,629)

15341  (33,097) 1,378 (3,508) (19,886) 5,704 (31,004) (1,807) (32,811)

13,619 3,175 (1,781) (1,666) 8,941 @ 22,288 10,010 (4,445) 3,932 (513)

(2,757)  (4,853)  (3,054) (326) (10,990) 3,803 (10,530) 2,830 (7,700)

(198) 3,469 1,482 (111) 6,488 @ 11,130 664 593 3,505 4,098

(4,668) 7397 1,834 (26) 746 5,283 47 3,825 5,636 9,461

(17,077) 3,509 2315 (120) 32 (11,341) (2,120) (5,610) 1,575 (4,035)

(3,733) 19,015 1,820 (134) 537 17,505 (694) 6,900 6,016 12,916

(7,419) 21,805 2,441 (140) 2,005 18,692 (1,506) 21,002 9,160 30,162

(8,545) 24,507 (560) (478) 3,346 18,270 (7,103) 27,644 13,734 41,378

(967) 12,068 3435 122 4,150 18,808 (11,227) 33,009 15,776 48,785

(15,859) 9,128 5,050 (394) 3,223 1,148 (15,427) 21,436 12,892 34,328

(16,614) 29,359 521 (880) 2,724 (862) @ 14,248 (13,734) 22,684 12,056 34,740

5243 56,879  (3,506) 125 4,438 63,179 (11,152) 60,300 24,768 85,068

6,967 46,113 (5,313) (326) 7,189 184 @ 54,814 (13,921) 92,060 32,711 124,771

4,130 36,534  (2,846) (227) 10,333 47,924 (16,669) 114,790 40,914 155,703

Current (7,362) 12,665 590 (949) 79 12)® 5,012 (1,951) 4,909 3,713 (5,521) 3,101
Historical 10,459 5 © 10,464 (32,236) 101,660 32,273 133,933
Total (7,362) 12,665 590 (949) 10,538 (6) 15,476 (34,187) 106,569 35986  (5,521) 137,034
Current (8,646) 16,289  (1,431)  (2,329) (309) 3,574 (18,660) 120 (1,296)  (10,625)  (11,801)
Historical 8,768 8,768 (37,835) 79,781 25,086 104,867
Total (8,646) 16289  (1,431)  (2,329) 8,459 12,342 (56,494) 79,900 23,790  (10,625) 93,065

O]
2
3)
“)
®)

Rural Rate Alteration
1989 PDD loss
1991 Retail cost deferral

Industrial Rural deficit allocation

Billing adjustments

Newfoundland and Labrador Hydro

30-Jun-06




HYDRO

THE POWER OF
COMMITHENT

A

Rate Stabilization Plan Report

Appendix B: RSP History — Customer Adjustment Rates

Recovery (Refund) Rates (mills/kWh)
Newfoundland Power Industrial Customers
Balance Balance
Dec 31 Adjustment Rate (mills’kWh) Dec 31 Adjustment Rate (mills’kWh) @
$ 000 Cur/Hist Fuel Rider Total $ 000 Cur / Hist Fuel Rider Total
1986 (1,889) 0.04 (119)
1987 8,063 0.41 8,222 0.58
1988 (18,498) (3.12) (131) 0.92
1989 (31,004) (1.30) (1,807) (0.52)
1990 (4,445) (0.58) 3,932 0.24
1991 (10,530) (0.33) 2,830 0.24
1992 593 0.05 3,505 0.54
1993 3,825 0.30 5,636 1.37
1994 (5,610) (0.45) 1,575 0.69
1995 6,900 0.55 6,016 1.24
1996 21,002 1.67 9,160 2.07
1997 27,644 2.14 13,734 3.15
1998 33,009 2.65 15,776 4.87
1999 21,436 1.75 12,892 3.50
2000 22,684 1.77 12,056 2.80
2001 60,300 1.77 24,768 5.14
2002 @ 1.77 2.80
2002 92,060 3.24 32,711 423
2003 114,790 6.85 40,914 7.87
2004 Current 4,909 0.81 428 5.09 3,713 2.70 1.96 4.66
Historical 101,660 6.36 6.36 32,273 7.51 7.51
Total 106,569 7.17 4.28 11.45 35,986 10.21 1.96 12.17
2005 Current 120 261 7.93 @ 10.54 (1,296) (1.09) 6.40 5.31
Historical 79,781 6.83 6.83 25,086 10.14 10.14
Total 79,900 9.44 7.93 17.37 23,790 9.05 6.40 15.45
(1) Adjustment rates for NP are effective July 1 of the following year; adjustment rates for IC are effective January 1
of the following year.
(2) Sept 1, 2002
(3) Forecast
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Introduction

Newfoundland and Labrador Hydro
Marginal Costs of Generation and Transmission

l. Introduction

Newfoundland and Labrador Hydro (NLH) retained NERA Economic Consulting (NERA) to
prepare estimates of its marginal costs of providing electricity generation and transmission
service on the Island Interconnected System.! This report describes the methods used and
summarizes the results of the analysis.

Why estimate marginal costs? There are several reasons. First, economic theory indicates that
prices that reflect marginal costs lead to the most efficient allocation of society’s scarce
resources. Many economists believe that efficient resource allocation should be one of the goals
of price setting in a regulated industry. In consideration of this issue, in its Order No. P.U.14
(2004), the Board of Commissioners of Public Utilities of Newfoundland and Labrador (the
Board) directed NLH to undertake a marginal cost study. Second, in the increasingly competitive
electric utility environment, it is very important to know the marginal costs of providing a wide
range of services so a utility can ensure that its own promotional efforts and strategic plans are
prudent. Finally, accurate estimates of marginal costs are essential for determining the benefits
of load management, distributed generation and conservation programs, for the design of special
contracts for individual customers, and for engineering studies such as acceptable loss levels in
transformer specifications.

Marginal cost is defined as the change in total cost with respect to a small change in output. To
quantify the marginal costs of electricity service one must ask and answer the question: What
are all the additional generation and transmission costs that would be incurred with changes in
kilowatt-hours of energy, and kilowatts of demand? Given the characteristics of electricity
supply and demand, the cost of additional consumption may differ depending upon the time of
the change in output. As a result, it is important to estimate time-differentiated marginal costs of
electricity service.

NERA determines the marginal cost of electricity by examining the system planners’ and
operators’ response to load changes at different times of the day and year. The method is not a
formula, but a series of guidelines outlining what should be measured and how the measurement
can be made.

A utility’s marginal costs (particularly generation costs) may not be the same every year, even in
the absence of inflation. Because load forecasting is an imperfect science and capacity must
often be added in discrete chunks rather than smoothly as load grows, utilities and regions often

' NLH owns generation in Labrador, but is not able to serve load on Newfoundland with those resources. NLH also
serves some remote areas of the Island and Labrador that are not connected to the grid. This study covers only the
Island interconnected system.
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have more or less capacity than is optimal. NERA estimated generation costs for the period
2007 to 2025 using output from NLH’s system planning analysis. The transmission element of
marginal cost was developed based on NLH’s budget for growth-related transmission projects.
The yearly marginal costs developed in this study can be combined as needed for any marginal
cost application. For example, five years’ worth of costs would be used to estimate the benefits
of a load management program expected to be effective for five years. A single year’s costs
might be used to set a special economic development rate that is revised every year. The costs
developed for this report are expressed in 2007 dollars.

In this study NERA considers two scenarios for generation marginal costs. Scenario One
assumes that NLH’s Island interconnected system will remain isolated from Labrador and the
rest of the northeastern North American region. Scenario Two assumes that a high voltage
transmission interconnection to Labrador will go into service in 2014, providing NLH with the
opportunity to become an active participant in the regional market for energy and generation
capacity. This approach assumes that NLH will respond to incremental load either by purchasing
more at market prices or by selling less at market prices. (See Section III.)

Estimates of NLH’s marginal costs depend on a number of key factors. The addition or loss of a
large block of power demand and energy consumption will change NLH’s generation expansion
planning and operation, and therefore change marginal costs. Higher- or lower-than-expected
fuel costs will change marginal energy costs and may change the generation expansion plan and
the net cost of capacity additions. The addition of new supply resources (e.g. natural gas) will
alter marginal system costs, as will financial factors such as the cost of debt and/or the allowed
rate of return on equity. For theses reasons, it is appropriate that the utility’s marginal costs be
re-visited when there are fundamental changes to the key underlying assumptions.
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Il. Selection of Costing/Pricing Periods

NERA developed hourly marginal cost estimates for each time-varying component of marginal
cost covered by this study (generation capacity, energy and transmission). These hourly
estimates can be aggregated to meet the requirements of any marginal cost application.
However, for purposes of providing summary tables for this report and as recommendations for
improving the cost-reflectiveness of NLH’s rates, NERA developed two sets of costing/pricing
periods that are efficient (grouping hours of similar cost), administratively feasible, and likely to
be appropriate for a significant number of years. The first set of periods is based on the patterns
of costs of the Island interconnected system (Scenario One) over the next five years. The second
set of periods is based on the cost patterns after the construction of the Labrador interconnection
(Scenario Two).

The process used to develop the recommended costing/pricing periods was to sum all the time-
varying marginal costs (generation capacity and energy, and transmission) for each hour, and use
regression analysis to determine a set of seasons and periods within seasons that minimizes the
squared differences between the individual hourly costs and the average for the period, while
taking into consideration historical weather patterns, administrative feasibility and the need for
the periods to be reasonably easy for customers to remember.

For Scenario One NERA limited the potential number of periods to two seasons and two
(peak/off-peak) diurnal periods in the Winter season. NERA found no need for time-
differentiation in the Non-Winter Season. The pattern of hourly marginal costs of generation and
transmission in Scenario Two warrants three seasonal periods and three (peak/shoulder/off-peak)
diurnal periods within each season (except for the Spring & Fall months, which only have peak
and off-peak periods). The half-hour period definitions are the result of the pattern of expected
market prices of generation capacity and energy in the Eastern time zone, which is one and a half
hours behind Newfoundland time.

The costing periods under each Scenario are illustrated below:

Figure 1: Scenario One Periods (Isolated System)

Winter: January — March and December
Peak: Weekdays, 7:00 am to noon & 4:00 pm to 8:00 pm. [Newfoundland time]
Off-Peak: All remaining hours.

Non-Winter: April - November

No time-of-day differentiation.
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Figure 2: Scenario Two Periods (Interconnection)

Summer: June — August
Peak: Weekdays, 1:30 to 7:30 pm.
Shoulder: Weekdays, 8:30 am to 1:30 pm and 7:30 to 11:30 pm; Weekends, 10:30 am to 12:30 pm.
Off-Peak: All remaining hours.
Winter: January — February and November — December
Peak: Weekdays, from 5:30 to 9:30 pm.
Shoulder: Weekdays, from 8:30 am to 5:30 pm, and 9:30 to 11:30 pm. Weekends: 5:30 to 9:30 pm.
Off-Peak: All remaining hours.
Spring & Fall: March — May and September — October
Peak: Weekdays, from 8:30 am to 11:30 pm. Weekends: 10:30 am to 11:30 pm.

Off-Peak: All remaining hours.

Note: All hours refer to Newfoundland time.
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lll. Marginal Generation Costs

NERA analyzed NLH’s generation costs for two scenarios. In Scenario One, NLH’s Island
interconnected system remains isolated from the rest of the region and NLH serves marginal
kWh and kW with its own Island resources (including local purchases). In Scenario Two, with
the new transmission interconnection to Labrador in service in 2014,> NLH’s marginal cost of
generation is determined by regional market prices, which depend upon regional supply and
demand and transmission constraints. This approach assumes that NLH is an active participant in
the regional market and responds to marginal load by either purchasing more or selling less
energy and capacity at market prices.

The Scenario One analysis recognizes that an isolated system often has excess capacity for some
period of years after a capacity addition. Thus the generation capacity costs can be low in a
number of years. When marginal costs are determined by market conditions, as in Scenario Two,
there is more likelihood that capacity and load will stay in relative balance. As a result, Scenario
Two assumes that the market price of capacity will reflect the full annualized cost of a peaking
unit in each year.

A. Scenario One - Isolated Island System

The Island interconnected system is planned and operated to minimize costs and provide reliable
service under a full range of hydrological conditions. Marginal energy cost is a function of the
utility’s dispatch of its generating resources. In years when additional load triggers a capacity
addition, the annualized cost of adding capacity, net of any fuel savings the added capacity
would provide in other hours by displacing resources with higher operating costs, represents the
marginal generation capacity cost. As a result, the marginal cost estimates for Scenario One
depend upon NLH’s generation expansion plans, and the forecast of system reliability that results
from that plan.

While NLH develops its plans using a range of assumptions about hydrological conditions,
NERA has used the results based on expected water availability. The marginal cost study is a
forward-looking exercise intended to provide cost estimates many years into the future.
Obviously in real time, hydrological conditions might be better or worse than average, and total
short-run marginal costs correspondingly lower or higher.

NLH utilizes Strategist system planning software to plan generation for the Island interconnected
grid for any given load forecast. Strategist is an integrated strategic planning computer model
that performs, among other things, generation system reliability analysis, production cost
simulation and generation expansion planning analysis. NLH’s modeling takes into account the
expected variation in hydrological conditions. NLH’s assessment of the timing for new
investment for the Island’s power supply and associated facilities is based on previously

2 Scenario Two begins with 2015, the first full year of operation of the proposed Labrador Interconnection.
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established generation planning criteria. These criteria set the minimum level for reserve
capacity and firm energy to ensure an adequate power supply to meet the grid’s firm load
requirements. These criteria are:

» Energy: The Island Interconnected System should have sufficient generating capability to
supply all of its firm energy requirements with firm system capability.

= Capacity: The Island Interconnected System should have sufficient generating capacity to
satisfy a Loss of Load Hours (LOLH) expectation target of not more than 2.8 hours per year.

The power and energy load forecast used in the Scenario One analysis is NLH’s 2006 planning
load forecast covering the period 2006 to 2025. The underlying projected annual growth rate for
electricity requirements on the Island grid is approximately one percent and includes provision
for a hydromet nickel processing facility to be in operation on the Island grid by 2012.

NLH has run Strategist assuming no new generation resources in order to see the timing of new
generation requirements from a firm energy and LOLH perspective.’ The results, in Table 1,
indicate that if NLH adheres only to a firm energy criterion, the next generation source would be
required in 2014. However, the LOLH target of 2.80 is exceeded prior to that date, in 2012. This
primacy of the LOLH criterion on the Island grid represents a shift from the energy criterion,
which has historically been the driver behind generation additions.” Factors contributing to this
shift include the recent closure of the high load factor newsprint mill at Stephenville and the
utilization of wind power, with its relatively low capacity contribution

3 However, this Strategist run does include NLH’s committed request for proposals for 25 MW of wind power
scheduled to be in service in 2008.

* Using Strategist, NLH has determined that peak load would have to be 50-60 MW lower to reduce LOLH to the
target level of 2.8 in 2014, the year in which the energy criterion requires a capacity addition.
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Table 1: Firm Energy and LOLH Results with No New Generation Additions

Isolated Island Base Case Generation Requirements
Year Energy Criterion With | Capacity Criterion With
No New Resources No New Resources
GWh LOLH
2006 701 0.44
2007 630 0.51
2008 600 0.61
2009 549 0.64
2010 445 0.93
2011 370 1.31
2012 96 3.04
2013 14 3.94
2014 (85) 4.71
2015 (98) 5.01
2016 (169) 5.93
2017 (239) 7.43
2018 (315) 9.06
2019 (388) 11.02
2020 (455) 12.77
2021 (515) 15.45
2022 (587) 18.46
2023 (658) 24.74
2024 (726) 30.21
2025 (792) 38.51

The Base Case isolated island generation expansion plan used in the development of Scenario
One marginal costs is provided in Table 2, along with the resulting firm energy balances and
LOLH. Through 2019, as generation expansion is required, NLH has scheduled additional
indigenous electricity resources in the form of wind and hydroelectric plants. For 2020 and
beyond, NLH has tentatively identified a combined cycle combustion turbine (CCCT) as
indicative of a large base load thermal plant that could be appropriate to build and operate at that
time. This far out in the system planning horizon, resource options are subject to more
uncertainties than local indigenous resources being scheduled in the medium term.
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Table 2: Isolated Island Generation Expansion Plan Used for Scenario One Analysis

Year Resource Energy Balance LOLH
GWh Hours per Year
2006 701 0.44
2007 630 0.51
2008 Wind Farm (91 GWh) 600 0.61
2009 549 0.64
2010 445 0.93
2011 370 1.31
2012 Wind Farm (91 GWh) 111 2.88
2013 Wind Farm (91 GWh) 121 2.86
2014 97 2.77
2015 Island Pond (186 GWh) 115 2.61
2016 199 1.87
2017 129 2.36
2018 Round Pond (128 GWh) 74 2.79
2019 Portland Creek (77 GWh) 121 2.68
2020 CCCT (986 GWh) 283 2.28
2021 1,044 0.47
2022 973 0.61
2023 901 0.89
2024 833 1.26
2025 768 1.57

1. Scenario One Marginal Energy Costs
NLH dispatches its hydro resources in order to:

= Obtain the most energy from hydro production across the year (by minimizing the probability
of spill and the need to operate thermal units, while maintaining the firm energy target);

= Keep thermal units as close to their efficient operating levels as possible; and
=  Assist with system frequency and voltage control.

An additional kWh of energy consumed in a given hour generally leads to an additional kWh of
hydro production in that hour (plus marginal energy losses), which is then replaced by thermal
generation at Holyrood at a later time. As a consequence, NLH marginal energy costs exhibit no
daily, weekly or seasonal variation. Under most hydrological conditions, this replacement energy
is produced at times when the thermal units are operating at high levels (when heat rates are the
most efficient).
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In a predominantly hydro system with no binding intra-year storage constraints, hydro can be
dispatched so that the thermal units operating at the margin have virtually the same operating
costs (a combination of heat rate and fuel price) in every hour of the year. NLH attempts to keep
its thermal units operating in the most efficient rate by varying hydro production and by taking
one or more thermal units off line. However, system reserve and load restrictions do cause some
variation in the heat rates of the thermal units within seasons.

For the purposes of this marginal cost study, NLH estimates that the replacement of a marginal
hydro-generated kWh typically occurs when Holyrood itself is marginal and operating at 688 net
kWh per barrel of fuel. Such replacement energy is generally produced in the Spring or Fall. In
Winter, capacity limitations would argue against replacement, and for about two months in the
Summer the thermal units are normally shut down.” However, because of NLH’s fuel
procurement and storage practices, it is difficult to predict when the replacement fuel would be
purchased. As a result NERA has used NLH’s forecast of annual fuel prices to compute the cost
of producing the replacement thermal energy and thus the fuel component of the marginal energy
costs is the same for all hours of the year.

Table 3 shows the derivation of 2007 marginal energy costs at the generator for each costing
period. These figures include fuel, variable O&M, expense-related overheads (administrative and
general or “A&G” expenses), revenue requirement for fuel stock and cash working capital, and
marginal energy losses. Heavy fuel oil accounts for over 90 percent of the marginal energy cost.
The development of the non-fuel marginal cost factors is explained later in Section V. The
marginal fuel costs for the Holyrood thermal plant are based on NLH’s corporate fuel price
forecast for No. 6 heavy fuel oil (1-percent sulfur) as of the Spring 2006. There are a number of
inputs making up the fuel price forecast, including world oil market outlooks as regularly
prepared by the PIRA Energy Group.

> Except in dry years or when required to accommodate system maintenance.
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Table 3: Scenario One—Development of 2007 Marginal Energy Costs by Period

(M
2
)
“4)

®)
(6)
(N
®)

)

(10)

(1D

Marginal Fuel Cost

Variable O&M

A&G on Variable O&M (2) x 50.76%
Total Marginal Running Cost (1)+(2)+(3)

Working Capital
Fuel Stock Working Capital (1) x 14.11%

Cash Working Capital (2) x 3.84%
Total Working Capital (5)+(6)
Revenue Requirement for Working Capital (7) x 8.40%

Marginal Energy Cost at Generator (4)+(8)

Marginal Energy Loss Factors

Transmission Level

Marginal Energy Cost at Meter
Transmission Level (9)*(10)

Winter Non-Winter

Peak Off-Peak All Hours

(2007 Dollars per kWh)

0.0806 0.0806
0.0012 0.0012
0.0006 0.0006
0.0825 0.0825
0.0114 0.0114
0.0000 0.0000
0.0114 0.0114
0.0010 0.0010
0.0834 0.0834

1.047 1.047
0.0873 0.0873

0.0806
0.0012
0.0006
0.0825

0.0114
0.0000
0.0114
0.0010

0.0834

1.047

0.0873

The results for the entire study period (2007-2025) are shown on Table 4A. These marginal
energy costs are very sensitive to assumptions about fuel costs. Table 4B compares the base case
results (by groups of years) to results from three alternative fuel price scenarios.

NERA Economic Consulting
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Table 4A: Scenario One—2007-2025 Base Case Marginal Energy Costs

2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025

Marginal Energy Costs
(2007 Dollars per kWh)

$0.0873
$0.0862
$0.0848
$0.0810
$0.0843
$0.0860
$0.0853
$0.0846
$0.0854
$0.0856
$0.0859
$0.0862
$0.0864
$0.0866
$0.0868
$0.0871
$0.0873
$0.0875
$0.0878

Table 4B: Scenario One—Average Marginal Energy Costs under Alternative Fuel Price

2007-2011
2012-2020
2021-2025

Base Case Test 1 Test 2 Test 3
(Fuel =50% (Fuel =75% (Fuel =150%
of base case) of base case) of base case)

(2007 Dollars/kWh)----------------
$0.0847 $0.0434 $0.0640 $0.1261
$0.0858 $0.0439 $0.0648 $0.1276
$0.0873 $0.0447 $0.0660 $0.1299

2. Scenario One Marginal Generation Capacity Costs

If load grows in hours when capacity is tight, there is a reduction in reliability, which is a
marginal shortage cost imposed on consumers. When the shortage cost is sufficiently high, it is
cost-effective to add capacity to restore reliability to the acceptable level. In years when an
increment of load would not trigger a capacity addition, there is still a marginal capacity cost —
the cost to consumers of the reduced reliability that results when load grows but capacity remains

the same.

NERA Economic Consulting
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The type of capacity added solely to restore reserves to the required level in response to load
growth is generally a peaking unit, such as a combustion turbine. Generating units designed to
run more often than peakers have higher fixed costs, which are only justified when their variable
costs are low enough to warrant their dispatch in many hours, not just in peak hours. The fixed
costs of baseload or intermediate units are thus incurred for both capacity and energy reasons.

As shown above in Table 2, NLH’s current base case expansion plan includes three 25-MW
wind purchase contracts, construction of three small hydro projects, and a combined cycle
combustion turbine (CCCT) unit. Because of the intermittent nature of wind generation and its
non-dispatchability, NLH does not count on these wind projects to provide capacity in particular
hours. As a result, NERA has not considered these wind projects as a marginal source of capacity
in calculating NLH’s marginal generation capacity cost.

Tables SA and 5B show the development of the annualized cost of each non-wind resource in the
base case expansion plan. The per-kW investment costs of the hydro units and CCCT are
adjusted for general plant, and annualized using an economic carrying charge that includes an
allowance for plant-related A&G. Fixed O&M, including non-plant-related A&G, and an
allowance for working capital are added. The working capital factor includes cash, materials and
supplies. Each of the major factors used to convert the investment cost of the hydro projects and
CCCT to an annual value is discussed later in this report.

Line (16) on Tables 5A and 5B divides the annual cost by one minus the effective forced outage
rate (EFOR) of the resource. This adjustment recognizes that these resources will not always be
available to provide an additional kW of capacity when needed, and grosses up the investment to
represent a “perfect” kW that is available in all hours when it can be economically dispatched.

To yield a pure capacity cost, the annual costs per kW must be reduced by the annual average
operating cost savings expected to be provided by a marginal kW of these non-peaking resources
over their lives. The annual operating cost savings were computed, for each resource, by
multiplying the expected hours of operation in each full year of operation, by the difference
between the expected Holyrood marginal running costs per kWh® and the running cost per kWh
of the capacity addition in that year.” These annual operating cost savings were then averaged
over the expected service life of the unit.® This crediting of the annual fixed costs of the marginal
kW for the average annual operating cost savings recognizes that the last kW added to the system
is required to meet marginal load only in a single (or very few) hours of the year.” If the unit runs
in other hours, that is because it displaces a resource with higher running costs.

NLH estimates that the Holyrood efficiency in these particular hours is between the average value of 630
kWh/BBL and the marginal value of 688 kWh/BBL. The marginal fuel cost is then fuel cost per BBL divided by
efficiency. Variable O&M and working capital were also included in the operating cost savings calculations.

The running costs of the hydro units are assumed be to zero.
When necessary the 2036 fuel price forecasts and hours run were used in subsequent years.

The annual fixed cost is calculated on a real-levelized basis and all calculations are done in 2007 Canadian
dollars.
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As an estimate of the net capacity of cost of a generic hydro unit, NERA averaged the results for
the three hydro additions, weighting them by installed capacity. In the case of the CCCT, the unit
is expected to operate at the margin (in the years included in the study) and thus generates no
fuel savings. The final adjustments on Tables 5A and 5B incorporate marginal demand losses.

Table SA: Scenario One—Annual Cost of Planned Hydro Capacity Additions Net of Fuel

Savings
Island Pond Round Pond Portland Creek
2016 2019 2020
————————————————————————— (2007 Dollars)-------=-==========---
O] ()] 3
(€)) Marginal Investment per kW of Capacity $4,701 $7,421 $4,740
2) With General Plant Loading (1) x 1.2470 $5,862 $9,254 $5,911
3) Annual Economic Charge Related to
Capital Investment 6.67% 6.67% 6.67%
4) A&G Loading 0.17% 0.17% 0.17%
%) Total Annual Carrying Charge (3)+(4) 6.83% 6.83% 6.83%
6) Annualized Costs (2) x (5) $400.65 $632.42 $403.94
(@) Fixed O&M Expenses $14.59 $19.09 $16.47
®) With A&G Loading (7) x 1.5076 $22.00 $28.79 $24.82
) Sub-Total (6)+(8) $422.64 $661.21 $428.77
Working Capital
(10) Material and Supplies (2) x 1.06% $62.14 $98.09 $62.65
an Prepayments (2) x 0.00% $0.00 $0.00 $0.00
(12) Cash Working Capital (8) x 3.84% $0.84 $1.11 $0.95
(13) Total Working Capital (10)+(11)+(12) $62.99 $99.19 $63.61
(14) Revenue Requirement for Working
Capital (13) x 8.40% $5.29 $8.33 $5.34
(15) Total Annual Costs (9)+(14) $427.94 $669.54 $434.11
Total AnnualCosts Adjusted
(16) For Effective Forced Outage Rate (15) / (1-0.0091) $431.87 $675.69 $438.10
(17) Projected Annual Fuel Savings $496.71 $652.60 $572.47
(18) Cost of Hydro Net of Fuel Savings (16)-(17) but not less than zero $0.00 $23.09 $0.00
19) Capacity (MW) 36 18 14
Capacity Weighted Average Cost of Hydro Net of Fuel Savings (per
(20) kW) $6.11
Capacity Weighted Average Cost of Hydro Adjusted for Losses (per
1) kW) $6.41

For the Island system, fuel costs have an enormous impact on the net cost of generation capacity.
High expected fuel costs offset all or most of the fixed cost of the hydro and wind units in NLH’s
resource plan. The marginal cost analysis confirms a key rule for NLH’s system planning—
subject to transmission constraints, when fuel costs are high and expected to remain so, it may be
cost-effective to pre-build indigenous capacity and displace fuel at Holyrood.
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Table 5B: Scenario One—Annual Cost of Planned Combined Cycle Combustion Turbine
Capacity Addition Net of Fuel Savings

CCCT
2021
(2007 Dollars)
(1

(1 Marginal Investment per kW of Capacity $1,346.00
2) With General Plant Loading (1) x 1.2470 $1,678.46
3) Annual Economic Charge Related to

Capital Investment 7.82%
4 A&G Loading 2.32%
%) Total Annual Carrying Charge (3)+(4) 10.15%
(6) Annualized Costs (2) x (5) $170.29
(7) Fixed O&M Expenses $11.58
(®) With A&G Loading (7) x 1.5076 17.46
©9) Sub-Total (6)+(8) $187.74

Working Capital
(10) Material and Supplies (2) x 1.06% $17.79
an Prepayments (2) x 0.00% $0.00
(12) Cash Working Capital (8) x 3.84% $0.67
(13) Total Working Capital (10)+(11)+(12) $18.46
(14) Revenue Requirement for Working

Capital (13) x 8.40% $1.55
(15) Total Annual Costs (9)+(14) $189.29

Total Annual Costs Adjusted
(16) For Effective Forced Outage Rate (15) /(1-0.05) $199.26
(17) Projected Annual Average Fuel Savings $0.00
(18) Cost of CCCT Net of Fuel Savings (16)-(17) $199.26
(19) Cost of CCCT Adjusted for Losses (per kW) $209.02

Tables 5A and 5B show annual net capacity costs for the types of units in the expansion plan. In
any given year, marginal load growth will not necessarily trigger a capacity addition; however, it
will reduce the reliability of service for customers in general. The marginal cost of generation
capacity can be computed for each year by adjusting the net annual cost of the next capacity
addition by the ratio of expected LOLH to target LOLH, as shown on Table 6. When this ratio is
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less than one, the marginal cost reflects the reduced value of capacity because of higher than
target reserves. When the ratio is above one, capacity is particularly valuable because reliability

is below the target leve

110

Table 6A: Scenario One—Annual Marginal Generation Capacity Costs, 2007-2025

Marginal
Annualized Cost Forecast Generation
of Generation LOLH Capacity Cost
(2007 (2007
Dollars/kW) Dollars/kW)
(1) (2) 3)
(1)*(2)/2.80
2007 $6.41 0.51 $1.17
2008 6.41 0.61 1.39
2009 6.41 0.64 1.47
2010 6.41 0.93 2.14
2011 6.41 1.31 2.99
2012 6.41 2.88 6.58
2013 6.41 2.86 6.54
2014 6.41 2.77 6.33
2015 6.41 2.61 5.99
2016 6.41 1.87 4.28
2017 6.41 2.36 5.41
2018 6.41 2.79 6.38
2019 6.41 2.68 6.13
2020 6.41 2.28 5.22
2021 209.02 0.47 35.36
2022 209.02 0.61 45.37
2023 209.02 0.89 66.24
2024 209.02 1.26 94.34
2025 209.02 1.57 117.48
Note: Target LOLH is 2.80

To illustrate the effect of the fuel price forecast on the annual marginal generation capacity cost,
NERA computed the cost of the hydro units in the resource plan net of fuel savings using the
same three fuel price scenarios employed in the sensitivity analysis of marginal energy costs.
Table 4B shows the results, summarized by groups of years. In the first two periods, prior to the
addition of the CCGT, which is not expected to generate fuel savings, marginal generation
capacity costs are much higher than the base case when fuel costs are assumed to be lower. Note
that these calculations assume no change in the resource plan. In fact, particularly in Test 1,
some or all of the planned hydro additions would probably be replaced with a CCCT or some
other resource with lower fixed costs.

' The rationale for this adjustment is described in more detail in Appendix A.
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Table 6B: Scenario One—Annual Marginal Generation Capacity Costs Using Alternative

Fuel Cost Assumptions

Average Annual Marginal Generation Capacity Cost

Base Case Test 1 Test 2 Test 3
(Fuel=50% of  (Fuel=75% of (Fuel=150% of

base case) base case)
(2007 Dollars/kW)
6] () 3)
2007-2011 $1.83 $64.49 $24.88
2012-2020 $5.87 $206.77 $79.76
2021-2025 $71.76 $71.76 $71.76

The annual costs must then be time-differentiated. NLH’s system planning model produces

estimates of LOLH for each month. NERA used the relative LOLH in each month, aggregated to

seasons and averaged over the period 2007-2011, to compute generation capacity costs by the

seasonal costing periods.

Within a month, capacity costs were assigned to hours based on each hour type’s relative
probability of being the peak hour of the month.'? These results were also aggregated over the
months in a season. Table 7 shows the resulting generation capacity cost time-differentiation

factors, summarized by costing period.

Table 7: Scenario One—Time-Differentiation Factors for Generation Capacity Costs

Assignment
Factor
(1)
Winter

Peak 83%
Off-Peak 16%
Subtotal 99%
Non-Winter 1%
Subtotal 1%

TOTAL 100%

" The seasonal relative LOLH values are essentially unchanged for the entire period, 2007-2025.

12 The hour types are the 24 hours in weekdays, Saturdays, and Sundays.
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Table 8 shows the resulting monthly marginal generation capacity costs per kW at transmission
voltage, by costing period. The annual costs are assigned to costing periods using the time-
differentiation factors in Table 7 and divided by the number of months in the season to produce
monthly costs per kW.

Table 8: Scenario One—Monthly Marginal Generation Capacity Costs at Transmission
Voltage (2007-2025)

Winter Non-Winter
Peak Off-Peak
(2007$ per kW-mo)
(1) (2) 3)

2007 0.24 0.05 0.00
2008 0.29 0.06 0.00
2009 0.31 0.06 0.00
2010 0.45 0.09 0.00
2011 0.62 0.12 0.00
2012 1.37 0.26 0.01
2013 1.36 0.26 0.01
2014 1.32 0.25 0.01
2015 1.25 0.24 0.01
2016 0.89 0.17 0.00
2017 1.13 0.22 0.01
2018 1.33 0.25 0.01
2019 1.28 0.24 0.01
2020 1.09 0.21 0.01
2021 7.35 1.41 0.04
2022 9.44 1.81 0.05
2023 13.78 2.64 0.07
2024 19.62 3.76 0.10
2025 24.44 4.68 0.13

B. Scenario Two — Labrador Infeed: Market-Based Marginal Generation
Costs

The second scenario for the long term supply of power and energy to the Island of
Newfoundland involves a high voltage direct current transmission interconnection from Labrador
to the Island. This transmission line would interconnect the Island grid to hydroelectric plant(s)
on the Churchill River in Labrador and to the transmission networks of eastern North American
via Hydro Quebec. The capacity of this interconnection would be 800 MW, capable of delivering
about 7,000 GWh annually. It would be capable of displacing the Island’s existing thermal
generation and delivering the Island’s incremental power and energy requirements for many
years to come.
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If the Labrador Interconnection is built, it is expected to be completed by 2014 and Holyrood
will be mothballed. Once the interconnection is operational, in any given hour NLH will
generally be either buying or selling energy (and in some hours capacity) in the regional market.
Thus, NLH’s dispatchers will respond to a customer’s additional electricity consumption either
by purchasing more energy (in the unlikely event that NLH is a net buyer at the time) or selling
less energy (if, as is likely, NLH is a net seller at the time). NLH’s marginal cost of generation
will be the market price of electricity in the region — an opportunity cost.

The Labrador Interconnection will give NLH access to the transmission network of Hydro
Quebec, which is in turn connected to Ontario, New York, New England and New Brunswick.
Market prices of energy and capacity in Quebec will reflect supply and demand conditions in this
entire area, unless transmission constraints are binding. In that case, market prices will reflect
more localized supply and demand conditions. Thus, estimates of market prices in Quebec are a
reasonable representation of NLH’s opportunity costs of generation under this scenario. This
study assumes there are no transmission constraints in Labrador, but that constraints similar to
those that created differences in market prices between Quebec and the US Northeast electricity
market in the period 2001-2005 will continue. In the absence of regional transmission
constraints, prices (apart from differentials due to varying losses) are the same across regional
Canadian and US Northeast electricity markets, and these broader markets determine NLH’s
opportunity cost in many hours.

Detailed simulations of these market prices for future years were not available for this study.
NLH provided, as a reasonable starting point, a long-term forecast of market prices (2007 —
2025) prepared by the US Department of Energy (DOE)."* These are US national annual average
prices. Information on recent spot energy hourly prices as recorded by the NY ISO for the Hydro
Quebec region were used to time-differentiate the DOE forecasts, giving market prices that vary
by month and time of day.

The DOE forecast of per-kWh market prices used as the basis for market price estimates includes
both energy and capacity components. However, the historical NY-ISO’s hourly market prices
for the Hydro-Quebec region that were used for time-differentiation do not fully reflect the
market value of capacity. In both New York and New England there is a separate capacity
market. In Ontario, there is centralized long-term procurement for capacity.

Consequently, generators have historically obtained revenues for capacity outside the spot
energy market. For this reason NERA estimated hourly market prices of energy and capacity
separately, as described below.

1. Scenario Two—Market-Based Marginal Generation Capacity Costs

In the long term, the regional market value of capacity tends toward the cost of adding new
peaking capacity, because the market is large enough for supply and demand for capacity to
remain relatively balanced. NERA assumed that in the post-2014 period when the
interconnection is in operation, the regional annual market value of capacity will be equal to the
annualized cost of a combustion turbine (CT).

" Annual Energy Outlook 2006. Early Release. Table A8.
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Table 9 shows the derivation of this annual cost. The marginal investment per kW of capacity,
adjusted by general plant loading, is annualized using an economic carrying charge that includes
a loader for plant-related A&G expenses. The fixed O&M cost per kW of capacity is adjusted by
an expense-related A&G loader and added to this capital cost. A revenue requirement component
for working capital is also added. Each of these components of the calculation uses NLH’s costs,
because the regional capacity price is likely to reflect the costs of publicly-owned utilities in
Eastern Canada.

For purposes of estimating the marginal generation capacity cost to NLH, the annual cost of a
kW of CT capacity is multiplied by 1 plus a reserve margin of 16 percent.'* This adjustment, on
Line (16) of Table 9, reflects the fact that, in response to a one-kW growth in load in a peak
hour, NLH will need to reduce its sales of capacity (or increase its purchases of capacity) by
more than one kW to maintain its target level of reserves. The loss adjustment on the last line
takes into account losses within Labrador, losses on the Labrador interconnection, and losses
within the Island. The losses within Labrador reduce NLH’s opportunity cost of capacity to an
amount below the market price in the Hydro Quebec zone.

" NLH indicates that it needs a capacity reserve of 16% of annual peak load to maintain its 2.8 LOLH/year target.

NERA Economic Consulting 19



Marginal Generation Costs

Table 9: Annualized Cost of a Combustion Turbine

CT Cost
(2007 Dollars)
ey

) Marginal Investment per kW of Capacity $492.39
2) With General Plant Loading (1) x 1.2470 614.02
3) Annual Economic Charge Related to

Capital Investment 7.82%
@) A&G Loading 2.32%
5) Total Annual Carrying Charge (3)+(4) 10.15%
(6) Annualized Costs (2) x (5) $62.29
7 Fixed O&M Expenses $13.36
®) With A&G Loading (7) x 1.5076 $20.15
) Sub-Total (6)+(8) $82.44

Working Capital
(10) Material and Supplies (2) x 1.06% 6.51
(1D Prepayments (2) x 0.00%
(12) Cash Working Capital (8) x 3.84% 0.77
(13) Total Working Capital (10)+(11)+(12) 7.28
(14) Revenue Requirement for Working 0.61

Capital (13) x 8.40%
(15) Total Annual Costs (9)+(14) $83.05
(16) Total Annual Costs Adjusted

For Reserve Margin (15) x 1.16 $96.34
17 Annual Cost per kW Adj for Losses $103.64

Generation capacity will have value in the region only in “critical hours” when demand is high
enough to trigger the probability of market participants’ not meeting their reserve requirements.
NERA assumed that these critical hours can be approximated by the hours when spot energy
prices are likely to exceed the operating cost of a combustion turbine, and thereby include a
shortage component. To identify these hours, NERA analyzed the spot prices recorded by the
New York ISO for the Hydro Quebec zone in the period 2000-2005. Table 10 shows the time-
differentiation factors for generation capacity developed by analyzing these critical hours.
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Table 10: Scenario Two—Time-differentiation Factors for Regional Market Price of
Generation Capacity

Total Assignment
Critical Hours Factor
(1) (2)
Winter (1)/total hrs
Peak 168 50%
Shoulder 40 12%
Off-Peak 0 0%
Subtotal 208 62%
Summer
Peak 126 38%
Shoulder 0 0%
Off-Peak 0 0%
Subtotal 126 38%
Spring/Fall
Peak 0 0%
Off-Peak 0 0%
Subtotal 0 0%

Table 11 shows the time-differentiated monthly marginal generation capacity costs by costing
period under Scenario Two for years 2015-2025."° The values are calculated by applying the
time-differentiation factors in Table 10 to the annual capacity cost in Table 9 and converting to
monthly costs by dividing seasonal values by the number of months in the season.

!> Under our assumption that the market price of capacity will follow the annualized cost of a peaker, Scenario Two
marginal generation capacity costs for all subsequent years will be the same in real terms.
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Table 11: Scenario Two—Marginal Monthly Generation Capacity Costs, Years 2015-2025

Monthly
Capacity Cost
(20078 per kW-mo)
Winter
Peak $13.03
Shoulder $3.10
Off-Peak $0.00
Total $16.14
Summer
Peak $13.03
Shoulder $0.00
Off-Peak $0.00
Total $13.03
Spring/Fall
Peak $0.00
Off-Peak $0.00
Total $0.00

2. Scenario Two—Market-Based Marginal Energy Costs

The DOE forecast of annual prices per kWh reflect combined energy and capacity values. The
capacity element in the DOE forecast price must be removed to avoid double-counting. For each
forecast year (2007-2025) NERA multiplied the DOE average spot price forecast by 8760 hours
to convert it to an annual revenue amount, and then subtracted the annualized cost of a CT,
before the reserve margin adjustment, in Table 9 above. The remaining value represents the
annual energy market revenue for one kW dispatched in every hour of the year.

To convert this annual energy revenue into specific prices for each hour, NERA used the same
2000-2005 spot prices for the Hydro Quebec region that were used to identify the critical hours.
NERA capped these hourly prices at the variable cost of a CT'® in that year; averaged the
resulting patterns of hourly spot prices over the six years for typical weekdays, Saturdays and
Sundays of each month; and applied these patterns to the annual energy revenue for each forecast
year. Table 12 shows the average market price estimates for 2015, converted to marginal energy
costs by period. The only adjustments to the market prices needed to convert them to marginal
energy costs at NLH’s transmission system are an allowance for cash working capital and
adjustments for losses. The loss factors used in this adjustment reflect losses within Labrador,
losses on the interconnection and losses within NLH’s network. Table 13 shows marginal energy
costs for the entire period, 2015-2025.

16 Gas cost, variable O&M, and A&G loading on the variable O&M.
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Table 12: Scenario Two—Development of Marginal Energy Costs by Period (2015)

Winter Spring/Fall Summer
Peak Sh Offpeak Peak Offpeak Peak Sh Offpeak
(2007 Dollars per kWh)
) (@) 3 @ (5) (6) (@) ®

(1) Regional Market Energy Price per kWh $0.0629 $0.0540  $0.0417 $0.0525 $0.0364 $0.0611 $0.0511  $0.0349

Working Capital
(2) Cash Working Capital (1) x 3.84% $0.0024 $0.0021  $0.0016 $0.0020 $0.0014 $0.0023  $0.0020  $0.0013
(3) Revenue Requirement for Working

Capital (2) x 8.40% $0.0002 $0.0002  $0.0001 $0.0002 $0.0001 $0.0002 $0.0002  $0.0001
(4) Marginal Energy Cost at Generator (1)+(3) $0.0631 $0.0542  $0.0419 $0.0526 $0.0365 $0.0613 $0.0512  $0.0350

Marginal Energy Loss Factors
(5) Transmission Level 1.0758  1.0758 1.0758 1.0758 1.0758 1.0758 1.0758 1.0758

Marginal Energy Cost at Meter
(6) Transmission Level (4)*(5) $0.0679 $0.0583 $0.0451 $0.0566 $0.0393 $0.0659 $0.0551  $0.0377

Table 13: Scenario Two—Marginal Energy Costs by Period (2015-2025)
Winter Spring/Fall Summer
Peak Sh Offpeak Peak Offpeak Peak Sh Offpeak
(2007 Dollars per kWh)
(1) 2 3) “4) (%) (6) @) (®)
2015 $0.0679 $0.0583 $0.0451 $0.0566 $0.0393 $0.0659  $0.0551 $0.0377
2016 $0.0680 $0.0584 $0.0451 $0.0567 $0.0394 $0.0660  $0.0552 $0.0377
2017 $0.0680 $0.0584 $0.0451 $0.0567 $0.0394 $0.0661  $0.0552 $0.0378
2018 $0.0698 $0.0600 $0.0463 $0.0583 $0.0404 $0.0678  $0.0567 $0.0388
2019 $0.0717 $0.0616 $0.0476 $0.0598 $0.0415 $0.0697  $0.0582 $0.0398
2020 $0.0718 $0.0617 $0.0477 $0.0599 $0.0416 $0.0698  $0.0583 $0.0399
2021 $0.0718 $0.0618 $0.0477 $0.0600 $0.0416 $0.0698  $0.0584 $0.0399
2022 $0.0719 $0.0618 $0.0478 $0.0600 $0.0417 $0.0699  $0.0584 $0.0399
2023 $0.0666 $0.0618 $0.0467 $0.0585 $0.0412 $0.0682  $0.0559 $0.0406
2024 $0.0740 $0.0636 $0.0492 $0.0618 $0.0429 $0.0720  $0.0601 $0.0411
2025 $0.0759 $0.0652 $0.0504 $0.0633 $0.0440 $0.0738  $0.0616 $0.0422
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IV. Marginal Transmission Costs

For most utilities the long-term marginal cost of transmission can be estimated from the typical
investment per kW of transmission added to meet load growth. Transmission investment is
somewhat lumpy, so the addition of capacity in a given year does not necessarily reflect load
growth in that year. NERA normally relies on the cost of budgeted growth-related transmission
projects over the budget period as the basis for our marginal cost estimates.

Projects considered to be growth-related include the following categories:
e Projects related to growth in system or area loads; and

e Projects related to increased interconnection capability to provide for added reliability.

Transmission expenditures that replace existing facilities without adding capacity would be
undertaken even in the absence of load growth and, therefore, are not marginal. Projects that
connect generation to the network are generation-related and not functionally transmission.
Transmission projects that facilitate economy purchases or economy interchange, but do not add
significantly to system reliability, are energy-related, rather than transmission-related. Projects
that bring the system to a new target level of reliability (rather than returning the system to an
unchanged target in response to load growth) are also not marginal.

NLH provided its capital budget for the period 2006-2009. There is only one growth-related
transmission project during that period. Therefore, the load-related transmission investment per
kW of load growth in the budget period may not be representative. Using only forecast
information is a more strictly marginal approach, but in this case may be misleading because of
the short budget period and the lumpiness of transmission investment in an isolated system.
Using a combination of historical and budget information may better align expenditures with
load growth causing them.

NERA reviewed projects during the historical period as well (2001-2005) and found that growth-
related investment was made in 2002 and 2003. The bulk of the projects were not growth-
related.'” Table 14 shows the investment in growth-related transmission per kW of load growth
over the period 2002-2009. NERA assumed that this value is representative of marginal
transmission investment over the full forecast period, 2006-2025. There are no differences in
planned transmission network investment between the Scenario One and the Scenario Two.

7 On the interconnected Island grid, growth-related projects are very limited because work on the 230 kV bulk
system, which was constructed in the late 1960s, is now typically driven by issues other than load growth.
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When load growth requires transmission investment, marginal transmission O&M expenses are
also incurred. Because the growth-related projects involve substations rather than lines, NERA

Table 14: Marginal Transmission Investment

Marginal Transmission Costs

(1) Total Investment in Demand-Related
Transmission Facilities, 2002-2009
(Thousands of 2007 Dollars)

2) Estimated Additions to Peak Load
2002-2009 (Megawatts)

3) Total Marginal Investment in Growth-Related
Transmission Facilities per Kilowatt
(2007 Dollars) (1)/(2)

$3,646

98

$37.21

began with an analysis of NLH’s average level of transmission substation O&M expenses in the

recent past as a guide for estimating marginal O&M costs. O&M expenses for 2000 to 2004 were
first converted into 2007 dollars. These constant dollar values were then divided by kilowatts of
weather-normalized peak load at the transmission level. The expenses per kW have declined

significantly in recent years, so NERA used the 2003-2004 average as the estimate of marginal

transmission O&M expenses.

Table 15: Marginal Transmission O&M

(M
2
3)
“)
)
(6)

Weather

Transmission Normalized Expense Per Weighted Expense Per
Station System Peak KW of System Labor & Material KW of System

Year  O&M Expenses Demand Peak Loads Cost Index Peak Load
(Thousand Dollars) (MW) (Dollars) (2007=1.00) (2007 Dollars)

172 3/
0] ) 3) “) (%)

2000 $3,235 1460 $2.22 0.86 $2.58
2001 $3,063 1562 $1.96 0.89 $2.21
2002 $3,615 1601 $2.26 0.92 $2.47
2003 $2,823 1601 $1.76 0.94 $1.87
2004 $2,561 1612 $1.59 0.97 $1.65
Estimated Annual Transmission O&M Expenses for the Planning Period $1.76

(Average 2003-2004)
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Table 16 shows the development of annualized marginal transmission cost, which follows the
same procedure used for the annualized CCCT cost on Table 5B above.

Table 16: Annual Marginal Transmission Cost

2007 Dollars
per kW
) Marginal Investment per kW of System Peak $37.21
2) With Plant Loading (1) x 1.2470 46.40
3) Annual Economic Carrying Charge Related to
Capital Investment 6.87%
“4) A&G Loading (plant related) 0.82%
®) Total Annual Carrying Charge (3) + (4) 7.69%
(6) Annualized Costs (2) x (5) 3.57
(7) O&M Expenses 1.76
®) With A&G Loading (7) x 1.5076 (Non-plant Related) 2.66
) Sub-total (6)+(8) 6.23
Working Capital
(10) Material and Supplies (2) x 1.06% 0.49
(1n) Prepayments (2) x 0.00% 0.00
(12) Cash Working Capital Allowance (8) x 2.43% 0.06
(13) Total Working Capital (10)+ (11) + (12) 0.56
(14) Revenue Requirement for Working
Capital (13) x 8.40% 0.05
(15) Total Transmission Costs (9) + (14) 6.27
(16) Loss-adjusted Transmission Cost $6.58

Transmission capacity is sized to handle annual peak demands on the transmission system.
NERA used the estimated relative probability of annual transmission system peak, based on five
years of historical hourly transmission loads,'® to time-differentiate transmission marginal costs.
The reduced carrying capability of transmission facilities in periods of high ambient temperature
is taken into account in these calculations.

Tables 17 A and B show the time-differentiation factors for marginal transmission costs, by
period. There are two sets of factors — one for Scenario One periods and a second for Scenario
Two periods.

'8 From years 2000 to 2004.
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Table 17 A: Scenario One—Time-Differentiation Factors for Marginal Transmission Costs

(M

)

3

Winter
Peak
Off-Peak
Subtotal

Non-Winter

TOTAL

Relative Probability

of
System Peak

M

78%
22%

100%

0%

100%

Table 17 B: Scenario Two—Time-Differentiation Factors for Marginal Transmission Costs

NERA Economic Consulting

Relative Probability
of
System Peak
Winter
Peak 36%
Shoulder 43%
Off-Peak 19%
Subtotal 98%
Summer
Peak 0%
Shoulder 0%
Off-Peak 0%
Subtotal 0%
Spring/Fall
Peak 2%
Off-Peak 0%
Subtotal 2%
TOTAL 100%
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Tables 18 A and B show the monthly time-differentiated marginal transmission costs, using the
annual costs developed on Table 16 and the two sets of time-differentiation factors for marginal
transmission costs. The seasonal costs have been divided by number of months in the season to
convert to monthly costs.

Table 18 A: Scenario One—Monthly Marginal Transmission Costs 2007-2025

Monthly
Transmission
Cost
(20078 per kW-mo)

Winter
Peak $1.29
Off-Peak $0.35
Non-Winter $0.00

Table 18 B: Scenario Two—Monthly Marginal Transmission Costs 2007-2025

Monthly
Transmission
Cost
(20078 per kW-mo)

Winter
Peak $0.59
Shoulder 0.72
Off-Peak 0.32
Summer
Peak 0.00
Shoulder 0.00
Off-Peak 0.00

Spring/Fall
Peak 0.02

Off-Peak 0.01

NERA Economic Consulting 28



Other Marginal Costs

V. Other Marginal Costs

A. Administrative and General Expenses and General Plant

When a utility adds plant and incurs additional O&M expenses, it typically incurs additional
overhead costs as well. A given element of administrative and generation (A&G) expense can
grow with plant or with O&M expenses, or remain constant. General plant typically grows with
other types of plant. NERA’s marginal cost study includes A&G and general plant loaders for
expenses and plant to capture these elements of marginal cost.

1. Administrative and General Expenses

Based on NLH’s categories of overheads, these expenses were divided into two categories: (1)
those associated with plant, and (2) those “non-plant-related” overheads associated with O&M
expenses. The sum of A&G accounts related to the level of O&M were divided by O&M
expenses (which exclude fuel and purchased power costs) less A&G. NERA used the average of
this ratio over 2003 and 2004 as the A&G loader on O&M expenses.

For A&G expenses associated with plant, NERA divided the identified plant-related overhead
expenses by plant in service, and averaged over the period 2003-2004. To this NERA added the

ratio of property insurance cost to gross plant. The results are shown in Table 19.

Table 19: Loading Factors for Administrative and General Expenses

Estimate of
Loading
Factor

Applicable to Non-Plant-Related Expenses : 50.76%
Applicable to Plant-Related Expenses:

Hydro 0.169%

Thermal 2.325%

Transmission 0.824%

2. General Plant
General plant consists of items such as office buildings, warehouses, cars, trucks and other

equipment. When a utility adds generation, transmission and distribution equipment, the need
for general plant grows as well. To account for the marginal cost of general plant NERA
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estimated a general plant-loading factor applicable to other marginal plant. NERA developed a
regression model that explains cumulative additions to general plant in service as a linear
function of cumulative additions to total electric plant (less general plant) in service over the
period 1991 to 2004. The result, shown in Table 20, was a highly significant coefficient for total
plant additions, which NERA adopted as the general plant loader.

Table 20: Loading Factor for General Plant

Estimate of
Loading
Factor

General Plant 24.70%
The result of the regression analysis is given below:
ADDGEN = -9643273 + 0.2470 ADDTOLES

t-Statistic (-2.6) (14.05)
Standard Error 3683057 0.018

R’ = 09427 N=14 DF=13

B. Fuel Stock and Working Capital

When NLH generates a marginal kWh using a fuel that requires a stockpile, it incurs additional
costs related to financing the additional stockpile. The fuel stock factor added to marginal energy
costs takes into account the average time that fuel used by NLH resides in its storage facilities.

The fuel stock factor was calculated from the ratio of total No. 6 fuel inventory to total No. 6 fuel
expenses for the years 2002, 2003, and 2004. The ratios for these years were relatively close, so
NERA averaged the ratios for the three years. This average ratio, 0.14, indicates that NHL
maintained a fuel stock of about 1.5 month’s fuel use (when Holyrood fuel data is averaged
across a full 12 months.) This reflects NLH’s normal fuel management practices, including a
seasonal inventory build in late winter and early spring to mitigate the risk of navigational
restrictions for tankers to its Holyrood plant because of ice.

Each non-fuel expense element of marginal cost is adjusted for cash working capital. NLH sees a
longer lag in receipts from its customers than in payments to its suppliers. NERA based its cash
working capital adjustment on average customer days of lag versus the average days of payments
lag."” The factor, 3.84 percent, also incorporates a pro-rata share of the HST adjustment. In the

' Lags in fuel cost payments were excluded from this calculation because cash working capital for fuel is included
in NLH’s fuel adjustment mechanism. Lags in payments for purchased power were also excluded because
purchased power is not marginal.
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case of Scenario Two market transactions, NERA assumed a net lag of 14 days, which also
results in a 3.84-percent cash working capital factor.

Materials and supplies kept in inventory are another element of working capital. NERA based its
estimate of the requirement for marginal materials and supplies on the average ratio of materials
and supplies to gross electric plant over the period 2002-2004. The tables calculating annual
costs of elements of the system also include a line for a prepayment element of working capital;
however, this element is zero for NLH.

The revenue requirement for working capital is the dollar amount of working capital multiplied
by the after-tax weighted average cost of capital. Because NLH does not pay income taxes, the

after-tax cost of capital is the same as the weighted average cost of capital.

Table 21: Working Capital Factors

Materials & Supplies 1.06%
Non-Fuel Cash Working Capital 3.84%
Scenario Two Market Transactions 3.84%

C. Marginal Losses

Two types of net marginal losses are used in the study. Demand losses are applied to marginal
generation capacity and transmission costs. Marginal energy losses are applied to marginal
energy costs. Different loss factors were developed for Scenarios One and Two.

1. Marginal Demand Losses

Marginal demand loss factors related to the expansion of the physical system are based on total
losses at system peak. Total losses include both fixed losses associated predominantly with
transformer cores, and variable losses associated with conductors.

To supply an added kW at a meter point, NLH must provide sufficient generation and
transmission capacity to accommodate that kW plus transmission losses.”’ The demand loss
factors used in this study were estimated using a regression analysis of energy losses developed
by NLH for long term forecasting and an estimate of no-load (fixed) losses.”' The regression
analysis estimates the impact of hydro and thermal generation on annual system energy losses.”

Because most of the marginal generation capacity in NLH’s expansion plan are hydro units
located in relatively remote areas (similar to the current hydro units), NERA calculated the

*% The marginal demand loss factor for an individual component is the ratio of the input to the output from that
component at time of peak. The capacity adjustment for a component up-stream of a customer meter is the
product of all the loss factors including that of component itself.

2! E-mail from NLH, dated March 03, 2006.
22 E-mail from NLH, dated March 02, 2006.
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demand loss factor for Scenario One as the sum of the hydro regression coefficient” and no-load
losses. Given the relatively high loading of the transmission lines connecting hydro units to the
NLH system the hydro regression coefficient provides a useful proxy for variable losses at peak.

Scenario Two applies the same demand loss factor to marginal transmission costs as used in
Scenario One. However, the market-based generation capacity cost estimate in Scenario Two
requires a marginal energy loss factor adjustment because it is based on an estimate of hourly
prices. For this purpose NERA used the sum of the hydro regression coefficient and the
estimated energy losses on the Labrador interconnection itself. The market prices also include an
adjustment for losses within Labrador, which reduce the revenue NLH can expect to earn on its
energy and capacity sales to somewhat less than market prices for transactions in Hydro Quebec.

2. Marginal Energy Losses

Marginal energy losses are incurred in moving an additional kWh through the fixed system.
Fixed losses are, by definition, not affected by supplying an additional kWh. Only variable losses
come into these calculations.

The Holyrood units typically do not follow load and existing CTs and diesel units are used
sparingly and primarily for area protection. The immediate source of a marginal kWh is typically
a hydro unit. Consequently NERA used variable hydro losses (from the regression analysis) as
our estimate of Scenario One marginal energy losses on NLH’s transmission system.

For Scenario Two, NERA applied to the market-based marginal energy cost estimates the sum of
the hydro regression coefficient (representing marginal energy losses on the Island) and
estimated marginal energy losses on the Labrador interconnection itself. As explained above, a
further adjustment accounts for the losses within Labrador, which reduce the revenue from (or
the opportunity cost of) marginal sales to the market to below the market price quoted in Hydro
Quebec.

3 The regression coefficient for hydro gives the fraction of a hydro-generated kWh that is lost in transmission.

NERA Economic Consulting 32



Other Marginal Costs

Table 22: Marginal Demand and Energy Losses

Base Case Scenario

Infeed Case Scenario

2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025

Demand Energy
1.0490 1.0470
1.0758 1.0758
1.0775 1.0775
1.0791 1.0791
1.0809 1.0809
1.0825 1.0825
1.0841 1.0841
1.0855 1.0855
1.0872 1.0872
1.0910 1.0910
1.0929 1.0929
1.0944 1.0944

NERA Economic Consulting

33



Computation of Carrying Charges

VI. Computation of Carrying Charges

To be useful in ratemaking and other marginal cost applications, the marginal investment in new
plant must be converted into annual costs using an economic carrying charge. These annual
charges reflect the ownership costs of NLH’s incremental plant: return to “stockholders” (in this
case the Province) and bondholders, and depreciation.

For use in a marginal cost study, the appropriate stream of annual charge is a stream that rises at
the rate of inflation net of technical progress and yields the total present value of all ownership
costs over the life of the investment. It is helpful to think of this stream as a series of rental
charges that an entrepreneur in a competitive industry would charge for the use of utility
equipment. The rental charges would rise as inflation made the equipment more valuable, but
tend to decline as technological improvements made newer equipment more attractive to renters.
The present value of the entire stream would have to be sufficient to cover the entrepreneur’s
ownership costs, or the investment would never take place. On the other hand, competition
would keep the entrepreneur from charging more than the cost of ownership (including a fair
return on the investment). In such a stream of rental charges, the first year’s charge represents
the cost in today’s dollars of making the plant or equipment available for a year. These first-year
charges are shown on Table 23. Appendix B illustrates the calculation of the annual ownership
costs for a CCCT and the calculation of the first year’s economic carrying charge from that
stream of annual costs. It also provides the specific assumptions used for each type of plant.

Table 23: Economic Carrying Charges

CCCT & CT Hydro Transmission
6] ) 3)

(1) Present Value of Revenue Requirements

Related to Incremental $1,000 Investment $1,000 $1,000 $1,000
(2) Present Value Cost of Replacing

Dispersed Retirements Related to

Incremental $1,000 Investment $22 $10 $26
(3) Total Present Value Cost Related to

Incremental $1,000 Investment (1)+(2) $1,022 $1,010 $1,026
(4) First-Year Annual Economic Charge

Related to Incremental $1,000 Investment $78 $67 $69
(5) First-Year Annual Economic Charge Related to

Incremental Investment [(4)/$1,000] 7.82% 6.67% 6.87%
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One major element of the ownership cost of utility equipment is the incremental cost of capital.
NLH has two sources of capital—debt and retained earnings. The retained earnings are revenues
in excess of expenses and represent the Province’s investment in the utility, which entails an
opportunity cost. For the incremental cost of debt NERA used 8.6 percent, which is NLH’s
projected cost of long-term debt, including a one-percent debt guarantee fee. In 2004 the Board
ordered NLH to use as its cost of equity the long-term incremental cost of new debt, excluding
the debt guarantee fee (i.e. 7.6 percent). NERA weighted the equity and debt portions, 80/20,
which is consistent with NLH’s current capital structure. The result is a weighted average cost of
capital of 8.4 percent.

A required assumption for the economic carrying charge calculation is the expected rate of
inflation net of technical progress applicable over the life of the investment. NERA has used
NLH’s long-term inflation estimates of 1.97% for generation plant and 2.17% for transmission
plant. The rate of technological progress is assumed to be incorporated in the inflation rate
because of lack of a basis on which to estimate future technological progress.

Another component of the economic carrying charge is an adjustment for the fact that not all
plant and equipment will last its estimated service life. Some components will require early
replacement, causing added costs, while some will last longer than expected and produce
savings. Line 2 of Table 23 above shows the adjustment for this dispersed pattern of
replacements.**

* Appendix B describes the calculation of the dispersed retirements adjustment.
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Summary Schedules for Two Scenarios

Summary Schedules for Two Scenarios

Tables 24 A and B summarize, respectively, the 2007 — 2025 time-differentiated marginal costs

for Scenario One and the 2015 — 2025 time-differentiated marginal costs for Scenario Two, both
stated on a per kWh basis. The per-kW costs were converted to per-kWh costs by dividing by the
number of hours in the period.

Table 24 A: Scenario One—Summary of 2007-2025 Marginal Costs (per kWh)

(M
2
3)
(4)

kWh:

Winter
Peak Off-Peak Non-Winter
---------- (2007 Dollars) ---------
(1) (2) 3)
2007

Energy $0.0873 $0.0873 $0.0873

Generation Capacity $0.0012 $0.0001 $0.0000
Transmission $0.0066 $0.0007 $0.0000

Total per kWh $0.0952 $0.0881 $0.0873

Total per kWh

2008 $0.0943 $0.0870 $0.0862

2009 $0.0930 $0.0856 $0.0848

2010 $0.0899 $0.0819 $0.0810

2011 $0.0941 $0.0852 $0.0843

Average 2007-2011 $0.0933 $0.0855 $0.0847
2012 $0.0997 $0.0872 $0.0860

2013 $0.0989 $0.0864 $0.0853

2014 $0.0980 $0.0857 $0.0846

2015 $0.0984 $0.0865 $0.0854

2016 $0.0968 $0.0866 $0.0856

2017 $0.0983 $0.0870 $0.0859

2018 $0.0996 $0.0873 $0.0862

2019 $0.0996 $0.0875 $0.0864

2020 $0.0988 $0.0877 $0.0866

Average 2012-2020 $0.0987 $0.0869 $0.0858
2021 $0.1313 $0.0901 $0.0869

2022 $0.1422 $0.0911 $0.0871

2023 $0.1648 $0.0929 $0.0874

2024 $0.1951 $0.0952 $0.0876

2025 $0.2201 $0.0972 $0.0879

Average 2021-2025 $0.1707 $0.0933 $0.0874

Note: Hours per month used to
convert costs per kW to per

194 532 734
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Table 24 B: Scenario Two—Summary of 2015 - 2025 Marginal Costs (per kWh)

Winter Spring/Fall Summer
Peak Sh Offpeak Peak Offpeak Peak Sh Offpeak
(2007 Dollars per kWh )
) (@) (©) “ % (6) (7 ®)
2015
Energy  $0.0679 $0.0583 $0.0451 $0.0566  $0.0393 $0.0659 $0.0551 $0.0377
Generation Capacity ~ $0.1508 $0.0114  $0.0000  $0.0000  $0.0000 $0.0992  $0.0000 $0.0000
Transmission  $0.0068  $0.0026  $0.0009  $0.0000 $0.0000 $0.0002  $0.0000 $0.0000
Total per kWh  $0.2255 $0.0723 $0.0459  $0.0566 $0.0393 $0.1653  $0.0551 $0.0377
Total per kWh

2016  $0.2258 $0.0724 $0.0460  $0.0567 $0.0394 $0.1655 $0.0552 $0.0377
2017  $0.2261 $0.0725 $0.0460  $0.0567 $0.0394 $0.1657 $0.0552 $0.0378
2018  $0.2281 $0.0741  $0.0472 $0.0583  $0.0404 $0.1676  $0.0567 $0.0388
2019  $0.2303 $0.0757 $0.0485 $0.0598  $0.0415 $0.1015 $0.0582 $0.0398
2020  $0.2306 $0.0758  $0.0485 $0.0599 $0.0416 $0.1017  $0.0584 $0.0399
2021 $0.2308 $0.0759 $0.0486  $0.0600 $0.0416 $0.1701 $0.0584 $0.0399
2022 $0.2311 $0.0760 $0.0486  $0.0600 $0.0417 $0.1703  $0.0584 $0.0399
2023 $0.2264 $0.0759 $0.0476  $0.0585 $0.0412 $0.1689  $0.0560 $0.0406
2024  $0.2341 $0.0778 $0.0500  $0.0618  $0.0429 $0.1729  $0.0602 $0.0411
2025  $0.2361 $0.0794 $0.0512  $0.0633  $0.0440 $0.1748 $0.0617 $0.0422

Note: Hours per Month

used to conver costs per
kW to per kWh: 86 272 367 441 293 131 311 294

Tables 25A and B restate the Scenario One 2007-2025 marginal costs and Scenario Two 2015 -
2025 marginal costs, with the marginal generation capacity and transmission costs stated on a per

kW-month basis.
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Table 25 A: Scenario One—Summary of 2007-2025 Marginal Costs (per kWh and per kW)

2007
2008
2009
2010
2011
Avg. 2007-11
2012
2013
2014
2015
2016
2017
2018
2019
2020
Avg. 2012-20
2021
2022
2023
2024
2025
Avg. 2021-25

GENERATION &
ENERGY TRANSMISSION CAPACITY
All Winter
Periods Peak Off-Peak Non-Winter
(2007 Dollars per kWh) =~ -------- (2007 Dollars per kW-mo.) -------
(1) (2) (3) (4)

$0.0873 $1.53 $0.40 $0.00
$0.0862 $1.58 $0.41 $0.00
$0.0848 $1.60 $0.41 $0.00
$0.0810 $1.73 $0.44 $0.00
$0.0843 $1.91 $0.47 $0.00
$0.0847 $1.67 $0.43 $0.00
$0.0860 $2.66 $0.62 $0.01
$0.0853 $2.65 $0.61 $0.01
$0.0846 $2.61 $0.61 $0.01
$0.0854 $2.53 $0.59 $0.01
$0.0856 $2.18 $0.53 $0.01
$0.0859 $2.41 $0.57 $0.01
$0.0862 $2.61 $0.61 $0.01
$0.0864 $2.56 $0.60 $0.01
$0.0866 $2.37 $0.56 $0.01
$0.0858 $2.51 $0.59 $0.01
$0.0868 $8.64 $1.76 $0.04
$0.0871 $10.73 $2.16 $0.05
$0.0873 $15.07 $2.99 $0.07
$0.0875 $20.91 $4.11 $0.10
$0.0878 $25.72 $5.03 $0.13
$0.0873 $16.21 $3.21 $0.08
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Table 25 B: Scenario Two—Summary of 2015-2025 Marginal Costs (per kWh and per kW)

Winter Spring/Fall Summer
Peak Sh Offpeak Peak Oftpeak Peak Sh Oftpeak
(2007 Dollars) -------==-===-mmmmmmemmem
(O] @ (3) (C)) (5) (6) @) ®)

2015 Energy (per kWh)  $0.0679 $0.0583 $0.0451 # $0.0566 $0.0393 $0.0659 $0.0551 $0.0377
Gen. & Trans. Capacity (per kW-mo) $13.62 $3.81 $0.32 $0.00 $0.00 $13.05 $0.01 $0.00

2016 Energy (per kWh)  $0.0680 $0.0584  $0.0451 $0.0567 $0.0394 $0.0660 $0.0552  $0.0377
Gen. & Trans. Capacity (per kW-mo) $13.64 $3.82 $0.32 $0.00 $0.00 $13.07 $0.01 $0.00

2017 Energy (per kWh)  $0.0680 $0.0584  $0.0451 $0.0567 $0.0394 $0.0661 $0.0552 $0.0378
Gen. & Trans. Capacity (per kW-mo) $13.66 $3.82 $0.32 $0.00 $0.00 $13.09 $0.01 $0.00

2018 Energy (per kWh)  $0.0698  $0.0600 $0.0463 $0.0583  $0.0404 $0.0678 $0.0567 $0.0388
Gen. & Trans. Capacity (per kKW-mo) $13.68 $3.83 $0.32 $0.00 $0.00 $13.12 $0.01 $0.00

2019 Energy (per kWh)  $0.0717 $0.0616  $0.0476 $0.0598  $0.0415 $0.0697 $0.0582  $0.0398
Gen. & Trans. Capacity (per kW-mo) $13.70 $3.83 $0.32 $0.00 $0.00 $4.19 $0.01 $0.00

2020 Energy (per kWh)  $0.0718 $0.0617  $0.0477 $0.0599 $0.0416 $0.0698  $0.0583  $0.0399
Gen. & Trans. Capacity (per kW-mo) $13.72 $3.84 $0.32 $0.00 $0.00 $4.19 $0.01 $0.00

2021 Energy (per kWh)  $0.0718 $0.0618  $0.0477 $0.0600 $0.0416 $0.0698 $0.0584  $0.0399
Gen. & Trans. Capacity (per kW-mo) $13.74 $3.84 $0.32 $0.00 $0.00 $13.17 $0.01 $0.00

2022 Energy (per kWh)  $0.0719 $0.0618  $0.0478 $0.0600  $0.0417 $0.0699 $0.0584  $0.0399
Gen. & Trans. Capacity (per kW-mo) $13.76 $3.85 $0.32 $0.00 $0.00 $13.19 $0.01 $0.00

2023 Energy (per kWh)  $0.0666 $0.0618  $0.0467 $0.0585  $0.0412 $0.0682  $0.0559  $0.0406
Gen. & Trans. Capacity (per kW-mo) $13.80 $3.86 $0.32 $0.00 $0.00 $13.24 $0.01 $0.00

2024 Energy (per kWh)  $0.0740 $0.0636  $0.0492 $0.0618  $0.0429 $0.0720  $0.0601  $0.0411
Gen. & Trans. Capacity (per kW-mo) $13.82 $3.86 $0.32 $0.00 $0.00 $13.26 $0.01 $0.00

2025 Energy (per kWh)  $0.0759  $0.0652  $0.0504 $0.0633  $0.0440 $0.0738  $0.0616 $0.0422
Gen. & Trans. Capacity (per kW-mo) 13.84 3.87 0.32 0.00 0.00 13.28 0.01 0.00
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Appendix A
Rationale for EFOR Adjustment to Annual Cost of New Capacity

Prudent planning for generation capacity expansion involves a trade-off between cost and
reliability. Customers want reliable service, but are not willing to pay prices that guarantee no
generation-related outages. Utilities set reliability standards that reflect consumers’ willingness
to pay for reliability. NLH standard is 2.8 loss-of-load hours (LOLH) per year. NLH adds
capacity as needed to meet this standard. However, given the isolation of the system and the
lumpiness of capacity additions, reliability is typically greater than the target level for a few
years after each new generation addition. In those years, marginal load does not trigger another
generation addition, but does affect reliability of the system to some degree, by increasing LOLH
above what otherwise would have occurred.

The cost of the added LOLH depends upon the cost to consumers of unserved energy. Although
it is difficult to measure the cost of unserved energy (CUE), it is easy to back into the CUE that
is implicit in the utility’s reliability target.

If we assume that the reliability target (LOLH*) is set based on an accurate assessment of the
CUE, then it must be true that in a year when actual LOLH = LOLH?*, the system is optimal and
the benefits of the last (or next) kW of capacity are just equal to the cost of the last (or next) kW
of capacity. These benefits are the outage costs avoided because of the presence of the last kW of
capacity — CUE times LOLH*, multiplied by one minus the effective forced outage rate of the
marginal kW of capacity, because there is probability that it will be forced out in some of the
hours when it is needed to supply load. The cost of that marginal kW of capacity is the annual
cost of a kW of peaking capacity (ACC), or of another type of capacity less the fuel savings it
will provide in other hours.

Benefit of marginal kW = Cost of marginal kW

(1-EFOR) x CUE x LOLH* = ACC

Solving for CUE gives the value of CUE implicit in the reliability target.
CUE =[ACC/ (1-EFOR)])/LOLH*

In any given year, when LOLH may not be equal to LOLH*, the annual marginal cost of
capacity is:

LOLH * CUE = [ACC/ (1-EFOR)] x [LOLH / LOLH*].
Thus, the annual marginal cost of generation in any year is the annual cost of the least-cost

capacity option, adjusted for its effective forced outage, times the ratio of expected to target
LOLH.
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Appendix B
Calculation of Economic Carrying Charges

The inputs and resulting first year economic carrying charges for hydro generation, gas turbine
generation (both combined cycle and simple cycle) and transmission are shown in Table A
below. In the case of transmission, the carrying charge used is a weighted average of carrying
charges for five categories of transmission plant. The weights are the net plant in these
categories.

Table A: Economic Carrying Charges and Corresponding Inputs

Aggregate Pole Compress-

CCGT Hydro Trans- Trans- Structures & ed Air Sys,
(1) Type of Plant /GT  Generation  mission  Towers Formers  Poles Conductors  Insulators
(2) Book Life 30 60 65 45 35 50 30
(3) lowa Curve S3 R4 R2.5 R3 R2 R3 S2.5
(4) Tax Life 0 0 0 0
(5) Income Tax Rate 0
(6) Property Tax 0
(7) Tax Basis 0

(===

0
0
0

(==
(==

0 0
0 0
0 0
Composite Incremental
Cost of Capital Share Cost
(8) Debt 80% 8.60%
(9) Preferred Stock 0% 0.00%
(10) Common Equity 20% 7.60%

Total Weighted Cost of

(11) Capital 8.40%
Discount Rate (After-tax

(12) Cost of Capital) 8.40%

(13) Inflation 1.97% 1.97% 2.17% 2.17% 2.17% 2.17% 2.17%
(14) Share of Transmission Costs 100% 10% 42% 7% 22% 18%
First Year Carrying Charge 7.82% 6.67% 6.87% 7.69% 6.73% 7.45% 6.87% 6.50%

The tables below show the calculation of the first year’s economic carrying charge for a CCGT.
The purpose of the calculation is to find the first of a stream of annual charges (escalating at the
rate of inflation net of technical progress for that type of plant) whose present value just equals
the present value of the revenue requirements over the asset’s lifetime. Table B shows the inputs
for the calculation. Table C (two pages) shows the year-by-year revenue requirements associated
with a $1000 investment.

There is an adjustment for assets that manifest dispersed retirements, rather than lasting exactly
their average service lives. In that case, some of the plant is retired and needs to be replaced in
every year of the service life (for portions that fail early), and beyond (for portions that last
longer than the average service life). [owa curves characterize the pattern of surviving plant over
its life. In the example below, the curve is 30S3. The differences in survivors from one year to
the next are the retirements (and the needed replacements).

The replacements prior to the average service life add to the present value of the revenue
requirement, and those afterwards decrease it. Columns (16) and (17) shown below on the
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second page of Table C are used to calculate the increased present value of the revenue
requirement resulting from dispersed retirement. The entries in column (16), labeled multiplier,

represent the real discount factors for N years beyond the in-service date.”” The cells in column

(17) link to the dollars of the asset to be replaced in that year and multiply them by the difference
in the present value of replacement in that year and a replacement at 30 years (the average

service life). Summing column (17) yields the net increase in the present values of dispersed

replacements. This value is converted to the equivalent present value of revenue requirement on
line (2) of the first year carrying charge sheet (Table D), by multiplying it by the ratio of present
value of revenue requirements (before adjustment for dispersed retirements) for a $1000
investment to the original $1000 investment. In this case that ratio is one.

Table B: Economic Carrying Charge Inputs - CCCT

(¢))
(€3]
3)
“4)
©)
(6)
(O]

®)
©
(10)

an
(12)

(13)

Type of Plant CCGT

Book Life

Iowa Curve

Tax Life

Income Tax Rate
Property Tax
Tax Basis

Composite Incremental Cost of Capital
Debt
Preferred Stock
Common Equity

Total Weighted Cost of Capital
Discount Rate (After-tax Cost of Capital)

Total return and calculations reflect:

30

oS oo

80

20

ASSUMPTIONS

Years

Years

Percent (Incremental combined state and federal rate)
Percent (Based on gross plant)

Percent (Proportion of investment that is tax depreciable)

@ 8.6 = 6.88 Percent
@ 0 = 0.00
@ 7.6 = 1.52

8.40 Percent
8.40 Percent

The normalization of the difference between book and recovery-period depreciations.

Inflation

1.9700

Percent (Inflation net of technical progress.)

> Equal to 1 plus the discount rate divided by 1 plus the inflation rate applicable to the asset, all divided by the

number of years from the in-service date.
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Table C: First Page of Plant Lifetime Revenue Requirement Calculation - CCGT

Mean

Annual

Survi-

Year vors
(e

1 1000.000
2 1000.000
3 1000.000
4 1000.000
5 1000.000
6 1000.000
7 999.900
8 999.800
9 999.600
10 999.100
11 998.100
12 996.600
13 994.200
14 990.600
15 985.400
16 978.300
17 968.700
18 956.300
19 940.700
20 921.400
21 898.300
22 871.200
23 839.900
24 804.600
25 765.300
26 722.500
27 628.000
28 577.600
29 526.000
30 474.000
31 422.400
32 372.000
33 323.400
34 277.500
35 234.700
36 195.400
37 160.100
38 128.800
39 101.700
40 78.600
41 59.300
42 43.700
43 31.300
44 21.700
45 14.600
46 9.400
47 5.800
48 3.400
49 1.900
50 0.900
51 0.400
52 0.200
53 0.100
54 0.000

Book
Depreci-
ation

(1)/30

2

33.333
33.333
33.333
33.333
33.333
33.333
33.330
33.327
33.320
33.303
33.270
33.220
33.140
33.020
32.847
32.610
32.290
31.877
31.357
30.713
29.943
29.040
27.997
26.820
25.510
24.083
20.933
19.253
17.533
15.800
14.080
12.400
10.780
9.250
7.823
6.513
5.337
4.293
3.390
2.620
1.977
1.457
1.043
0.723
0.487
0.313
0.193
0.113
0.063
0.030
0.013
0.007
0.003
0.000

Retire-
ments

3)

0.000
0.000
0.000
0.000
0.000
0.100
0.100
0.200
0.500
1.000
1.500
2.400
3.600
5.200
7.100
9.600
12.400
15.600
19.300
23.100
27.100
31.300
35.300
39.300
42.800
94.500
50.400
51.600
52.000
51.600
50.400
48.600
45.900
42.800
39.300
35.300
31.300
27.100
23.100
19.300
15.600
12.400
9.600
7.100
5.200
3.600
2.400
1.500
1.000
0.500
0.200
0.100
0.100
0.000

Book
Depreci-
ation
Reserve

2-6) "

“

0.000
33.333
66.667

100.000
133.333
166.667
199.900
233.130
266.257
299.077
331.380
363.150
393.970
423.510
451.330
477.077
500.087
519.977
536.253
548.310
555.923
558.767
556.507
549.203
536.723
519.433
449.017
419.550
387.203
352.737
316.937
280.617
244.417
209.297
175.747
144.270
115.483
89.520
66.713
47.003
30.323
16.700
5.757
-2.800
-9.177
-13.890
-17.177
-19.383
-20.770
-21.707
-22.177
-22.363
-22.457
-22.553

Net
Book
Invest-
ment

(-4

©)]

1000.000
966.667
933.333
900.000
866.667
833.333
800.000
766.670
733.343
700.023
666.720
633.450
600.230
567.090
534.070
501.223
468.613
436.323
404.447
373.090
342.377
312.433
283.393
255.397
228.577
203.067
178.983
158.050
138.797
121.263
105.463
91.383
78.983
68.203
58.953
51.130
44.617
39.280
34.987
31.597
28.977
27.000
25.543
24.500
23.777
23.290
22.977
22.783
22.670
22.607
22.577
22.563
22.557
22.553

Mean
Tax

Deprec

ation

(6)

1-

0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000
0.000

Deferred
Income Tax
Tax Reserve
0.00% x Sum of (7) ~1
[(6)-(2)]
(@) (®)
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
0.000 0.000
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Appendix B

Table C: Second Page of Plant Lifetime Revenue Requirement Calculation

Mean Yearly
Net Revenue Value of
Invest- Taxable Income Property Require- Dispersed
Year ment Equity Interest Income Tax Tax ment Multiplier 72 Retirements "3
(1)-(4) 1.52%x(9)  6.88%x(9) [(2)-(6)+ 0.00% x (12) 0.00% x (1) Q@)+ [(3)x(16)]-
-(8) (7)+(10)]/ (10)+(11)+ -[(3) x 0.159696] "4
(1-0.00%) (13)+(14)
©) (10) an (12) (13) ) (15 (16) an
1 1000.000 15.200 68.800 48.533 0.000 0.000 117.333 0.941 0.000
2 966.667 14.693 66.507 48.027 0.000 0.000 114.533 0.885 0.000
3 933.333 14.187 64.213 47.520 0.000 0.000 111.733 0.832 0.000
4 900.000 13.680 61.920 47.013 0.000 0.000 108.933 0.783 0.000
5 866.667 13.173 59.627 46.507 0.000 0.000 106.133 0.737 0.000
6 833.333 12.667 57.333 46.000 0.000 0.000 103.333 0.693 0.053
7 800.000 12.160 55.040 45.490 0.000 0.000 100.530 0.652 0.049
8 766.670 11.653 52.747 44.980 0.000 0.000 97.727 0.613 0.091
9 733.343 11.147 50.454 44.467 0.000 0.000 94.921 0.577 0.209
10 700.023 10.640 48.162 43.944 0.000 0.000 92.105 0.543 0.383
11 666.720 10.134 45.870 43.404 0.000 0.000 89.274 0.510 0.526
12 633.450 9.628 43.581 42.848 0.000 0.000 86.430 0.480 0.769
13 600.230 9.123 41.296 42.263 0.000 0.000 83.559 0.452 1.051
14 567.090 8.620 39.016 41.640 0.000 0.000 80.656 0.425 1.379
15 534.070 8.118 36.744 40.965 0.000 0.000 77.709 0.400 1.703
16 501.223 7.619 34.484 40.229 0.000 0.000 74.713 0.376 2.076
17 468.613 7.123 32.241 39.413 0.000 0.000 71.654 0.354 2.405
18 436.323 6.632 30.019 38.509 0.000 0.000 68.528 0.333 2.698
19 404.447 6.148 27.826 37.504 0.000 0.000 65.330 0.313 2.957
20 373.090 5.671 25.669 36.384 0.000 0.000 62.053 0.294 3.110
21 342.377 5.204 23.556 35.147 0.000 0.000 58.703 0.277 3.176
22 312.433 4.749 21.495 33.789 0.000 0.000 55.284 0.260 3.154
23 283.393 4.308 19.497 32.304 0.000 0.000 51.802 0.245 3.012
24 255.397 3.882 17.571 30.702 0.000 0.000 48.273 0.230 2.782
25 228.577 3.474 15.726 28.984 0.000 0.000 44710 0.217 2.444
26 203.067 3.087 13.971 27.170 0.000 0.000 41.141 0.204 4.182
27 178.983 2.721 12.314 23.654 0.000 0.000 35.968 0.192 1.621
28 158.050 2.402 10.874 21.656 0.000 0.000 32.530 0.180 1.072
29 138.797 2.110 9.549 19.643 0.000 0.000 29.192 0.170 0.524
30 121.263 1.843 8.343 17.643 0.000 0.000 25.986 0.160 0.000
31 105.463 1.603 7.256 15.683 0.000 0.000 22.939 0.150 -0.477
32 91.383 1.389 6.287 13.789 0.000 0.000 20.076 0.141 -0.893
33 78.983 1.201 5.434 11.981 0.000 0.000 17.415 0.133 -1.229
34 68.203 1.037 4.692 10.287 0.000 0.000 14.979 0.125 -1.483
35 58.953 0.896 4.056 8.719 0.000 0.000 12.775 0.118 -1.653
36 51.130 0.777 3.518 7.291 0.000 0.000 10.808 0.111 -1.731
37 44.617 0.678 3.070 6.015 0.000 0.000 9.084 0.104 -1.741
38 39.280 0.597 2.702 4.890 0.000 0.000 7.593 0.098 -1.674
39 34.987 0.532 2.407 3.922 0.000 0.000 6.329 0.092 -1.561
40 31.597 0.480 2.174 3.100 0.000 0.000 5.274 0.087 -1.410
41 28.977 0.440 1.994 2.417 0.000 0.000 4.411 0.082 -1.220
42 27.000 0.410 1.858 1.867 0.000 0.000 3.725 0.077 -1.030
43 25.543 0.388 1.757 1.432 0.000 0.000 3.189 0.072 -0.841
44 24.500 0.372 1.686 1.096 0.000 0.000 2.781 0.068 -0.652
45 23.777 0.361 1.636 0.848 0.000 0.000 2.484 0.064 -0.499
46 23.290 0.354 1.602 0.667 0.000 0.000 2.270 0.060 -0.359
47 22.977 0.349 1.581 0.543 0.000 0.000 2.123 0.056 -0.248
48 22.783 0.346 1.567 0.460 0.000 0.000 2.027 0.053 -0.160
49 22.670 0.345 1.560 0.408 0.000 0.000 1.968 0.050 -0.110
50 22.607 0.344 1.555 0.374 0.000 0.000 1.929 0.047 -0.056
51 22.577 0.343 1.553 0.356 0.000 0.000 1.910 0.044 -0.023
52 22.563 0.343 1.552 0.350 0.000 0.000 1.902 0.042 -0.012
53 22.557 0.343 1.552 0.346 0.000 0.000 1.898 0.039 -0.012
54 22.553 0.343 1.552 0.343 0.000 0.000 1.894 0.037 0.000
Present Value of Revenue Requirement at After-tax Average Cost of Capital $1,000
Sum of Dispersed Retirements $22.35
NERA Economic Consulting 44



Table D: First Year Economic Carrying Charge - CCCT

Appendix B

(1)  Present Value of Revenue Requirements

(1 + Inflation)"Book Life

Related to Incremental $1,000 Investment $1,000
(2)  Present Value Cost of Replacing Dispersed
Retirements Related to Incremental
$1,000 Investment "5 $22.35
(3) Total Present Value Cost Related to
Incremental $1,000 Investment (1)+(2) $1,022.35
(4)  Annual Economic Charge in Constant Dollars
Related to Incremental $1,000 Investment 6 $78.23
(5)  Annual Economic Charge Related to Incremental
Investment [(4) / $1,000] 7.82%
"1 Off-set one year
(1+Inflation)"Year
A2 Multiplier =
(1 + Discount Rate)"Year
"3 Yearly Value of Dispersed Retirements =
( (1 + Inflation)"Year ( (1 + Inflation)"Book Life
((3)x ) minus (3)x
( (1 + Discount Rate)"Year ( (1 + Discount Rate)*Book Life

)

" 0.159696 =
(1 + Discount Rate)*Book Life
Sum of Dispersed Retirements x PV of Revenue Requirements
~5 2235 =
1,000
"6 The appropriate charge is the first year's charge which rises annually at the rate of inflation net of technological

progress. The first year charge is calculated using the following formula:

ACT=Kx (R-J) x (1+) T x [1/[1 - [(1 + )(1 + RV ]

Where:

AC" = Annual Charge in Year T

T = Year (For first year = 1)

K = Total PV of Original Investment ($1022.35)

R = Discount Rate (8.4000%)

J = Inflation Rate Net of Technical Progress (1.97%)
N = Book Life (30 years)
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Memo

To: Newfoundland & Labrador Hydro
Date: June 28, 2006

From: Hethie Parmesano and William Rankin

Subject: Revised Test 1 Marginal Cost Results and Rate Design Implications

At your request, we have calculated a new set of marginal generation costs using the “Test 1”
fuel price assumption mentioned in our original report—350 percent of NLH’s Spring 2006 fuel
price forecast.' This memo provides the results of that exercise, and its implications for rate
structure.

Marginal Generation Capacity Costs

Dramatically lower fuel price forecasts change the generation expansion plan.” Two of the new
hydro units in the base case plan are no longer cost-effective, and the combined cycle
combustion turbine (CCCT) is moved up instead. The table below compares the two expansion
plans.

"“NLH Fuel Prices Spring 2006.xIs” provided by NLH in April 2006.

* The generation expansion plans (and associated LOLH and plant operation information) used in both the original
marginal cost analysis and the Test 1 analysis described in this memo, were developed by NLH using a slightly
earlier fuel price forecast that was lower in the early years and slightly higher (by about one percent) in the later

years than the April 2006 forecast.
E Marsh & McLennan Companies
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Table 1: Comparison of Expansion Plans

Current Test 1 (50 Percent Fuel Forecast)
2007
2008 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)
2009
2010
2011

2012 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)
2013 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)

2014

2015 Island Pond (186 GWh) Island Pond (186 GWh)
2016

2017

2018 Round Pond (128 GWh) 125 MW CCCT (986 GWh)

2019 Portland Creek (77.3 GWh)
2020 125 MW CCCT (986 GWh)
2021
2022
2023
2024
2025

The combination of the new expansion plan and lower fuel costs has several effects on the
marginal cost of generation capacity. First, the energy savings provided by the remaining hydro
unit in the plan (Island Pond) are reduced because of lower fuel prices, so the net annual cost of
the new hydro capacity, including losses, is higher in the Test 1 case compared to the base case
($158.89 per kW compared to $6.41 per kW).

Second, the change in timing alters the pattern of annual loss-of-load hours (LOLH) after 2018.
The ratio of expected-to-target LOLH is multiplied by the annualized net cost of the marginal
capacity source to determine the annual cost in a give year. The table below compares the
patterns of annual LOLH in the base case and Test 1.

NERA Economic Consulting



Table 2: Annual LOLH

Test 1 (50 Percent
Base Fuel Forecast)
2006 0.44 0.44
2007 0.51 0.51
2008 0.61 0.61
2009 0.64 0.64
2010 0.93 0.93
2011 1.31 1.31
2012 2.88 2.88
2013 2.86 2.86
2014 2.77 2.77
2015 2.61 2.61
2016 1.87 1.87
2017 2.36 2.36
2018 2.79 2.36
2019 2.68 0.49
2020 2.28 0.63
2021 0.47 0.78
2022 0.61 0.99
2023 0.89 1.42
2024 1.26 1.98
2025 1.57 2.46

Third, the basis of the generation capacity cost switched from the net cost of hydro capacity to
the cost of the CCCT earlier, reflecting the change in the expansion plan.

There is one additional change reflected in the Test 1 results. A concerned was expressed that
the regression equation used to estimate the loader for general plant in the original marginal
cost study might not be representative of the marginal general plant associated with large
generation additions, since there was only one such addition in the data set used for the
regression. This becomes a larger factor when the generation capacity cost increases, as in Test
1. The marginal generation capacity costs for Test 1 presented in this memo reflect a lower
general plant loader than the original report—15 percent instead of the original 24.7 percent.’

The table below compares the base case and Test 1 marginal generation capacity costs, stated in
dollars per kW-month, for three groups of years: 2007-2011, 2012-2020, and 2021-2025.

’ Fifteen percent is more consistent with: (1) the weighted average ratio of cumulative general plant to cumulative
total plant less general plant additions for the period 1991-2004; and (2) coefficients of a range of alternative
regression specifications where statistical significance could not be rigorously established due to a limited
number and co-linearity of observations.
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Table 3: Monthly Marginal Generation Capacity Cost

Marginal Energy Costs

Base Case Test 1

(2007 Dollars/kW)
2007-2011 $0.15 $3.78
2012-2020 $0.49 $9.89
2021-2025 $5.98 $8.83

The original marginal cost computations assumed that Holyrood would remain the marginal
source of energy in all hours and all years. However, with the CCCT coming into service
earlier under the Test 1 expansion plan, we have now assumed that the marginal energy source
in 2019 and beyond will be the new CCCT. The table below, which compares the base case and
Test 1 marginal energy costs, reflects this change as well as uses 50 percent of the Spring 2006

fuel price forecasts.

Table 4: Marginal Energy Costs

Test 1 (50 Percent
Base Case Fuel Forecast)
------------------ (2007 Dollars) ----------------
(D 2
2007-2011 $0.085 $0.043
2012-2020 $0.086 $0.049
2021-2025 $0.087 $0.048

Marginal Cost Summary Tables

The following table summarizes the marginal costs of all system elements, using the Test 1
results for energy and marginal generation capacity costs.
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Table 5: Total Marginal Costs

Base Case Test 1 (50 Percent of Fuel Forecast)
Winter Winter
Peak Off-Peak  Non-Winter Peak Off-Peak  Non-Winter
2007-2011
(1) Energy (per kWh) $0.085 $0.085 $0.085 $0.043 $0.043 $0.043
?2) Generation Capacity (per kW-mo) $0.38 $0.07 $0.00 $9.45 $1.81 $0.05
3) Transmission (per kW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
@) Total per kW-mo $1.67 $0.43 $0.00 $10.68 $2.15 $0.05
2012-2020
%) Energy (per kWh) $0.086 $0.086 $0.086 $0.049 $0.049 $0.049
6) Generation Capacity (per kW-mo) $1.22 $0.23 $0.01 $24.70 $4.73 $0.13
@) Transmission (per kW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
®) Total per kW-mo $2.51 $0.59 $0.01 $25.93 $5.07 $0.13
2021-2025
©) Energy (per kWh) $0.087 $0.087 $0.087 $0.048 $0.048 $0.048
(10) Generation Capacity (per kW-mo) $14.93 $2.86 $0.08 $22.03 $4.22 $0.11
(11) Transmission (per KW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
12) Total per kW-mo $16.21 $3.21 $0.08 $23.27 $4.56 $0.12

Rate Structure Implications

The Test 1 results, with much higher capacity costs and much lower energy costs, suggest a
very different rate structure from that consistent with the base case marginal cost estimates. For
purposes of discussing rate structure implications, we have used average marginal costs for the
period 2007-2011, as we did in our previous rate structure analysis.

The table below compares the charges in current rates (forecast 2007 rates at current rate
structures and base case fuel forecast) with the average 2007-2011 Test 1 marginal cost results
for the three major classes: Newfoundland Power, Industrial (firm) and Non-firm Industrial.
Use of the Test 1 marginal cost results would imply significantly higher demand charges for
NP and firm Industrial customers, but applied only in the winter months (ignoring the very
small capacity costs in non-winter months). Test 1 marginal energy costs imply large
reductions in the tail block of NP rates, somewhat higher energy charges to firm industrial
customers, and lower energy charges to non-firm industrial customers. It is important to note,
however, that the “current” rates shown on Table 6 do not reflect the lower fuel price
assumptions in the Test 1 marginal cost estimates.
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Table 6: Comparison of Forecast Current 2007 Rate Structures and Average 2007-2011

NP Rates

Industrial Rates (Firm)

Non-Firm Industrial Rate

Marginal Costs
Energy Demand
2007$/kWh 2007$/kW-mo.
Winter Non-Winter
Peak Off-Peak
Marginal Costs $0.0434 § 1073 § 2.16 $0.05

All months (12-month ratchet)

1st Block $0.0054
2nd Block $0.0877

$0.0384

$0.0877

Period Definitions (Newfoundland time)

$6.97

$6.38

(Not applicable)

Winter: Jan — Mar and Dec

Peak: Weekdays, 7:00 am to noon & 4:00 pm to 8:00 pm.

Off-Peak: All remaining hours.

Non-Winter: April — November
No time-of-day differentiation.
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Executive Summary

Executive Summary

The efficiency of electric rates in Newfoundland has been discussed in several recent rate cases.
During Newfoundland and Labrador Hydro’s (NLH) last hearing, time-of-day (TOD) and
seasonal rates were identified as issues. NERA was engaged to conduct a marginal cost study of
generation and transmission service on NLH’s island integrated system,' and to discuss the
implications of the results for NLH’s rates for Newfoundland Power (NP) and industrial
customers. This report describes the implications of the marginal cost results for NLH’s class
revenue allocation and rate structures, and summarizes NERA’s recommendations.

Rates that are going to be in effect for several years should take into consideration the likely
levels of marginal costs over that entire period. Marginal costs levels over an even longer period
are sometimes used in the rate design process to give consumers longer-term price signals and to
avoid the disruptive effects of rate designs that change substantially from rate case to rate case.
The marginal cost structure and levels (in 2007 dollars) based on current load forecasts and
expansion plans, expected fuel prices, and normal water conditions are quite stable over the
period 2007-2020. This report primarily uses the average marginal costs over the period 2007-
2011 as the basis for the rate design evaluations.

The marginal cost analysis indicates that there is no seasonal, weekly or daily variation in NLH’s
marginal energy costs because of the operation of the hydro resources. An additional kWh of
energy consumed in a give hour generally leads to an additional kWh of hydro production in that
hour (plus marginal energy losses), which is then replaced by thermal generation at Holyrood at
a later time. Under most hydrological conditions, this replacement energy is produced at times
when the thermal units are operating at high levels (when heat rates are the most efficient). Thus,
the cost of fuel for Holyrood, its heat rate, and marginal energy losses define marginal energy
costs in each year. As a result, there is no marginal cost basis for seasonal or TOD energy
charges.

Generation capacity marginal costs vary by month due to differences in loss-of-load probability,
and within a month based on differences in hourly probability of peak. However, because of
expected high fuel costs, the net cost of adding generation capacity is quite low after accounting
for energy savings the capacity will produce in hours other than peak hours. Similarly, marginal
transmission costs vary across seasonal and hours with transmission system probability of peak;
however, NLH’s mature transmission system requires little expansion to accommodate forecast
growth. As a result, the marginal generation and transmission capacity costs would support only
small time-differentiated winter demand charges (and no demand charges in non-winter months).

Under NLH’s current planning assumptions, marginal generation capacity costs will start to rise
significantly after 2012. Even before that date, if fuel prices fall significantly below current
forecast levels, net marginal generation capacity costs will be higher than the base case, and

! Final Report: Newfoundland and Labrador Hydro Marginal Costs of Generation and Transmission (May 2006).
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Executive Summary

marginal energy costs will be comparably lower.” These situations would call for larger winter
demand charges with greater TOD differentiation.

A comparison of the base case marginal cost estimates (averaged for 2007-2011) to current rates
(forecast 2007 rates at current rate structures) reveals that:

= The two-block energy charge for NP, with the tail block set near marginal cost, is nearly
optimal; however the demand charge is well above marginal capacity cost and should ideally
be time-differentiated and applied only in winter months.

= The rate structure for Industrial firm customers does not give efficient price signals; the
energy charge is significantly below marginal cost and the demand charge significantly
above marginal cost and applied to all months. Smaller, time-differentiated, winter-only
demand charges would give more efficient price signals.

= The Non-firm Industrial (energy-only) rate set at approximately marginal energy cost is
reasonable; however, if firm demand charges are significantly reduced, there will be little
incentive to participate in this optional program. Interruptibility does not have much planning
value as long as capacity costs remain low, but curtailable loads can provide important
operational benefits and new interruptible programs that pay/credit for actual interruptions by
both industrial customers and NP may be warranted.

If NLH were to allocate its total generation and transmission revenue requirement to classes
based on an equal percentage of marginal cost revenues, industrial customers would receive a
13.5-percent increase and NP a 2.1-percent reduction. It might be appropriate to temper this cost
shift by using information about the relative demand elasticities of the two classes.’

NERA recommends that NLH consider adopting a rate structure for both NP and Industrial
customers that reflects the marginal cost structure. Each rate would have a two-block energy
charge, with the tail block set at marginal cost. The low first block would be used to reconcile
marginal costs to the class revenue requirement, since charging marginal energy cost for all kWh
would produce too much revenue. The first block size for Industrial customers could be set on a
customer-specific basis to control bill impacts. Both rates would have winter on-peak and off-
peak demand charges. Although small, the demand charges would establish the correct structure,
and demand charges would rise in future years with marginal capacity costs.

NERA also recommends that NLH explore new interruptible options that would reward
curtailable loads for operational savings provided when curtailments are called, and reflect the
fact that controlled loads are valuable on an operational basis (such as in poor hydro years, and
during severe weather or unit outages) although they currently have little value on a planning
basis.

2 This situation is evaluated in a separate memo to NLH dated June 28, 2006.

3 NERA did not have such elasticity information. Although industrial customers are generally considered to be fairly
elastic, NP has quickly responded to the current rate structure (introduced in January 2005) with its two-block
energy charges and demand charges.
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Introduction

Finally, any proposal for rate structures should only be made after a careful analysis of impacts
such as utility revenue adequacy, customer load changes, implementation and administrative
costs, and bill impacts.

1. Introduction

In jurisdictions where economic efficiency is considered to be an important objective of
electricity rates, estimates of the marginal cost of service are typically used, along with other
information, to set class revenue requirements, rate structure, and the level of each charge. In
Order No. P.U.14 (2004), the Board of Commissioners of Public Utilities of Newfoundland and
Labrador (the Board) directed Newfoundland and Labrador Hydro (NLH) to file a marginal cost
study. The results of that study, undertaken by NERA Economic consulting (NERA), are
summarized in a separate report. This report describes the implications of the marginal cost
results for NLH’s class revenue allocation and rate structures, and summarizes NERA’s
recommendations. Because the marginal cost study was limited to an analysis of generation and
transmission costs of the Island interconnected system, this report’s scope is limited to NLH’s
rates for Newfoundland Power (NP) and the industrial class.

NLH’s marginal costs of generation vary from year to year, as the Island system adjusts its
resources to meet growth in energy requirements and peak demand. Because NLH does not have
access to support from neighboring utilities in emergencies and cannot sell off-system energy
and capacity that is temporarily in excess of local requirements after the addition of a new
resource, marginal generation costs fluctuate in cycles. Rates that are going to be in effect for
several years should take into consideration the likely levels of marginal costs over that entire
period. Marginal costs levels over an even longer period are sometimes used in the rate design
process to give consumers longer-term price signals and to avoid the disruptive effects of rate
designs that change substantially from rate case to rate case.*

To estimate NLH’s long-term marginal costs’ requires making assumptions about several critical
factors, including future fuel prices, load growth, availability of natural gas, hydrological
conditions, construction of a Labrador Interconnect, the availability of indigenous resources such
as wind and hydro, and future generation technology. The NERA marginal cost study looked in
depth at the effects of the Labrador Interconnect and alternative fuel price scenarios. However,
this report is based on the results of the Scenario One case, without the Labrador Interconnect

* The view that rates should reflect very long-term marginal costs is not universally held; in fact, the move to
market-based prices and other forms of real-time prices is designed to provide customers with up-to-date signals
about the current marginal costs of supplying their electricity needs.

> The expression “long-term marginal cost” refers to an analysis that looks out over many years and reflects changes
in loads, capacity, resource mix and fuel prices over time. The expression “long-run marginal cost” technically
refers to the marginal costs of an optimally-configured system in demand/supply equilibrium, rather than to costs
estimated for a period of years.
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Marginal Cost Revenues and the Marginal Cost Revenue Gap

and with base case fuel prices.® The marginal cost structure and levels (in 2007 dollars) are quite
stable over the period 2007-2020. This report primarily uses the average marginal costs over the
period 2007-2011 as the basis for the rate design evaluations.

The marginal cost estimates are based on current load forecasts and expansion plans, expected
fuel prices and normal water conditions. In any given year, conditions might be significantly
different, resulting in short-run marginal costs (including shortage costs) that deviate from
expected long-term marginal costs. For example, reliability (short-run generation capacity cost)
is very sensitive to water availability. Furthermore, in any given hour, system emergencies might
result in short-lived capacity shortages that make short-run marginal costs (including shortage
costs) significantly higher than long-term marginal costs. Other than implementing real-time
pricing (or some variant), utilities typically base rate design on the patterns of expected costs
over the period the rates are expected to be in effect, or for some longer period. The
recommendations in this report take that approach, with discussion of possible interruptible
options that might help deal with short-term deviations from long-term marginal costs.

In developing rate recommendations for NLH, the NERA team began by looking at what a pure
marginal cost revenue allocation and rate design would look like. Such rates would produce
more revenue than needed to meet NLH’s revenue requirement, so the team then analyzed how
to efficiently close the gap between marginal cost revenues and revenue requirement (defined as
revenues for 2007 based on current rates adjusted for historical and current fuel riders). The team
then analyzed several efficient rate structure options, taking into consideration other factors
likely to be important in the Newfoundland context.

Il. Marginal Cost Revenues and the Marginal Cost Revenue Gap

The first step in the development of marginal cost-based rates is to calculate marginal cost
revenues — the revenue that would be produced by charging each class marginal costs as rates.
Marginal cost revenues can then be compared to forecast revenues at current rate structures to
determine the total gap between marginal cost revenues and this measure of revenue
requirement, as well as the share of marginal cost of service being paid by each class. Because
marginal generation capacity costs (in 2007 dollars) vary over the 23-year period covered by the
marginal cost study, this comparison was computed for three periods: 2007-2011, 2012-2000,
and 2021-2025. For each period the annual marginal costs were averaged.

Table 1 shows average marginal cost revenues for the three periods compared to forecast 2007
revenues at current rates for NLH’s wholesale utility and industrial customer classes. In order to
make the revenues comparable, the current rate revenue forecast for NLH customers excludes
historic and current fuel riders, assuming instead that NLH customers have the expected 2007
fuel costs incorporated into their rates. In addition, all revenues collected from NP to cover the
NLH rural distribution subsidy are excluded from the current rate revenue forecast.

® The current expectation is that the Interconnect would be operational no earlier than 2014. Rate structures could be
redesigned (and customers prepared for the changes) well before then.
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Current rates, defined this way, cover about two-thirds of NLH’s marginal costs for these two
classes in total, with NP paying a somewhat higher percentage of its marginal cost of service
than the industrial class. Ideally each class should pay revenues sufficient to cover its marginal
cost revenues.” However, in the case of a utility such as NLH with significant low embedded
cost hydraulic capacity (holding down revenue requirements) and high-cost energy at the margin
(raising marginal cost revenues), this is not feasible. Economic theory suggests that deviations
from marginal cost pricing necessary to close the gap should take into account the relative
elasticity of demand of the various classes (in the case of rates charged to NP, this includes both
NP’s responsiveness to prices the company pays for wholesale purchases and the price elasticity
of NP’s retail customers), with larger adjustments made for classes with lower price elasticities
of demand. In the absence of a study of the relative elasticity of demand by class, a standard
approach is to set target class revenue at the same percent of marginal cost revenues (the so-
called “Equi-Proportional Marginal Cost” or “EPMC” approach). This suggests that, in a revenue
neutral rate case and without information suggesting that industrial customers are more price
elastic than NP and its customers, the industrial class should see a significant increase in revenue
requirement, and NP a decrease.

7 Actually, because customers, not classes, make electricity consumption decisions, it is customers who should pay
at least their marginal cost of service. But since most customers are making consumption decisions at the margin
(rather that deciding whether to use electricity at all or whether to relocate to someplace with lower electricity
prices), it is most important that prices for marginal consumption cover marginal costs.
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Marginal Cost Revenues and the Marginal Cost Revenue Gap

Table 1: Scenario One—Average Marginal Cost Revenues for Three Periods Compared to
Forecast (Adjusted) Revenues at Current Rate Structures

Industrial Newfoundland Power Total
(2007 $)
(D+(2)
(1 2 3)
(A) Forecast 2007 Revenues at Current
Rate Structures 45,425,834 292,129,343 337,555,177
(B) Average Marginal Cost Revenues
2007-2011 78,850,145 437,414,470 516,264,615
2012-2020 80,228,548 445,846,169 526,074,717
2021-2025 88,868,566 496,964,967 585,833,533
(C) Revenue Gap (B)-(A)
2007-2011 33,424,311 145,285,127 178,709,438
2012-2020 34,802,714 153,716,826 188,519,540
2021-2025 43,442,732 204,835,624 248,278,356
(D) 2007 Revenues at Current Rate
Structures as Percent of Marginal
Cost Revenues
2007-2011 58% 67% 65%
2012-2020 57% 66% 64%
2021-2025 51% 59% 58%

In the remainder of this report, we focus on the marginal cost revenues in the period 2007-2011
as the basis for illustrative revenue requirements and rate structures. Marginal cost revenues for
the 2012-2020 period are within five percent of those for 2007-2011, and 2021-2025 is too
distant a period (and the marginal costs for that period too uncertain) to form a reasonable basis
for near-term rates.

Table 2 shows the effects of class revenue requirements set so that the total covers the forecast

2007 revenue requirement and each class pays 65 percent of its marginal cost revenues. The
increases implied for the industrial class might lead to loss of some of these loads.
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Table 2: Class Revenue Changes Using EPMC (Based on 2007-2011 Marginal Costs)

Industrial Newfoundland Power Total
(2007 $)
(1) () (3)

(A) Forecast 2007 Revenues at Current

Rate Structures $45,425,834 $292,129,343 $337,555,177
(B) EPMC Revenues using 2007-2011

Marginal Costs $51,555,489 $285,999,688 $337,555,177
(C) Required Increase $6,129,655 -$6,129,655 $0
(D) Percentage Increase 13.5% -2.1% 0.0%

lll. Marginal Cost Rate Structures

Even more important for economic efficiency than class revenue allocation is rate structure.
Most electricity consumers are not making electricity-related consumption and investment
decisions based on their total bill (which reflects revenue allocation), but rather on the price of
marginal consumption (which depends on rate structure):

=  What will I save if I reduce my peak monthly (or annual) demand?

=  What will I save if I reduce my over all energy use?

=  What will I save if I shift load from peak to off-peak hours?

Table 3 shows Scenario One average marginal energy and capacity costs over the period 2007-

2011 compared to current energy and demand charges (adjusted as described above) for the three
classes of large customers.

NERA Economic Consulting 7



Marginal Cost Rate Structures

Table 3: Comparison of Forecast Current 2007 Rate Structures and Average 2007-2011

Marginal Costs
Energy Demand
2007$/kWh 2007$/kW-mo.
Winter Non-Winter
Peak Off-Peak
Marginal Costs $0.0847 $ 167 $ 0.43 $0.00

All months (12-month ratchet)
NP Rates 1st Block $0.0054 $6.97
2nd Block $0.0877

Industrial Rates (Firm) $0.0384 $6.38

Non-Firm Industrial Rate $0.0877 (Not applicable)

Period Definitions (Newfoundland time)

Winter: Jan — Mar and Dec

Peak: Weekdays, 7:00 am to noon & 4:00 pm to 8:00 pm.
Off-Peak: All remaining hours.

Non-Winter: April — November
No time-of-day differentiation.

Looking just at the marginal cost relationships (but ignoring the need to close the marginal cost
revenue gap) suggests that rate structures should change in the following ways:

= The NP tail-block energy charge should be slightly lower and the demand charge much
lower.®

* Firm industrial rates should have much higher energy charges and much lower demand
charges.

= Interruptible rates should have slightly lower energy charges.

Figure 1 compares current rates and marginal costs from the perspective of revenues, and
highlights the different shares of energy and demand elements.

¥ The size of the first block should remain sufficiently small so that NP’s monthly energy use does not fall below
that amount. This keeps the marginal price at the level of the tail block.
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Figure 1: Comparison of Components of Marginal Cost Revenues and Forecast 2007 Rate
Revenues
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IV. lllustrative Marginal Cost-Based Rates

Table 1 above shows that charging full marginal costs for all units sold would produce too much
revenue. Some components of rates must be reduced to ensure that each class generates revenues
equal to its allocated revenues. For efficiency, the downward adjustments should be made to the
elements of the rate to which customers are least price-responsive. In retail rates for small
customers, this often means setting fixed charges (customer charges and charges assessed on the
basis of contract capacity) below marginal cost. In the case of NLH’s industrial customers and
NP, the options include (1) use of blocked charges that discount early blocks but keep the tail
block at or close to marginal cost (as in the current NP rate), and (2) differential reductions in
demand 9and/or energy rates based on assumed differences in price responsiveness to these
charges.

A. Options for NP Rates

The current rate structure for NP includes a two-block inverted energy charge and a newly-
implemented demand charge assessed on the highest monthly demand (less credits for NP’s
generation) in the winter season (November — March).'” The energy charge is lower for the first
250,000 MWh per month, and higher for all additional energy. The actual first- and second-block
charges vary with application of the Rate Stabilization Plan (RSP), which provides for annual
adjustments for variations in hydraulic production, fuel costs, load and rural rates.

Implementation of the demand charge in this rate in January 2005 has triggered response by NP.
The company has signed up approximately an additional 6 MW of curtailable load that can
switch to the customers’ backup generation, experimented with voltage reductions, and ensured
better timing of their own hydro generation availability in and around peak days. NP has also
undertaken a number of measures to improve customer awareness of conservation
opportunities.""

Clearly NP is responsive to the new demand charge. However, since the size of the current
demand charge is significantly above marginal generation and transmission capacity costs, NP
may well be over-investing in demand-reducing measures.'* As Figure 1 shows, the vast
majority of the marginal cost of serving NP is marginal energy costs. Each additional kWh
supplied adds nearly 8.5 cents in costs, and each kWh conserved saves about 8.5 cents. NLH
does incur transmission and generation capacity costs when peak load grows, but the cost of the
generation capacity added is nearly offset by the energy savings the new capacity creates. Thus
the critical price signal that NP needs to see in developing its retail rates and its demand
management programs is the high marginal energy cost.

? Quantitative information on the relative elasticity of NP and industrial customers with respect to energy and
demand charges is not available.

1 The actual calculation of billing demand includes weather adjustments and incorporates a minimum billing
demand based on test-year assumptions.

" Information provided by NP on June 6, 2006.

12 These measures also potentially save distribution costs on the NP system itself, but this effect is beyond the scope
of NERA’s assignment.
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Because marginal capacity costs are so low, an obvious choice for the NP rate is a structure
consisting entirely of energy charges, with the tail block set at expected marginal energy cost (as
the NP rate did until 2005)."* The two-block feature is a convenient way to reconcile marginal
costs to the class revenue requirement. The price of the first block could be adjusted to eliminate
the excess revenue that would result if all kWh were charged at the full marginal cost level.

Table 4 shows illustrative energy-only rates under two revenue requirement scenarios — forecast
2007 revenues at current rate structures and a lower revenue requirement that would result from
an EPMC allocation of the total forecast 2007 revenue requirement. This rate structure has the
advantage of extreme simplicity, and should be easily implementable, since it is basically a
return to the pre-2005 rate structure. The shading indicates charges equal to marginal cost.

Table 4: Illustrative NP Energy-Only Tariffs

Energy-Only Rates
First Block Price  Second Block Price
(20078 per kWh) (2007$ per kWh)
With Class Revenue Equal to:

Forecast 2007 Revenue $0.0386 $0.0847
EPMC Revenue using 2007-

2011 Average Marginal Costs $0.0366 $0.0847
Notes:

The first block is 250,000 MWh per month.

Indicates price equal to marginal cost.

An alternative would be to keep the energy tail-block price at marginal cost, introduce a time-
differentiated demand charge at full marginal cost and, again, reconcile to the class revenue
requirement by adjusting the price of the first energy block. The resulting demand charges are
quite small, but their presence in the rate structure would preserve this element for future years
when marginal capacity costs may be higher. The implementation of the time-differentiated
demand charges would require only minor changes to the billing system. An appropriate
definition of billing demand in this rate structure would be the highest 15-minute demand in the
winter season (November — March), with separate calculations for peak and off-peak billing
demand. There would be no demand charges applicable in the non-winter months."*

13 Prior to 2005, the NP rate was an energy-only rate, but without blocking.

' Non-winter capacity costs are negligible for the foreseeable future.
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Standard marginal-cost based demand charges are applied to billing demand defined by metered
demand in the billing month. However, given the isolation of the NLH system and the
dominance of NP’s load, it makes sense to charge NP on the basis of its peak winter demand.
Unlike the current demand charge, there would be no demand charges assessed in the non-winter
months. This makes the demand charges more transparent to both NP and its customers (to the
extent the wholesale rate structure is reflected in retail rates) and emphasizes the importance of
winter peak load reductions relative to load reductions in other months.

This energy/demand structure, although with a much smaller demand charge than current rates,
has the advantage of preserving a demand charge in the rate structure in preparation for the likely
structure of marginal costs in the future, when marginal capacity costs are likely to be larger.'
The energy/demand rate structure would give full, efficient marginal cost signals for marginal
consumption in both the energy and demand components.

Table 5 shows what the charges would be with this demand/energy structure, again for both
forecast 2007 and EPMC class revenue requirements.

Table 5: Illustrative NP Energy/Demand Tariffs

Energy/Demand Rates

Winter Peak Winter Off-

Demand Peak Demand
First Block Price  Second Block Price Charge Charge
(20078 per kWh) (2007$ per kW/mo)
With Class Revenue Equal to:
Forecast 2007 Revenue $0.0355 $0.0847 $1.67 $0.43
EPMC Revenue using 2007-
2011 Average Marginal Costs $0.0334 $0.0847 $1.67 $0.43
Notes:

The first block is 250,000 MWh per month.

Billing demand would be highest 15-minute demand in the current winter season (Dec.-Mar.),
with the December calculation taking into account the previous Jan. - Mar.

Indicates price equal to marginal cost.

1 Scenario One marginal capacity costs are expected to be nearly ten times higher in the post-2020 period than in
2007-2011. If the Labrador Interconnect is constructed (possibly as early as 2014), the market-based marginal
capacity cost will also be higher than near-term Scenario One estimates for 2007-2011.
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B. Options for Industrial Rates

The current industrial rate structure consists of a substantial demand charge applied to billing
demand (defined by complex formulae in the individual industrial customer contracts'®) and a
flat energy charge that is subject to the RSP adjustment. As Table 3 shows, the energy charge is
significantly below marginal cost and the demand charge is significantly higher than marginal
cost.

The same two options discussed for the NP rate also make sense for NLH’s industrial customers.
Given the critical importance of marginal energy costs, a two-block energy-only structure could
be developed, with the tail block set at marginal cost and the first block set sufficiently below
marginal cost to reconcile to the class revenue requirement. The first block should be defined at a
size small enough that all industrial customers consume significant amounts of energy in the
higher-priced tail block each month.

Moving to an energy-only block structure for the industrial customers might have significant bill
impacts for individual customers within the class. This problem could be eliminated by
implementing a customer-specific first-block size that keeps customers’ bills unchanged at the
previous year’s consumption level (or unchanged except for the percent change in the class’
overall revenue requirement).'” This approach is feasible because of the small number of
customers in the class. New customers could be assigned a first-block size based on the average
of the first-block sizes of all similar-sized customers in the class. Table 6 illustrates this rate
structure (without identifying customer-specific block sizes) for forecast 2007 revenues and
EPMC revenues.

The energy-only block structure would eliminate the incentive for industrial customers to sign up
for interruptible service for a portion of their load, unless there were separate modifications of
the interruptible rate. Currently, energy supplied on a curtailable basis is charged at the estimated
marginal energy cost — in most cases the cost of energy provided from Holyrood. Interruptible
loads do not incur a demand charge. Because the current interruptible rate would become the
standard industrial tail-block rate for firm service, an energy-only rate design would not provide
any cost savings to customers willing to take interruptible service. This issue is discussed in
Section C below.

'® A typical definition is the highest of (1) the contract demand (“Amount of Power on Order”), (2) 75 percent of the
prior’s year’s contract demand or (if lower) the prior year’s contract demand less 20,000 kW, and (3) highest
metered demand taken in that calendar year (net of interruptible demand); with adjustments for supply
interruptions, strikes and other force majeure events.

7 Procedures might be developed to adjust the block size with a major change in an industrial customer’s level of
operations.
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Table 6: Illustrative Industrial Energy-only Tariffs

Energy-Only Rates
First Block Price  Second Block Price
(20073 per kWh) (20073 per kWh)

With Class Revenue Equal to:

Forecast 2007 Revenue $0.0290 $0.0847
EPMC Revenue using 2007-

2011 Average Marginal Costs $0.0415 $0.0847
Notes:

The first block price in both structures is based on assumed total class block size of
50,000 MWh per month, or an average of 4,500 MWh per month per customer.
The block size per customer could be customized to control adverse bill impacts.

Indicates price equal to marginal cost.

A second option for industrial rate structure would be the demand/energy structure described for
the NP rate. It would have time-differentiated demand charges in the winter, set at marginal cost
and applied to billing demands reflecting current winter peak demand (or in the case of
December, taking peak demand in the previous January-March into account), and a blocked
energy charge with the tail block set at full marginal cost. Again, the first-block size could be
customer-specific to reduce or eliminate adverse bill impacts. Table 7 illustrates the charges
under this approach, using estimates of the new billing demands by period.
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Table 7: Illustrative Industrial Energy/Demand Tariffs

Energy/Demand Rates

Winter Peak Winter Off-

Demand Peak Demand
First Block Price  Second Block Price Charge Charge
(20078 per kWh) (20078 per kW/mo)
With Class Revenue Equal to:
Forecast 2007 Revenue $0.0277 $0.0847 $1.67 $0.43
EPMC Revenue using 2007-
2011 Average Marginal Costs $0.0399 $0.0847 $1.67 $0.43
Notes:

The first block price in both structures is based on assumed total c/ass block size of
50,000 MWh per month, or an average of 4,500 MWh per customer.
The block size per customer could be customized to control adverse bill impacts.

Billing demand would be highest 15-minute demand in the current winter season (Dec.-Mar.),
with the December calculation taking into account the previous Jan. - Mar.

Indicates price equal to marginal cost.

This structure has the same efficiency benefits described for its use in the NP rate: the marginal
price for energy and demand is equal to marginal cost; only modest implementation costs are
likely; and the structure preserves the demand charge component which is likely to increase in
importance in future years. This structure would maintain some incentive to participate in the
interruptible program, but that incentive would be much reduced compared to current rates
because the avoided demand charges would be significantly lower.

C. Options for Interruptible Rates

The results of the marginal cost study imply that interruptible load has little value on a planning
basis, other than avoided energy costs when curtailments are called. However, interruptible load
may have important benefits on an operational basis, which are not captured in a long-term
marginal cost analysis. Such benefits could include avoided outages in years with low water or
prolonged unit outages and other operational cost savings.

If industrial and NP rates are restructured to eliminate or significantly reduce demand charges,

the benefits of participating in the interruptible program will fall dramatically. An alternative that
would provide efficient incentives to participate would be to compensate interruptible load for
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the benefits provided at the time of interruptions.'® The payments (or credits) could be based on
the estimated value of avoided outages, and paid on the basis of kWh curtailed. Curtailable loads
under the direct control of NLH’s dispatchers might also be paid/credited an amount that reflects
the option value of their immediate curtailability. Curtailable loads with characteristics capable
of providing spinning reserves could be compensated for serving this function at the avoidable
cost. This approach is similar to some of the demand-response programs being implemented by
ISOs in the US. These programs compensate curtailable loads controlled by the system operator
for operational savings they provide.

V. Impacts of Rate Structure Changes

Any analysis of alternative rate structures should take into consideration impacts such as utility
revenue adequacy, customer load changes, implementation and administrative costs, and bill
impacts.

A. Revenue Adequacy

Each of the rate structures discussed above could incorporate the RSP, which protects NLH’s
revenues from variations in water conditions, loads, and fuel costs. Modifications of the RSP’s
application could improve the efficiency of total prices. For example, adjustments due to changes
in load or water conditions could be applied only or primarily to the first-block prices, and
changes in fuel costs applied only or primarily to the tail-block price, thereby keeping that price
closer to marginal cost.

B. Customer Load Changes

The purpose of marginal cost-based rate structures is to send efficient price signals to guide
customer energy decisions (and therefore utility investment and system operation). The proposed
elimination or significant reduction in demand charges is likely to encourage much more
attention by NP and the industrial customers to demand-side management that affects their
overall energy consumption, and less on mechanisms that flatten their loads. However, many of
the energy-conserving technologies likely to be employed (such as added insulation, more
efficient lighting and motors, and use of alternative fuels) will also cut demand in peak periods.
Consequently, significant reductions in system load factor are unlikely. However, it would be
prudent to discuss this issue with NP and the industrial customers before implementing a major
change in rate structure.

C. Implementation and Administrative Costs

NLH has the metering in place necessary to implement the rate structures discussed above.
Moderate changes in the billing system might be required for some of them, but this is not likely

' For example, NP might install radio-controlled switches on selected appliances of their customers, enabling these
appliances to be cycled off for specific periods when NLH calls for curtailments.
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to be a serious impediment. The small number of customers involved means that providing
information on the new rates and counseling customers on what they can do to take advantage of
the new structures are not likely to be onerous tasks.

D. Bill Impacts

A key benefit of the two-block energy charge structure for the industrial class is that customer-
specific first-block sizes can be defined to protect customers, if necessary, from sudden changes
in their bills, while still giving all customers efficient prices for marginal use. Adverse bill
impacts on NP are expected to be unlikely, given that the class’ revenue requirement would
remain unchanged, if the rates are neutral by class, and decline if EPMC is applied. The impact
on NP’s retail customers will depend upon the extent to which NP reflects the new wholesale
rate structure in its rates to retail customers.
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Memo

To: Newfoundland & Labrador Hydro
Date: June 28, 2006

From: Hethie Parmesano and William Rankin

Subject: Revised Test 1 Marginal Cost Results and Rate Design Implications

At your request, we have calculated a new set of marginal generation costs using the “Test 1”
fuel price assumption mentioned in our original report—350 percent of NLH’s Spring 2006 fuel
price forecast.' This memo provides the results of that exercise, and its implications for rate
structure.

Marginal Generation Capacity Costs

Dramatically lower fuel price forecasts change the generation expansion plan.” Two of the new
hydro units in the base case plan are no longer cost-effective, and the combined cycle
combustion turbine (CCCT) is moved up instead. The table below compares the two expansion
plans.

"“NLH Fuel Prices Spring 2006.xIs” provided by NLH in April 2006.

* The generation expansion plans (and associated LOLH and plant operation information) used in both the original
marginal cost analysis and the Test 1 analysis described in this memo, were developed by NLH using a slightly
earlier fuel price forecast that was lower in the early years and slightly higher (by about one percent) in the later

years than the April 2006 forecast.
E Marsh & McLennan Companies




Table 1: Comparison of Expansion Plans

Current Test 1 (50 Percent Fuel Forecast)
2007
2008 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)
2009
2010
2011

2012 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)
2013 25 MW Wind Farm (91 GWh) 25 MW Wind Farm (91 GWh)

2014

2015 Island Pond (186 GWh) Island Pond (186 GWh)
2016

2017

2018 Round Pond (128 GWh) 125 MW CCCT (986 GWh)

2019 Portland Creek (77.3 GWh)
2020 125 MW CCCT (986 GWh)
2021
2022
2023
2024
2025

The combination of the new expansion plan and lower fuel costs has several effects on the
marginal cost of generation capacity. First, the energy savings provided by the remaining hydro
unit in the plan (Island Pond) are reduced because of lower fuel prices, so the net annual cost of
the new hydro capacity, including losses, is higher in the Test 1 case compared to the base case
($158.89 per kW compared to $6.41 per kW).

Second, the change in timing alters the pattern of annual loss-of-load hours (LOLH) after 2018.
The ratio of expected-to-target LOLH is multiplied by the annualized net cost of the marginal
capacity source to determine the annual cost in a give year. The table below compares the
patterns of annual LOLH in the base case and Test 1.
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Table 2: Annual LOLH

Test 1 (50 Percent
Base Fuel Forecast)
2006 0.44 0.44
2007 0.51 0.51
2008 0.61 0.61
2009 0.64 0.64
2010 0.93 0.93
2011 1.31 1.31
2012 2.88 2.88
2013 2.86 2.86
2014 2.77 2.77
2015 2.61 2.61
2016 1.87 1.87
2017 2.36 2.36
2018 2.79 2.36
2019 2.68 0.49
2020 2.28 0.63
2021 0.47 0.78
2022 0.61 0.99
2023 0.89 1.42
2024 1.26 1.98
2025 1.57 2.46

Third, the basis of the generation capacity cost switched from the net cost of hydro capacity to
the cost of the CCCT earlier, reflecting the change in the expansion plan.

There is one additional change reflected in the Test 1 results. A concerned was expressed that
the regression equation used to estimate the loader for general plant in the original marginal
cost study might not be representative of the marginal general plant associated with large
generation additions, since there was only one such addition in the data set used for the
regression. This becomes a larger factor when the generation capacity cost increases, as in Test
1. The marginal generation capacity costs for Test 1 presented in this memo reflect a lower
general plant loader than the original report—15 percent instead of the original 24.7 percent.’

The table below compares the base case and Test 1 marginal generation capacity costs, stated in
dollars per kW-month, for three groups of years: 2007-2011, 2012-2020, and 2021-2025.

’ Fifteen percent is more consistent with: (1) the weighted average ratio of cumulative general plant to cumulative
total plant less general plant additions for the period 1991-2004; and (2) coefficients of a range of alternative
regression specifications where statistical significance could not be rigorously established due to a limited
number and co-linearity of observations.
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Table 3: Monthly Marginal Generation Capacity Cost

Marginal Energy Costs

Base Case Test 1

(2007 Dollars/kW)
2007-2011 $0.15 $3.78
2012-2020 $0.49 $9.89
2021-2025 $5.98 $8.83

The original marginal cost computations assumed that Holyrood would remain the marginal
source of energy in all hours and all years. However, with the CCCT coming into service
earlier under the Test 1 expansion plan, we have now assumed that the marginal energy source
in 2019 and beyond will be the new CCCT. The table below, which compares the base case and
Test 1 marginal energy costs, reflects this change as well as uses 50 percent of the Spring 2006

fuel price forecasts.

Table 4: Marginal Energy Costs

Test 1 (50 Percent
Base Case Fuel Forecast)
------------------ (2007 Dollars) ----------------
(D 2
2007-2011 $0.085 $0.043
2012-2020 $0.086 $0.049
2021-2025 $0.087 $0.048

Marginal Cost Summary Tables

The following table summarizes the marginal costs of all system elements, using the Test 1
results for energy and marginal generation capacity costs.
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Table 5: Total Marginal Costs

Base Case Test 1 (50 Percent of Fuel Forecast)
Winter Winter
Peak Off-Peak  Non-Winter Peak Off-Peak  Non-Winter
2007-2011
(1) Energy (per kWh) $0.085 $0.085 $0.085 $0.043 $0.043 $0.043
?2) Generation Capacity (per kW-mo) $0.38 $0.07 $0.00 $9.45 $1.81 $0.05
3) Transmission (per kW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
@) Total per kW-mo $1.67 $0.43 $0.00 $10.68 $2.15 $0.05
2012-2020
%) Energy (per kWh) $0.086 $0.086 $0.086 $0.049 $0.049 $0.049
6) Generation Capacity (per kW-mo) $1.22 $0.23 $0.01 $24.70 $4.73 $0.13
@) Transmission (per kW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
®) Total per kW-mo $2.51 $0.59 $0.01 $25.93 $5.07 $0.13
2021-2025
©) Energy (per kWh) $0.087 $0.087 $0.087 $0.048 $0.048 $0.048
(10) Generation Capacity (per kW-mo) $14.93 $2.86 $0.08 $22.03 $4.22 $0.11
(11) Transmission (per KW-mo) $1.29 $0.35 $0.00 $1.23 $0.34 $0.00
12) Total per kW-mo $16.21 $3.21 $0.08 $23.27 $4.56 $0.12

Rate Structure Implications

The Test 1 results, with much higher capacity costs and much lower energy costs, suggest a
very different rate structure from that consistent with the base case marginal cost estimates. For
purposes of discussing rate structure implications, we have used average marginal costs for the
period 2007-2011, as we did in our previous rate structure analysis.

The table below compares the charges in current rates (forecast 2007 rates at current rate
structures and base case fuel forecast) with the average 2007-2011 Test 1 marginal cost results
for the three major classes: Newfoundland Power, Industrial (firm) and Non-firm Industrial.
Use of the Test 1 marginal cost results would imply significantly higher demand charges for
NP and firm Industrial customers, but applied only in the winter months (ignoring the very
small capacity costs in non-winter months). Test 1 marginal energy costs imply large
reductions in the tail block of NP rates, somewhat higher energy charges to firm industrial
customers, and lower energy charges to non-firm industrial customers. It is important to note,
however, that the “current” rates shown on Table 6 do not reflect the lower fuel price
assumptions in the Test 1 marginal cost estimates.
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Table 6: Comparison of Forecast Current 2007 Rate Structures and Average 2007-2011

NP Rates

Industrial Rates (Firm)

Non-Firm Industrial Rate

Marginal Costs
Energy Demand
2007$/kWh 2007$/kW-mo.
Winter Non-Winter
Peak Off-Peak
Marginal Costs $0.0434 § 1073 § 2.16 $0.05

All months (12-month ratchet)

1st Block $0.0054
2nd Block $0.0877

$0.0384

$0.0877

Period Definitions (Newfoundland time)

$6.97

$6.38

(Not applicable)

Winter: Jan — Mar and Dec

Peak: Weekdays, 7:00 am to noon & 4:00 pm to 8:00 pm.

Off-Peak: All remaining hours.

Non-Winter: April — November
No time-of-day differentiation.
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